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1. Introduction

The purpose of thisreport isto define the objectives of the Oil and Gas Supply Model (OGSM), to describe
the model's basic approach, and to provide detail on how the model works. This report is intended as a
reference document for model analysts, users, and the public. It is prepared in accordance with the Energy
Information Administration's (EIA) legal obligation to provide adequate documentation in support of its
statistical and forecast reports (Public Law 93-275, Section 57(b)(2).

Projected production estimates of U.S. crude oil and natural gas are based on supply functions generated
endogenously within National Energy Modeling System (NEMS) by the OGSM. OGSM encompasses
domestic crude oil and natural gas supply by both conventional and nonconventional recovery techniques.
Nonconventional recovery includes enhanced oil recovery (EOR), and unconventional gasrecovery (UGR)
from tight gas formations, Devonian/Antrim shale, and coalbeds. Crude oil and natural gas projections are
further disaggregated by geographic region. OGSM projects U.S. domestic oil and gas supply for six Lower
48 onshore regions, three offshore regions, and Alaska. The general methodology relies on forecasted
profitability to determineexploratory and developmental drilling levelsfor each region and fuel type. These
projected drilling level strand ateinto reserve additions, aswell asamodification of the production capacity
for each region.

OGSM also representsforeign tradein natural gas, simulating imports and exports by entry region. Foreign
gas trade may occur via either pipeline (Canada or Mexico), or viatransport ships as liquefied natural gas
(LNG). Theseimport supply functions are critical elements of any market modeling effort.

OGSM utilizes both exogenous input data and data from other modules within NEMS. The primary
exogenous inputs are resource levels, finding rate parameters, costs, production profiles, and tax rates - all
of which are critical determinants of the expected returns from projected drilling activities. Regional
projections of natural gaswellhead pricesand production are provided by the Natural Gas Transmission and
Distribution Module (NGTDM). From the Petroleum Market Model (PMM) come projections of the crude
oil wellhead prices at the OGSM regional level. Important economic factors, namely interest ratesand GDP
deflatorsflow to OGSM from the Macroeconomic Module. Controlling information (e.g., forecast year) and
expectations information (e.g., expected price paths) come from the integrating, or system module.

Outputsfrom OGSM go to other oil and gas modules (NGTDM and PMM) and to other modules of NEMS.
NGTDM employs short-term supply functions, the parameters for which are provided by OGSM for
nonassociated gas production and natural gasimports. Crudeoil production isdetermined withinthe OGSM
using short-term supply functions. The short-term supply functions reflect potential oil or gas flowsto the
market for a 1-year period. The gas functions are used by NGTDM and the oil volumes are used by PMM
for the determination of equilibrium pricesand quantitiesof crudeoil and natural gasat thewellhead. OGSM
also provides projections of natural gas production to PMM to estimate the corresponding level of natural
gas liquids production. Other NEM S modul es receive projections of selected OGSM variables for various
uses. Oil and gas production is forwarded to the Systems Module. Forecasts of oil and gas production go to
the Macroeconomic Module to assist in forecasting aggregate measures of output.
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OGSM isarchived aspart of theNational Energy Modeling System (NEMS). Thearchival packageof NEM S
is located under the model acronym NEM S2003. The version is that used to produce the Annual Energy
Outlook 2003 (AEO2003). The packageisavail ablethrough the National Technical Information Service. The
model contact for OGSM is:

Ted McCallister

Room 2E-088

Forrestal Building

Energy Information Administration
1000 Independence Avenue, S.W.
Washington, D.C.

Phone: 202-586-4820

This OGSM documentation report presents the following major topics concerning the model.
® Model purpose
® Model overview and rationale

e Modd structure

Inventory of input data, parameter estimates, and model output

Detailed mathematical description.
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2. Model Purpose

OGSM isacomprehensive framework with which to analyze oil and gas supply potential and related issues.
Its primary function isto produce forecasts of crude oil and natural gas production, and natural gasimports
and exports in response to price data received endogenously (within NEMS) from the Natural Gas
Transmission and Distribution Model (NGTDM) and the Petroleum Market Model (PMM). TheOGSM does
not provide nonassociated gas production forecasts per se, but rather parameter estimates for short-term
domestic gas production functions that reside in the NGTDM.

The NGTDM utilizes the OGSM supply functions during a solution process that determines regional
wellhead market-clearing prices and quantities. After equilibrationisachievedin each forecast year, OGSM
calculates revised parameter estimates for the supply functions for the next year of the forecast based on
equilibrium prices from the PMM and NGTDM and natural gas quantities received from the NGTDM.
OGSM then sendstherevised parametersto NGTDM, which updatesthe short-term supply functionsfor use
in thefollowing forecast year. The determination of the projected natural gas and crude oil wellhead prices
and quantities supplied occurs within the NGTDM, PMM, and OGSM. As the supply component only,
OGSM cannot project prices, which are the outcome of the equilibration of demand and supply. The basic
interaction between OGSM and the other oil and gas modules is represented in Figure 1. Controlling
information and expectations come from the System Module. Major exogenous inputs include resource
levels, findingrate parameters, costs, production profiles, and tax rates- all of which arecritical determinants
of the oil and gas supply outlook of the OGSM.

Figure 1. OGSM Interface with Other Oil and Gas Modules
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OGSM operateson aregionally disaggregated level, further differentiated by fuel type. Thebasic geographic
regions are Lower 48 onshore, Lower 48 offshore, and Alaska, each of which, in turn, is divided into a
number of subregions (see Figure 2). The primary fuel typesare crude oil and natural gas, which arefurther
disaggregated based on type of deposition, method of extraction, or geologic formation. Crude oil supply
includes production from conventional and enhanced oil recovery techniques as well as lease condensate.
Natural gasis differentiated by nonassociated and associated-dissolved gas.! Nonassociated natural gasis
categorized by conventional and unconventional types. The unconventional gas category in OGSM consists
of resourcesin tight sands, Devonian/Antrim shale, and coal bed methane formations.

OGSM provides mid-term (through year 2025) forecasts, as well as serving as an analytical tool for the
assessment of variouspolicy alternatives. One publication that utilizesOGSM forecastsisthe Annual Energy
Outlook (AEO). Analytical issues OGSM can addressinvolve policiesthat affect the profitability of drilling
through impacts on certain variables including:

® drilling costs,
® production costs,
® regulatory or legislatively mandated environmental costs,

® key taxation provisions such as severance taxes, State or Federal income taxes, depreciation
schedules and tax credits, and

o therate of penetration for different technologies into the industry by fuel type.

The cash flow approach to the determination of drilling levels enables OGSM to address some financial
issues. In particular, the treatment of financial resourceswithin OGSM allows for explicit consideration of
the financial aspects of upstream capital investment in the petroleum industry.

OGSM is aso useful for policy analysis of resource base issues. OGSM analysis is based on explicit
estimates for technically recoverable oil and gas resources for each of the sources of domestic production
(i.e., geographic region/fuel type combinations). With some modification thisfeature could allow the model
to be used for the analysis of issuesinvolving:

o the uncertainty surrounding the technically recoverable oil and gas resource estimates, and

® access restrictions on much of the offshore Lower 48 states, the wilderness areas of the onshore
Lower 48 states, and the 1002 Study Area of the Arctic National Wildlife Refuge (ANWR).

In general, OGSM will be used to foster a better understanding of the integral role that the oil and gas
extraction industry plays with respect to the entire oil and gas industry, the energy subsector of the U.S.
economy, and the total U.S. economy.

!Nonassociated (NA) natural gasisgas not in contact with significant quantities of crude oil in areservoir. Associated-dissolved
natural gas consists of the combined volume of natural gasthat occursin crude oil reservoirs either asfree gas (associated) or asgas
in solution with crude oil (dissolved).
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Figure 2. QOil and Gas Supply Regions
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3. Model Rationale and Overview

Introduction

This chapter provides a brief overview of the rationale and theoretical underpinnings of the methodol ogy
chosen for the Qil and Gas Supply Module (OGSM). First a classification of previous oil and gas supply
modeling methodologies is discussed, with descriptions of relevant supply models and comments on their
advantages and disadvantages. This leads to a discussion of the rationale behind the methodol ogy adopted
for OGSM and its various submodules, including the onshore and offshore Lower 48 States, the foreign
natural gas supply submodule, and the Alaska submodule.

Overview of Oil and Gas Supply Modeling Methods

Oil and gas supply model shaverelied on avariety of techniquesto forecast future supplies. Thesetechniques
can be categorized generally as geologic/engineering, econometric, "hybrid" -- an approach that combines
geol ogic and econometric techniques, and market equilibrium. The geol ogic/engineering modelsare further
disaggregated into play analysis models and discovery process models.

Geologic/Engineering Models
Play Analysis

According to the U.S. Geological Survey (USGS), a play is a group of geologically related, known or
undiscovered accumul ations (prospects) having similar hydrocarbon sources, reservairs, traps, and geologic
histories. A prospect is a geologic feature having the potential for the trapping and accumulation of
hydrocarbons. Prospects are thetargets of exploratory drilling. Play analysisrelieson detailed geologic data
and subjective probability assessments of the presence of oil and gas. Seismic information, expert
assessments, and information from analog areas are combined in a Monte Carlo simulation framework to
generate a probability distribution of the total volume of oil or gas present in the play. These models are
primarily used asasource assessment tool, but they have been used with an economic component to generate
oil and gas reserve additions and production forecasts.

An example of aplay analysismodel isEIA's Outer Continental Shelf Oil and Gas Supply Model (OCSM)?,
which was developed during the late 1970s and early 1980s. The OCSM used a field-size-distribution
approach to evaluate Federal offshore supply (including production from the Gulf of Mexico, Pacific, and
Atlantic offshore regions). The OCSM drew on a series of Monte Carlo models based on the work of
K aufman and Barouch.? These model sstarted with lognormal field-sizedistributionsand examined the order
inwhichfieldsarediscovered. The OCSM also drew on an alternative approach taken by Drew et a.,* which

'Outer Continental Shelf (OCS) Oil and Gas Supply Model, Volume 1, Model Summary and Methodol ogy Description, Energy
Information Administration, Washington, D.C., December 1982, DOE/EIA-0372/1. and Farmer, Richard D., Harris, Carl M.,
Murphy, Frederic H., and Damuth, Robert J., "The Outer continental Shelf Oil and gas Supply model of the Energy Information
Administration," North-Holland European Journal Of Operation Research, 18 (1984), pages 184-197.

2Kaufman, G.M., and Barouch, E., "The Interface Between Geostatistical Modeling of Oil and Gas Discovery and Economics,”
Mathematical Geology, 10(5), 1978.

Drew, L.J., Schuenemeyer, J.H., and Bawiec, W.J., Estimation of the Future Rate of Oil and Gas Discovery in the Gulf of Mexico,
U.S. Geologic Survey Professional Paper, No. 252, Reston, VA, 1982.
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was an extension of the Arps and Roberts approach to resource assessment,” falling between simple
extrapolation and Monte Carlo simulation. Thisalternative approach explicitly represented an exponential ly
declining exploration efficiency factor (in contrast to that of Kaufman and Barouch, in which declining
efficiency wasrelated solely to the assumed declinein field size). Under thisapproach, finding ratesfor the
number of fields in a collection of size categories were estimated (as opposed to determining an aggregate
finding rate)--an approach involving massive data requirements.

Key differences between the OCSM and other field-size-distribution models included the fact that OCSM
was based on (@) geological data on undiscovered structures obtained from the U.S. Department of the
Interior (as opposed to data smulated from aggregate regional information), (b) a highly detailed
characterization of the supply process, (c) arel atively sophisticated treatment of uncertainty, and (d) explicit
consideration of investment decisions at the bidding, development, and production stages, in addition to the
exploration stage.

Although the OCSM had many superior qualities, it was highly resourceintensive. In particular, the OCSM
required (a) maintenance of a large database on more than 2000 prospects in 30 offshore plays, (b)
considerable mainframe CPU time to execute completely, reflecting the highly complex algorithmic and
programming routines, and (c) maintenance of awide range of staffing skillsto support both the model and
the underlying data. Since all these problems violate basic key attributes required of an oil and gas supply
model operating in the NEM S environment, adopting asimilar play analysis approach for the OGSM was
rejected.

Discovery Process

Kaufman, Balcer, and Kruyt described discovery process modeling as "building a model of the physics of
oil and gas field discovery from primitive postul ates about discovery that are individually testable outside
the discovery model itself.” Unlike play analysismodels, discovery process models can only be used in well
developed areas where information on exploration activity and oil and gas discovery sizes is readily
available. Discovery processmodel sreflect the dynamicsof thediscovery processand do not requiredetailed
geologic information. They rely instead on historical exploratory drilling and discoveries data.

Although the detail s of discovery process modelsvary, they all rely on the assumption that the larger the oil
or gasfield, the more likely it will be discovered. This assumption leads to discovery rates (the amount of
oil or gasfound per unit of exploratory effort) that typically declineas more of an areaisexplored. Discovery
process model s usually specify afinding rate equation using afunctional form such that discoveries decline
with cumulative drilling.

Discovery process models have generally been applied to specific geologic basins, such as the Denver-
Julesburg basin (Arps and Roberts 1959). They have a so been used in studies of the Permian Basin® and the
North Sea. Discovery process models do not usually incorporate economic variables such as costs, profits,
and risk. Returns to exploratory effort are represented in terms of wells drilled or reserves discovered.

Since there are generally no economic components, discovery process models cannot project time paths of
future drilling and reserve additions without using ad hoc constraints (for example constraints on rigs or
expenditures). The constraints chosen become to some extent deciding factors in the model outcome.

“4Arps, J.J., and Roberts, T.G., "Economics of Drilling for Cretaceous Oil on East Flank of Denver-Julesburg Basin," American
Association of Petroleum Geologists Bulletin 42, 1958.

®Future Supply of Oil and Gas from the Permian Basin of West Texas and Southeastern New Mexico, U.S. Geological Survey,
Washington DC, 1980
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Typically factors such as cash flow or the availability of rigsare constrained to enable the model to forecast
satisfactorily.

The OGSM s intended to support the market analysis requirements of NEMS. Thus, it includes both an
economic and ageol ogic component. A model of industry activity wasdevel oped for the OGSM that predicts
expenditure and drilling levels each period of the forecast horizon. The estimated levels of drilling are used
to determineoil and gasreserve additionsin each period through afinding rate function. The modular nature
of OGSM does allow for future consideration of an alternate geologic approach such as a pure discovery
processmodel. Whereas many discovery processmodel sspecify onefinding ratefunction, OGSM usesthree
to capture the varying influences of new field wildcat, other exploratory, and development drilling on the
discovery process.

Econometric Models

Many econometric models do not include a description of geologic trends or characteristics -- for example,
average discovery sizes do not vary systematically with cumulative exploratory drilling as in discovery
process models. Additionally, these models, for the most part, have not been based on a dynamic
optimization model of firm behavior and do not incorporate expectations of future economic variables -- a
limitation that also applies, for the most part, to the geol ogic/engineering models.

Econometric models have made some inroads in overcoming these problems. Rational expectations
econometric models have been developed by Hendricks and Novales and by Walls which are based on
intertemporal optimization principles that incorporate uncertainty and inherently attempt to capture the
dynamics of the exploration process.® Geologic trends also are accounted for, though not in as much detail
asthey are in play analysis and discovery process models.

Theseimprovementsarenot without cost. Thetheoretical specificationsof rational expectationseconometric
models must be highly simplified in order to obtain analytic solutions to the optimization problems. This
feature of these models meansthat it isimpossible to describe the oil supply process with the level of detail
that the more ad hoc approaches allow. In addition, along time series of historical dataisnecessary in order
to obtain consistent parameter estimates of these models. Such atime series does not exist in many cases,
especialy for frontier areassuch asthe offshore or at theregional levelsrequired for NEMS. Finally, because
of the degree of mathematical complexity inthe models, forecasting and policy analysis often turn out to be
intractable.

Econometric methods have been employed primarily for studies of asingleregion, either arelatively limited
areasuch asasingle State or more broad-based such asthe entire Lower 48 States. An example of theformer
isthework by Griffin and Moroney (1985), which was used to study the effects of a State severancetax in
Texas. Work onlarge scal e aggregate dataappear in studiesby Epple (1985) and Walls(1989). These studies
link models of individual dynamic optimizing behavior under uncertainty to the use of econometric
technigques. In general, the firm is assumed to maximize a quadratic objective function subject to linear
constrai ntson the processes governing the stochastic variablesthat areoutsidethefirm'scontrol. IntheWalls
model, an oil exploration firm chooses the number of exploratory wellsto drill in each period to maximize
the expected discounted present value from exploration, providing a clear link between a theory of the
explorationfirm'sdynamic behavior under uncertai nty and the econometric equationsof themodel. However,
in addition to other considerations, the model is so mathematically complicated that "...it isimpossible to

®Hendricks, Kenneth and Alfonso Novales, 1987, Estimation of dynamicinvestment function in oil exploration, Draft manuscript.
Walls, Margaret A., 1989, Forecasting oil market behavior: Rational expectations analysis of price shocks, Paper EM87-03
(Resources for the Future, Washington, D.C.)
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describe the oil supply process with the same level of detail as the ad hoc models. In other words, it is
difficult, if not impossible, to model all of the stages of supply in arealistic way."” Such amodel would not
be appropriate for the intended role of NEMS, although it can be quite useful in other applications.

Hybrid Models

Hybrid models are an improvement in some ways over both the pure process models and the econometric
models. They typically combine a relatively detailed description of the geologic relationship between
discoveries and drilling with an econometric component that estimates the response of drilling to economic
variables. In thisway, atime path of drilling may be obtained without sacrificing an accurate description of
geologictrends. Such ahybrid approach hasbeen directly implemented (or incorporatedindirectly, using the
results of hybrid models) under a variety of methodological frameworks. Such frameworks include the
system dynamics methodology used in the FOSSIL2 model, which underlies the 1992 National Energy
Srategy and numerous related studies.

The Energy and Environmental Analysis' (EEA) Hydrocarbon Supply Model (HSM) is one example of a
hybrid model. The HSM employs an enhanced discovery process component to estimate discoveries from
the underlying resource base and an economic component to provide costsfor expl oration, development and
production of oil and gasaccumulations. Overall industry activity issubject to an econometrically determined
financial constraint.

The American Gas Association's former Total Energy Resource Analysis model (TERA) employs an
econometric approach to determine changesin aggregate L ower 48 onshore drilling based on a profitability
index. Offshore Lower 48 supply is evaluated offline for inclusion in the outlook. New supplies flow from
discoveriesthat depend on afinding rate. Thisfinding rate doesnot rely on an explicit resource estimate, but
does reflect resource depletion given cumulative increases in reserves. Technology influences the finding
rate, but it primarily manifestsitself in lower costs by reducing the number of dry holes experienced in the
supply process.

Global Insight’s oil and gas supply model also employs a hybrid approach. Lower 48 exploratory drilling
depends on projected net revenues. Developmental drilling isafunction of lagged exploratory wells. New
supplies occur from discoveriesthat depend on afinding rate. The finding rateitself isbased on an analysis
of recent trendsin observed data. The extrapol ative technigue used does hot incorporate an explicit estimate
for economically recoverable resources. Technology is not explicit within the model, but it istreated on an
ad hoc basis.

Market Equilibrium Models

Market-equilibrium models connect supply and demand regions via a transportation network and solve for
the most efficient regional allocation of quantities and corresponding prices. Market-equilibrium models
tend to be single energy market models that concentrate on the economic forces that efficiently balance
markets across regions without explicit representation of other fuel market conditions. Consideration of the
processes that alter supply and demand are not necessarily modeled in detail; stylized regional supply and
demand curves are postul ated.

An example of amarket-equilibrium model is Decision Focus Incorporated's North American Regiona Gas
Model (NARG). Regional suppliesof indigenousproduction are based on arepresentation of thegasresource

"Walls, Margaret A., Modeling and forecasting the supply of oil and gas: A survey of existing approaches, Resources and Energy
14 (1992), North Holland, p 301.
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base as a continuous, ordered stream of reserve increments that will be discovered and developed over a
range of prices. As prices rise, thus covering increasing costs, additional portions of the resource base
systematically become available to the market. Regional supply curves also reflect an assessment of the
expected cost characteristics of the technically recoverable resource base.

Supply regions are linked to demand regions throughout the United States and Canada by a network of
existing and prospective pipelines, with specified capacity constraints and tariffs. Within the framework of
thismodel, 17 supply regions are specified: 12 inthe United Statesand 5in Canada.® Each region hasitsown
gas supply curve based on estimates of the resource base and associated costs of discovery and devel opment
fromthe Potential Gas Committee (United States), the Canadian Energy Research Institute, and the Canadian
National Energy Board.

The partial equilibrium nature of these modelsis contrary to the requirementsof an oil and gas supply model
operating within the integrated environment of NEMS. Moreover, the solution from a market equilibrium
model consists of avolume of gas produced, rather than a supply schedule as required by the Natural Gas
Transmission and Demand Model. Finally, the forecasting capabilities of thisapproach are opento question
giventhat many of the key parametersare not subjected to the discipline of validation against historical data.

OGSM Rationale

None of the models described are able to address all the issues that would be required of the OGSM. For
example, some model s might have reasonabl e representations of the onshore supply process, but completely
lack an offshore or unconventional fuel component. Some models only provide a representation of the gas
supply industry while aimost completely ignoring oil supplies. Some models provided only limited ability
to be simulated under different fiscal and policy environments. OGSM had to be devel oped keeping in mind
the overall goal of NEM S - the ability to address many of the likely physical and policy variablesthat might
affect future U.S. il and gas supplies.

Animportant consideration regarding many of the models discussed above is that they typically tend to be
highly resourceintensive, both (a) intermsof personnel requirementsfor devel opment and mai ntenance and
(b) in terms of execution time and other computational resource requirements. It was for these reasons that
the OCSM model, the EIA's offshore play-analysis model, was ultimately retired.

Another difficulty with many of these models is that the relationships in the models are typically not
subjected to thedisciplineof validation against historical data--infact, there are usually too many parameters
in the modelsto estimate econometrically. Asaresult, the model s cannot project time paths of future oil and
gas supply without the use of ad hoc constraints that turn out to be important determinants of the forecasts
generated by the models.

Accordingly, the OGSM lower 48 conventional onshore submodule uses some features of the discovery-
process approach, but does not employ any of the traditional discovery process models discussed earlier
because they are too dataintensive. This design helpsto satisfy some of the specification requirements set
forth for the NEMS,° which emphasize, among other attributes, model transparency and mode! efficiency.
Thissubmodule, which constitutesamajor part of the OGSM, does not determine activity levelsonthebasis
of an explicit economic evaluation of discrete production units, such as individual producing fields. The

8Mexico has been introduced into the model as anet import flow in 1992 work for the National Petroleum Council's Natural Gas
Study.

9See, for example, Requirements for a National Energy Modeling System, December 1991, and Recommended Design for the
National Energy Modeling System, October 1991.
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requirements for performing a disaggregated field analysis were prohibitive in the context of the time and
resources needed to develop and maintain such an approach, without necessarily affecting the modeling
results appreciably. There does exist here, however, an endogenous simulation of separate discretionary
levels for exploratory and developmental drilling in contrast to the fixed relationship between exploratory
and developmental drilling that characterizes many other models.

TheAlaskaOil and Gas Supply Submodule (AOGSS), the Unconventional GasRecovery Supply Submodule
(UGRSS), the Offshore Supply Submodule (OSS), and the liquefied natural gas (LNG) component of the
Foreign Natural Gas Supply Submodule (FNGSS) are treated differently from the conventional lower 48
onshore. These methodol ogies take more of an engineering approach. In the case of Alaskathisis because
of the relative low number of fields (compared to the Lower 48 states) expected to be economically viable
in Alaska. For unconventional gas, the paucity of historical data and the expected future importance of
technology were the major determinants of this decision. For the deep water offshore, the historical data
problems were even more significant and played a similar role. The representation of LNG in OGSM is
unique because field production is not part of domestic operations. The stages of the LNG process to be
modeled primarily concern the receipt of LNG at importation facilities and its subsequent conversion into
gaseous natural gas.

Theremainder of thissection providesabrief discussion of the rational es and methodol ogies of the OGSM's
submodules.

Lower 48 Oil and Gas Supply

A hybrid econometric/discovery process approach was used to model Lower 48 states conventional oil and
gas supply and UGR supply in the OGSM.™ The geology is represented in the model's discovery-process
components, while the economics of exploration, devel opment, and production are captured by the model's
econometric equations component. The methodol ogy was designed for two basic purposes. (1) to generate
forecasts of future drilling activity, and oil and gas supplies under aternative scenarios and (2) to provide
aframework for analyzing the potential impacts of policy changes on future drilling activities and oil and
gassupplies. The OGSM was designed to meet these two requirementsin atransparent and efficient manner,
while simulating the supply behavior of the oil and gas industry and incorporating essential behavioral and
physical relationships without resorting to extraordinarily complex functional forms and/or algorithms.

Conventional Lower 48 Onshore Supply

Relying on basic research on the determinants of business investment, it isassumed that the industry'slevel
of domestic exploration and developmental drilling is determined by several major factors, including: the
expected oil and gas prices, the expected profitability of domestic exploration and developmental drilling
and the economic and geologic risk associated with exploration and developmental drilling. The drilling
equations are econometrically based. Specifically, the levels of exploration and developmental drilling are
forecast on the basis of econometrically estimated equations that relate historical exploration and
developmental drilling to the explanatory variables given above.

The econometric approach was chosen over a linear programming approach or a hybrid linear
programming/econometric approach of the type used in PROLOG, the OGSM's predecessor, for two major
reasons. First, incurring the additional computational burden associated with solving alinear programming
problem with multiple constraints seemed inefficient relative to forecasting directly from the estimated

oA dlightly different approach was employed to represent EOR and deep water offhore supply activities and these methods are
described in the following sections.
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historical relationships. Thisisespecialy critical given that NEM S requirementsinclude the goal s of quick
execution and the efficient utilization of computer resources. Second, the linear programming approach
requires the explicit specification of the objective function while an econometrically based approach does
not. If the true objective function is unknown or cannot be specified without adding undue complexity and
computational burden to the model, then an econometric approach is more sensible. For empirical purposes,
implementation of the econometric approach does not require specification of an explicit objectivefunction,
but only theidentification of explanatory variableswhose movements can berelated, on average, to changes
in investment that are driven by a particular behavioral objective, e.g, profit maximization.

The econometric method of determining drilling activity levels on the basis of expected profitability, is
certainly in line with the methodol ogies of several other respected oil and gas supply models. For example,
overall industry drilling activity inthe Hydrocarbon Supply Model (HSM) of the Energy and Environmental
Analysis(EEA) issubject to an econometrically determined financial constraint. The Total Energy Resource
Analysis(TERA) model of theformer American Gas Association (AGA) employs an econometric approach
to determine changes in aggregate lower 48 onshore drilling based on a profitability index. The Global
Insight model forecasts exploratory drilling on the basis of projected net revenues. Though the specific
detailsdiffer acrossthemodels, their unifyingtraitisan explicit recognition of theimportant linkagesamong
profitability, exploration and developmental drilling expenditures (financial resources), and drilling activity
levels.

The total number of wells drilled for each specific drilling activity is converted to expenditure levels by
multiplying the drilling levels by estimates of drilling costs per well, which vary by region and fuel type.
Based on historical proportions, exploratory wellsare separated into new field wildcatsand other exploratory
wells. Differentiation between types of exploratory drillingisafeaturethat isnot found in most other hybrid
models. It enables the discovery process component to more redlistically model the reserves additions
process.

Proved reserves comprise the only source for production, and the discovery processisthe means by which
nonproducing resources (i.e., undiscovered economically recoverable resources or inferred reserves) are
converted into proved reserves. The discovery process component in OGSM consists of aset of finding rate
eguations that relate the volume of reserve additions to drilling levels. Three discovery processes are
specified: new field discoveries from new field wildcats, field extension volumes from other exploratory
drilling, and reserve revisions due to developmental drilling. New field wildcat discovery volumes are
separated into proved and inferred reserves based on the historical relationship between afield's ultimate
recovery and itsinitial discovery size. Inferred reserves are converted into proved reservesin later periods
through other exploratory and developmental drilling. This differentiation in finding rates provides a more
accurate representation of the reserves discovery processin the oil and gas industry. Exogenous estimates
of theundiscovered economically recoverabl eresource baseareincorporatedinthefinding rates. Thisallows
user assumptions concerning the resource base to be specified for purposes of policy analysis, such as
offshore drilling moratoria. The distinction between proved and inferred reservesis also found in EEA's
HSM, though the separate impacts of new field wildcats and other exploratory wells on the reserves
discovery process is not modeled there.

Conventional Offshore Supply

Whilethe hybrid econometric/discovery process approach isasignificant improvement over purely process
modelsor econometric models, itisstill inherently inadequate when if comesto determining expl oration and
development activity from predominantly frontier areas. Thisisdue to the reliance of the hybrid model on
significant historical information being availableto forecast future activity based on historical performance.
Deep water offshore Gulf of Mexico is still arelatively new frontier and very little information to develop
equations for the discovery process/econometric type models exists. Due to significant differences in
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technology, costs, and productivity of fields in the deep water areas compared to those from shallow water
areas, it would be incorrect to extrapol ate the data from shallow water areas to the deep water fields.

An adlternative, field-based engineering and economic anaysis approach alows for the explicit
characterization of the undiscovered resource basein the off shoreareas, and the eval uation of thetechnol ogy
options, project scheduling and expenditures for exploration, development and production activities as a
function of the water depth and field size. It also makes use of a discounted cash flow algorithm to
characterize project profitability. A positive net present value for each prospect is directly associated with
the minimum acceptable supply price (MASP) for that prospect.

The production timing algorithm explicitly makes choices for field exploration and development based on
relative economicsof the project profitability compared with the equilibrium crude oil and natural gasprices
determined by PMM and NGTDM in OGSM. Development of inferred (economic) reserves into proved
reservesisconstrained by drilling activity. Proved reserves aretrand ated into production based on reserves-
to-production (R/P) ratio. The drilling activity and the R/P ratio are both determined by extrapolating the
historical information.

This approach not only permits analysis of each and individual prospect, but also permits the possibility of
looking at the impact of various regulatory, policy, and financial issues by evaluating these impacts at the
individual prospect level. Thus, the field-based engineering and economic analysis approach utilized to
project supply potential from the offshore Gulf of Mexico OCS significantly enhances OGSM' s analytical
capabilities. The model, due to its modular construction, can be easily adapted to address other economic
issues, and also to address other potential deepwater offshore areas in the future.

Unconventional Gas Recovery Supply

Prior tothe current UGRSS, unconventional gasrecovery actitivitiesweretreated the same as conventional .
The current UGRSS replaced the previous econometric based UGRSS with a geol ogy/engineering based
submodule. The previous UGRSS was based on econometric equations estimated from rather incomplete
data that reflect historical trends during a period in which the relative importance of UGR was probably
significantly lessthan it will be in future decades. With the eventual depletion of conventional resources,
thereislikely to be considerable pressure to devel op the relatively abundant unconventional gas resource
base much more intensively in order to meet projected increases in natural gas demand. In the future
development of the unconventional gas resource base, technology is expected to play aprominent role, and
a geology/engineering based module is much more capable of portraying that role. The UGRSS provides
an internal, integrated methodology for estimating the impact of future advances in technology on
unconventional gas production.

The UGRSS is a play level model that specifically analyzes the three major unconventional resources -
coalbed methane, tight gas sands, and gas shales. The UGRSS calculates the economic feasibility of
individual plays based on locally specific wellhead prices and costs, resource quantity and quality, and the
various effects of technology on both resources and costs. In each year aninitial resource characterization
determinesthe expected ultimaterecovery (EUR) for thewellsdrilled inaparticular play. Resourceprofiles
areadjusted to refl ect assumed technol ogical impactsonthesize, availability, and industry knowledge of the
resourcesintheplay. Subsequently, pricesreceived fromthe NGTDM and endogenously determined costs
adjusted to reflect technological progressare utilized to cal cul atethe economic profitability (or lack thereof)
for the play. If the play is profitable, drilling occurs according to an assumed schedule, which is adjusted
annually to account for technological improvements, aswell as varying economic conditions. Thisdrilling
resultsinreserve additions, the quantitiesof which aredirectly related tothe EUR’ sfor thewellsin that play.
Given these reserve additions, reserve levels and (“expected”) production-to-reserves (P/R) ratios are
recalculated at the NGTDM regional level. The resultant values are sent to OGSM, where they are
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aggregated with similar values from the other submodules. The aggregate P/R ratios and reserve levels are
then passed to the NGTDM, which determines through market equilibration the prices and production for
the following year.

Foreign Natural Gas Supply

TheForeign Natural Gas Supply Submodul e consistsof threekey components: Canadian gastrade, liquefied
natural gas (LNG) trades and gas trade with Mexico. Different methodological approaches were taken for
each component inrecognition of inherent differences between the various modes of import and the different
circumstances affecting both supply capacity inthe source country anditspotential availability to the United
States. The process by which Canadian gasflowsto the United Statesis essentially the same process as that
for U.S. supplies in the Lower 48 states. LNG imports are very different however, with available
regasification capacity and the unit costs of transportation, liquefaction, and regasification being the most
important determinants of import volumes. Production costsin countries currently or potentially providing
LNG are arelatively small portion of total unit costs for gas delivered into the U.S. transmission network.
Natural gastradewith M exicoisprojected using assumptionsregarding regional supply and regional/sectoral
demand growth for natural gas in Mexico that have been developed from an assessment of current and
expected industry and market circumstances as indicated in industry announcements, or articles or reports
in relevant publications. Excess supply is assumed to be available for export to the United States, and any
shortfall is assumed to be met by imports from the United States.

Canadian Gas Supplies

Conventional natural gas suppliesfrom Western Canada are modeled using ahybrid approach similar to the
onetaken for the Lower 48 States. The model has two key components, adiscovery process component and
an economic component. The economic component forecastsdrilling activity asafunction of the natural gas
wellhead priceand productioninthe previousforecast year. Thediscovery processcomponent rel atesreserve
additionsper period towellsdrilled. A hybrid method was chosen for modeling Canadian gas suppliessince
this approach most effectively meetsthe numerous analytical requirements of OGSM. Also, sufficient data
areavailablefor the Canadian oil and gasindustry. Finally, although this approach isasomewhat simplified
version of the Lower 48 methodology, the two models are methodologically consistent. Natural gas
productionfrom other sourcesin Canadaarerepresented directly intheNGTDM and documented separately.

Liguefied Natural Gas

LNG hasbeenincluded asan explicit element of some natural gas models. LNG isrepresented in one of two
ways, depending on the basic nature of the model. It has been included as a basic element in models such as
the World Gas Trade Model (WGTM).* It also has been added to an expanded version of the Hydrocarbon
Supply Model (HSM) that was used for the National Petroleum Council Natural Gas Study (1992).

Global trade models are based on a disaggregation of the world, in which countries or groups of countries
are separated into consuming and producing regions. Each region hasastylized representation of supply and
demand. Regions are connected via a transportation network, characterized by interregional transportation
costs and flow constraints. LNG isincorporated into global trade models as possible gas trade between two
noncontiguous countries. The model solves for the most efficient regional alocation of quantities and
corresponding prices. The extensive scope of these models (and commonly encountered limitations of the
necessary data) does not allow for detailed representations of gas supply or demand.

“The World Gas Trade Model (WGTM) basically is a global expansion of the NARG, using the Generalized Equilibrium
Modeling System (GEMS). Thismodel will not be described in detail because of the extreme similarity of the two models.
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The incorporation of LNG trade into each model generally has occurred as an enhancement of established
models. Both LNG importsand exportsareincluded, with LNG exportsfrom Alaskaas an exogenousfactor.
LNG imports are represented as gas supply available to the appropriate U.S. regions according to a
prespecified schedule reflecting industry announcements. The model solution includes an endogenous
determination of flows through LNG facilities and new capacity in response to price.

The LNG agorithm in OGSM differs from the OGSM supply approaches for domestic and Canadian
production. It utilizes supply curvesfor LNG imports, but it does not model explicitly the exploration and
development process. These supply curves are based on the estimated cost of delivering LNG into the
pipeline network in the United State and include all costsassociated with production, liquefaction, shipping,
and regasification. The supply curves mark the unit costs, which serve as economic thresholds that must be
attained before investment in potential LNG projects will occur. Extensive operational assumptions were
made on current import terminal capacity and the timing of planned capacity expansions.

Gas Trade with Mexico

Gas trade between the United States and Mexico tended to be overlooked in earlier modeling efforts.
Mexican gas trade is a highly complex issue. A range of noneconomic factors will influence, if not
determine, futureflowsof gasbetween the United Statesand M exico. Uncertainty surrounding Mexican/U.S.
trade is great enough that not only is the magnitude of flow for any future year in doubt, but also the
direction of flow. Reasonabl e scenarios have been devel oped and defended in which Mexico may be either
anet importer or exporter of hundreds of billions of cubic feet of gas by 2010."2

Despite the uncertainty and the significant influence of noneconomic factors that influence Mexican gas
trade with the United States, a methodology to anticipate the path of future Mexican imports and exports
has been incorporated into FNGSS. This outlook is generated using assumptions regarding regional supply
and regional/sectoral demand growth for natural gasin Mexico that have been devel oped from an assessment
of current and expected industry and market circumstances as indicated in industry announcements, or
articlesor reportsin relevant publications. Excess supply isassumed to be available for export to the United
States, and any shortfall is assumed to be met by imports from the United States.

Alaskan Oil and Gas Supplies

Alaska has a limited history as a source of significant volumes of crude oil and natural gas. Initial
commercial flows of crude oil from the Alaskan North Slope began on June 17, 1977. Interest in analyzing
the volumetric potential of Alaskaas asource of oil or gassuppliesarose after the late 1960's discovery of
the Prudhoe Bay field, which isthe largest in North America. During the years since the mid-1970's, there
have been numerous special studies of either a one-time nature or limited in scope. An early study by
Mortada (1976) projected expected oil production through 2002.%* The results of thisanalysiswere used in
Congressional hearings regarding the construction and operation of the Trans-Alaska Pipeline System
(TAPS). A Department of the Interior (DOI) study (1981) analyzed the supply potential of the National
Petroleum Reserve - Alaska (NPRA). This work was used in the consideration of leasing the NPRA for
exploration and development.

Generalized modelsthat deal with both oil and gas potential for Alaska are not as common as those for the
L ower 48 States. M ost forecasting agencies, including the EIA, have not devoted alarge amount of resources
towards the devel opment and maintenance of adetailed Alaskan oil and gasrepresentation in their domestic

2For example, the National Petroleum Council study, The Potential for Natural Gas in the United States, December 1992.
BMortada International, The Determination of Equitable Pricing Levels for North-Sope Alaskan Crude Oil, (October 1976).
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productionmodels. Generally, forecasting groupseither adopted aproj ection fromanother agency, or utilized
other projections as the basis for selected ad hoc modifications as appropriate. The latter approach occurs
in EIA's previous modeling work regarding Alaskan supply in PROLOG.

Thisseeming inattention to building an Alaskaoil and gas supply model arose fromthe limited extent of the
projection horizon that was needed. Projectionsin EIA had been for periods of 10 to 15 years, and up to 20
yearsonly inthe early 1990s. This period length limitsthe flexibility in Alaskan activities, wherelags of 10
to 15 years affect the discovery and devel opment process. Thus, the bulk of oil production for at least 15
years under virtually any scenario depends almost wholly on the recovery from currently known fields.
Marketing of natural gas from the Alaskan North Slope is not expected until later in this decade at the
earliest, because of the lack of facilitiesto movethe gasto L ower 48 markets. Absent a pipelineto transport
the gas to the lower 48 States, Alaskan natural gas production is set based on aforecast of demand for the
fuel in Alaska provided by the NGTDM.

The present methodol ogy for the Alaska Oil and Gas Supply Submodule (AOGSS) differsfrom that of the
Lower 48 States representation. A discovery process approach with ad hoc constraints was chosen for the
AOGSS. This method was chosen because of the unique nature of industry operations in Alaska and the
limited number of fields do not lend themselves readily to application of the Lower 48 approach.

The AOGSSisdivided into three components: new field discoveries, development projects, and producing
fields. A discounted cash flow method is used to determine the economic viahility of each project at netback
price. The netback price is determined as the market price less intervening transportation costs. The
continuation of the exploration and development of multi-year projects, as well as the discovery of a new
field, isdependent on profitability. Production is determined on the basis of assumed drilling schedules and
production profiles for new fields and development projects, and historical production patterns and
announced plans for currently producing fields.

Qil and gas prices are the principal driving variables and are received from the Petroleum Market Module
and the Natural Gas Transmission and Distribution Module respectively.
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4. Model Structure

Introduction

This chapter describes the Oil and Gas Supply Module (OGSM), which consists of a set of submodules
(Figure 3) that perform supply analysis of domestic oil and gas production and foreign trade in natural gas
between the United States and other countries via pipeline or as liquefied natural gas. The OGSM provides
crude oil production and parameter estimates representing natural gas supplies by selected fuel typeson a
regional basis to support the market equilibrium determination conducted within other modules of the
National Energy Modeling System (NEMS). Theoil and gas suppliesin each period are balanced against the
regional derived demand for the produced fuels to solve simultaneously for the market clearing prices and
guantitiesin the digjoint wellhead and enduse markets. The description of the market analysis models may
befound in the separate methodol ogy documentation reportsfor the Petroleum Market Module (PMM) and
the Natural Gas Transmission and Distribution Model (NGTDM).

The OGSM mirrors the activity of numerous firms that produce oil and natural gas from domestic fields
throughout the United States or acquire natural gasfromforeign producersfor resalein the United States or
sell U.S. gasto foreign consumers. The OGSM encompasses domestic crude oil and natural gas supply by
both conventional and nonconventional recovery techniques. Nonconventional recovery includes
unconventional gas recovery (UGR) from low permeability sandstone and shale formations, and coal beds.
Crudeoil and natural gas projectionsarefurther disaggregated by geographic region. The OGSM represents
foreign trade in natural gas as imports and exports by entry region of the United States. These foreign
transactions may occur via either pipeline (Canada or Mexico), or via shipstransported as liquefied natural
gas (LNG).

The model’ s methodol ogy is shaped by the basic principle that the level of investment in a specific activity
is determined largely by its expected profitability. In particular, the model assumes that investment in
exploration and development drilling, by fuel type and geographic region, is a function of the expected
profitability of exploration and development drilling, disaggregated by fuel type and geographic region.

The OGSM includesan enhanced methodol ogy for estimating short-term oil and gas supply functions. Short-
termisdefined asal-year period inthe OGSM. Thisenhancement improvesthe procedurefor equilibrating

Figure 3. Submodule within the Oil and Gas Supply Module
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the natural gas and oil markets by allowing for the determination of regional market clearing pricesfor each
fuel, as opposed to the previous modeling system that only equilibrates markets at anational market clearing
price.

Output pricesinfluence oil and gas suppliesin distinctly different waysin the OGSM. Quantities supplied
asthe result of the annual market equilibration in the PMM and NGTDM are determined as a direct result
of theobserved market pricein that period. Longer-term supply responsesarerelated toinvestmentsrequired
for subsequent production of oil and gas. Output prices affect the expected profitability of these investment
opportunities as determined by use of a discounted cash flow evaluation of representative prospects.

The OGSM, compared to the previous EIA midterm model, incorporates amore compl ete and representative
description of the processes by which oil and gas in the technically recoverable resource base' convert to
proved reserves.? The previous model treated reserve additions primarily as a function of undifferentiated
exploratory drilling. The relatively small amount of reserve additions from other sources was represented
as coming from developmental drilling.

The OGSM distinguishes between drilling for new fields and that for additional deposits within old fields.
This enhancement recognizes important differences in exploratory drilling, both by its nature and in its
physical and economic returns. New field wildcats convert resourcesin previously undiscovered fields® into
both proved reserves (as new discoveries) and inferred reserves.* Other exploratory drilling and
developmental drilling add to proved reserves from the stock of inferred reserves. The phenomenon of
reserves appreciation is the process by which initial assessments of proved reserves from a new field
discovery grow over time through extensions and revisions. This improved resource accounting approach
is more consistent with literature regarding resource recovery.®

The breadth of supply processes that are encompassed within OGSM resultsin methodological differences
between the oil and gas production from lower 48 onshore conventional resources, lower 48 onshore
unconventional resources, lower 48 offshore, Alaska, and foreign gas trade. The present OGSM
consequently comprises a set of four distinct approaches and corresponding submodules. The label OGSM
asused in thisreport generally refersto the overall framework and the implementation of lower 48 onshore
oil and conventional gas supply. The Unconventional Gas Recovery Supply Submodule (UGRSS) models
gas supply from low permeability sandstone and shale formations, and coalbeds. The Offshore Supply
Submodule (OSS) models oil and gas production in the offshore Gulf of Mexico and Pacific regions. The
AlaskaOil and Gas Supply Submodule (AOGSS) representsindustry supply activity in Alaska. The Foreign
Natural Gas Supply Submodule (FNGSS) models trade in natural gas between the United States and other
countries. These distinctions are reflected in the presentation of the methodology in this chapter.

'Economically recoverable resources are those volumes considered to be of sufficient size and quality for their production to be
commercialy profitable by current conventional technologies, under specified economic assumptions. Economically recoverable
volumesinclude proved reserves, inferred reserves, aswell as undiscovered and other unproved resources. These resources may be
recoverable by techniques considered either conventional or unconventional. Economically recoverable resources are a subset of
technically recoverableresources, which arethose volumes producible with current recovery technology and efficiency but without
reference to economic viability.

2Proved reserves arethe estimated quantitiesthat analysisof geol ogical and engineering datademonstrate with reasonable certainty
to be recoverable in future years from known reservoirs under existing economic and operating conditions.

SUndiscovered resources are located outside of oil and gas fields in which the presence of resources has been confirmed by
exploratory drilling, and thus exclude reserves and reserve extensions; however, they include resources from undiscovered pools
within confirmed fieldsto the extent that such resources occur asunrel ated accumul ations controlled by distinctly separate structural
features or stratigraphic conditions.

“Inferred reserves are that part of expected ultimate recovery from known fieldsin excess of cumulative production plus current
reserves.

5See, for example, An Assessment of the Natural Gas Resour ce Base of the United States, R.J. Finley and W.L. Fisher, et al, 1988,
and The Potential for Natural Gasin the United Sates, Volume Il, National Petroleum Council, 1992.
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Several changes were made to OGSM for the AEO2003. Production from enhanced oil recovery is not
distinguish from conventional crude oil and lease condensate production -- the Enhanced Oil Recovery
Supply Submodule was removed. New finding rate functions for crude oil and conventional natural gas
resourceswereincorporated. Lower 48 onshore and offshorerigs, drilling, and drilling cost equationswere
re-estimated for conventional sources. Parametersfor the Unconventional Gas Recovery Submodule were
updated. Oil resource estimates for the National Petroleum Reserve in Alaska (NPR-A) wererevised. The
drilling equations and finding rate functions for the Canadian Supply Submodule were revised to improve
performance. New construction of LNG regasification facilitiesis possible in each coastal region.

The following sections describe OGSM grouped into five conceptually distinct divisions. Thefirst section
describes crude oil and conventional gas supply inthe lower 48 States. Thisisfollowed by the methodol ogy
of the Offshore Supply Submodule, the Unconventional Gas Recovery Supply Submodule, and then the
Alaska Oil and Gas Supply Submodule. The chapter concludes with the presentation of the Foreign Natural
Gas Supply Submodule. A set of five appendices areincluded following the chapter. These separate reports
provide additional detail on special topics relevant to the methodology. The appendices present extended
discussions on the discounted cash flow (DCF) calculation, the determination of unit costs for delivered
LNG, unconventional gas recovery, technologies for unconventional gas recovery, and offshore supply.

Lower 48 Onshore Supply Submodule

Introduction

This section describes the structure of the models that comprise the lower 48 onshore (excluding UGR)
submodule of the Oil and Gas Supply Module (OGSM). The general outline of the lower 48 submodul e of
the OGSM isprovidedin Figure4. Theoverall structure of the submodul e can be best described asrecursive.
The structure implicitly assumes a sequential decision making process. A genera description of the
submodul€e's principal featuresand rel ationshipscomputationsisprovidedfirst. Thisisfollowed by adetailed
discussion of the key mathematical formulas and computations used in the solution algorithm.

TheOGSM receivesregional oil and gaspricesfromthePMM and NGTDM, respectively. Usingthese prices
in conjunction with data on production profiles, co-product ratios, drilling costs, lease equipment costs,
platform costs (for offshore only), operating costs, severance tax rates, ad valorem tax rates, royalty rates,
State tax rates, Federal tax rates, tax credits, depreciation schedules, and success rates, the discounted cash
flow (DCF) agorithm cal culates expected DCF values in each period associated with representative wells
for each region, well type (exploratory, developmental), and fuel type (crude oil, shallow gas, and deep gas).

Exploratory and development wells by fuel type and region are predicted as functions of the expected

profitabilities of the fuel and region-specific drilling activity. Based on region-specific historical patterns,
exploration wells are broken down into new field wildcats and other exploratory wells.
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Figure 4 . Flowchart for Lower 48 States Onshore Oil and Gas Submodule
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Theforecasted numbers of new field wildcats, other exploratory wells, and developmental wellsareusedin
aset of finding rate equationsto determine additionsto oil and gas reserves each period. New field wildcats
determine new field discoveries. Based on the historical relationship between theinitial quantity of proved
reserves discovered in afield and the field's ultimate recovery, reserves from new field discoveries are
categorized into additions to proved reserves and inferred reserves. Inferred reserves are converted into
proved reserves (extensions and revisions) in later periods by drilling other exploratory wells and
development wells.

Reserve additions are added to the end-of-year reserves for the previous period while the current period's
production is subtracted to yield the end of year reserves for the current period. Natural gas reserves along
with an estimate of the expected production-to-reservesratio for the next period are passed to the NGTDM
for use in their short-run supply functions.

The Expected Discounted Cash Flow Algorithm

For each year t, the algorithm cal cul ates the expected DCF for arepresentative well of typel, inregionr, for
fuel typek. Thecal culation assumes only one source of uncertainty--geology. Thewell can beasuccess (wet)
or afailure (dry). The probahility of successis given by the success rate; the probability of failureisgiven
by one minus the success rate. For expediency, the model first calculates the discounted cash flow for a
representative project, conditional on a requisite number of successful wells. The conditional project
discounted cash flow is then converted into the expected discounted cash flow of arepresentative well as
shown below.

Onshore Lower 48 Development

A representative onshore devel opmental project® consists of one successful developmental well along with
the associated number of dry holes. The number of dry developmental wells associated with one successful
development well is given by [(1/SR) - 1] where SR represents the success rate for a development well in
a particular region r and of a specific fuel type. Therefore, (1/SR) represents the total number of wells
associated with one successful developmental well. All wells are assumed to be drilled in the current year
with production from the successful well assumed to commence in the current year.

For each year of the project's expected lifetime, the net cash flow is calculated as:

NCFON,, ., = (REV - ROY - PRODTAX - DRILLCOST - EQUIPCOST -
OPCOST - DRYCOST - STATETAX - FEDTAX),, ., for i (1)
r = 1 thru 6, k = 1 thru 4, s = t thru t+L
where,
NCFON = annual undiscounted net cash flow for a representative onshore devel opment
project
REV = revenuefrom the sale of the primary and co-product fuel
ROY = royalty taxes
PRODTAX =  production taxes (severance plus ad valorem)

SEquations (1) through (6) in this section and the following one describe the computation of the expected discounted cash flow
estimate for a representative onshore exploratory or developmental well, denoted as DCFON,; . in equations (4) and (6). An
equivalent set of calculations determine DCFOFF, ,,,, the expected discounted cash flow estimate for a representative offshore
exploratory or developmental well. In these equations, the suffix "ON" isreplaced everywhere by "OFF," with al other particulars
remaining the same. These alternate equations are not shown to avoid redundancy in the presentation.
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DRILLCOST = thecost of drilling the successful developmental well
EQUIPCOST = leaseequipment costs
OPCOST = operating costs
DRYCOST = cost of drilling the dry developmental wells
STATETAX = dtateincome tax liability
FEDTAX = federal incometax liability
I = well type (1 = exploratory, 2 = development)
r = subscript indicating onshore regions (see Figure 5 for OGSM region codes)
k = subscript indicating fuel type
s = subscript indicating year of project life
t = current year of forecast
L = expected project lifetime.”

The calculation of REV depends on expected production and prices. Expected production is calculated on
the basis of individual wells. Flow from each successful well beginsat alevel equal to the historical average
for production over the first 12 months. Production subsequently declines at a rate equal to the historical
average production to reserves ratio. The default price expectation is that real prices will remain constant

Figure 5. Lower 48 Oil and Gas Supply Regions with Region Codes

West Coast - 6

Pacific - 8

Atlantic - 7

Shallow Gulf of Mexico - 9

- ~
-

s N
.~ Deep Gulf of Mexico -10

"Abandonment of aproject isexpected to occur inthat year of itslifewhen the expected net revenueis|essthan expected operating
costs. When abandonment does occur, expected abandonment costs are added to the cal cul ation of the project'sdiscounted cash flow.
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over the project's expected lifetime. The OGSM also can utilize an expected price vector provided from the
NEMS system that reflects a user-specified assumption regarding price expectations. The calculations of
STATETAX and FEDTAX account for the tax treatment of tangible and intangible drilling expenses, lease
equipment expenses, operating expenses, and dry hole expenses. The algorithm also incorporatestheimpact
of unconventional fuel tax credits and has the capability of handling other forms of investment tax credits.
For a detailed discussion of the discounted cash flow methodology, the reader isreferred to Appendix 4-A
at the end of this chapter.

The undiscounted net cash flowsfor each year of the project, cal culated by Equation (1), are discounted and
summed to yield the discounted cash flow for the representative onshore developmental project
(PROJDCFON). This can be written as:

1

PROJDCFON, ,, = SUCDCFON, . + [(SRi,r,k) - 1] * DRYDCFON, ., @)
fori =2
where,
SUCDCFON = the discounted cash flow associated with one successful onshore
developmental well
DRYDCFON = thediscounted cashflow associated with onedry onshore developmental well
(dry hole costs).

Since the expected discounted cash flow for a representative onshore devel opmental well is equal to:

DCFON, ,;, = SR, * SUCDCFON,,,, + (1 - SR,,) * DRYDCFON,,,, for i = 2 3)

i,rk,t i,r

itiseasily calculated as:

DCFON,,,, = PROJDCFON, ,,, * SR, fori =2 r = 1thru 6, k = 1 thru 4 (4)
where,
DCFON =  expected discounted cash flow for a representative onshore developmental
well.

Onshore Lower 48 Exploration

A representative onshore exploration project consists of one successful exploratory well, [(/SR,,,)-1] dry
exploratory wells, m, successful development wells, and m*[(1/SR,,,)-1] dry development wells. All
exploratory wells are assumed to be drilled in the current year with production from the successful
exploratory well assumed to commence in the current year. The developmental wells are assumed to be
drilled in the second year of the project with production from the successful developmental well assumed
to begin in the second year.

The calculations of the yearly net cash flows and the discounted cash flow for the exploratory project are

identical to those described for the developmental project. The discounted cash flow for the exploratory
project can be decomposed as:
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PROJDCFON, ,,; = SUCDCFON,  + m, *

SUCDCFON,, ., + || —2—| - 1|
o SRZ,r,k

()

DRYDCFON,,,

. (( 1 ] - 1] «DRYDCFON,
SRl,r,k

where,
m, = number of successful developmental wellsin arepresentative project.

Thefirst two termson theright hand side represent the discounted cash flows associated with the successful
exploratory well drilledinthefirst year of the project and the successful and dry devel opmental wellsdrilled
in the second year of the project. The third term represents the impact of the dry exploratory wells drilled
in the first year of the project.

Again, as in the development case, the expected DCF for a representative onshore exploratory well is
calculated by:

DCFON, ;.\, = PROIDCFON, . * SRy, (6)

Calculation of Alternative Expected DCF's as Proxies for Expected Profitability

In some instances, the forecasting equations employ alternative, usually more aggregated, forms of the
expected DCF. For example, an aggregate expected fuel level DCF is calculated for each region . This
aggregate expected DCF is calculated as a weighted average of the expected exploratory DCF and the
expected developmental DCF for each fuel. Specifically,

WELLS, 11
WL e = - 7)
E WELLSl,r,k,tfl
i=1
and
2
ODCFON,, = ¥ wl,,, *DCFON,,,, for k=1 (8)
i-1
2
SGDCFON,, = ¥ w1, *DCFON, . for k=3 9)
i=1
where,
WELLS = waélsdrilled
ODCFON =  expected DCF for ail
SGDCFON =  expected DCF for shallow gas
DCFON =  expected discounted cash flow for arepresentative onshore well.
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Calculation of Cash Flow for Wells Determination

Expected industry cash flow is calculated as,
CASHFLOW, = c0 + c1*OILRATIO, + c2*GASRATIO, (10)

where OILRATIO (GASRATIO) istheratio of the price of oil (natural gas) in 1997 dollarsto the national
oil (natural gas) well operating cost index in 1997 dollars. The national operating cost indices were
constructed as follows.

For each year, aweighted average of regional well operating costs (in 1997 dollars) was calculated for ail,
shallow gas, and deep gas using successful wells from the previous year as weights. The national gas
operating cost was cal culated as aweighted average of the national shallow and deep operating costs using
successful wells from the previous year as weights. The indices were then calculated by dividing the
operating costs for each year by the operating cost for 1997.

Lower 48 Onshore Wells Forecasting Equations

For each onshore Lower 48 region, the number of wells drilled by well class and fuel type is forecasted
generally as afunction of the expected profitability, proxied by the expected DCF, of arepresentative well
of classi, inregion r, for fuel type k, in year t and expected industry cash flow. In some specific cases,
however, the forecasting equations may use the lagged val ue of the expected DCF or amore aggregate form
of the expected DCF.

The specific forms of the equations used in forecasting wells are given in Appendix B. These equations can
be expressed in the following generalized form.

Pik

WELLSON,,,, = exp(m0, + m00,,,) = DCFON/7;t* » (CASHFLOW,~REMAINRES,, )™* + WELLSON,

e pna, (11)
* exp(-p; * (M0, + M0, ) * DCFON, yi ;™ * (CASHFLOW, ,*REMAINRES, ;) " ™
where,
WELLSON = lower 48 onshore wells drilled by class, region, and fuel type
DCFON = expected DCFfor arepresentative onshorewell of classl, inregionr, for fuel
typek, in year t
CASHFLOW = cashflowinyeart
REMAINRES = theratio of remaining undiscovered resources plusinferred reservesin year t
and undiscovered resources plusinferred reserve estimatesin 1977
m's,o’s = estimated parameters
p = estimated seria correlation parameter
i = wdltype
r = lower 48 regions
k = fuetype
t = vyear.
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Successful and Dry Wells Determination

The number of successful wellsin each category isdetermined by multiplying the forecasted number of total
wells drilled in the category by the corresponding success rates. Specifically,

SUCWELSON; .,y = WELLSON;  * SR, fori =1, 2, r = onshore regions, k =1 thru 4 12)
where,
SUCWELSON = successful onshore lower 48 wells drilled
WELLSON = onshorelower 48 wellsdrilled
SR = drilling successrate
i = well type (1= exploratory, 2 = development)
r = lower 48 onshore regions
k = fue type(1=oail, 2=shalow gas, 3= deep gas, 4 = tight sands gas)
t = year.

Dry wells by class, region, and fuel type are calculated by:

DRYWELON, ., = WELLSON,,,, - SUCWELSON, . for i = 1, 2, (13)
r = onshore regions, k = 1 thru 4
where,
DRYWELON number of dry wells drilled onshore
SUCWELSON successful lower 48 onshore wells drilled by fuel type, region, and well type
WELLSON onshore lower 48 wells drilled by fuel type, region, and well type

[ well type (1 = exploratory, 2 = devel opment)
lower 48 onshore regions
fuel type (1 = shalow ail, 2 = deep ail, 3 = shallow gas, 4 = deep gas)

year.

r
k
t

Drilling, Lease Equipment, and Operating Cost Calculations

Three major costs classified within the OGSM are drilling costs, |ease equipment costs, and operating costs
(including production facilities and general/administrative costs). These costs differ among successful
exploratory wells, successful developmental wells, and dry holes. The successful drilling and dry hole cost
equations capture the impacts of complying with environmental regulations, drilling to greater depths, rig
availability, and technological progress.

One component of the drilling equations that causes costs to increase is the number of wellsdrilled in the
givenyear. But withinthe framework of the OGSM, the number of wellsdrilled cannot be determined until
the costs are known. Thus, drilling is estimated as a function of price as generalized bel ow:

ESTWELLS, = exp(b0) * POIL” *PGAS™ * ESTWELLS’, * exp(-p=b0) * POIL "™ » PGAS %™ (14)

ESTSUCWELLS, = exp(c0) * POIL ™ +PGAS™ » ESTSUCWELLS?, * exp(-p*c0) * POIL %™ + PGAS " (15)

where,
ESTWELLS = estimated total onshore lower 48 wells drilled
ESTSUCWELLS = estimated successful onshore lower48 wells drilled
POIL = averagewellhead price of crude oil
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PGAS = averagewsellhead price of natural gas
bO,b1,b2,cO0,cl,c2 = estimated parameters
p = estimated seria correlation parameter

t year.

The estimated level of drilling is then used to calculate the rig availability. The calculation is given by:
RIGSL48, = exp(b0) * RIGSL48™ * REVRIG™ (16)

where,

RIGSL48 onshore lower 48 rigs

REVRIG = tota drilling expenditures per rig
bO,bl, b2 = estimated parameters
t = vyear.
Drilling Costs

In each period of the forecast, the drilling cost per successful well is determined by:

DRILLCOST,, = exp(bo,,) * exp(bly,) * exp(b2,,) + ESTWELLS™ a7)
RIGSL48™" + exp(b5+TIME,)

DRYCOST, , = exp(b0,,) * exp(bl,,) * exp(b2,,) = ESTWELLS™ (18)
RIGSL48™ « exp(b5+TIME,)
where,
DRILLCOST = drilling cost per well
DRYCOST = drilling cost per dry well
ESTWELLS = estimated total onshore lower 48 wells drilled
RIGSL48 =  onshorelower 48 rigs
TIME = timetrend - proxy for technology

r = OGSM lower 48 onshore region
k = fuel type (1= shalow ail, 2 =deep qil, 3 = shalow gas, 4 = deep gas)
d = depthclass

bO, bl, b2, b3, b4, b5 = estimated parameters
t = year.

Lease Equipment Costs
In each period of the forecast, lease equipment costs per successful well are determined by:

LEQC,,, = exp(b0,,) * exp(bl, «DEPTH, ) * ESTSUCWEL LS.[b2k + exp(b3, + TIME) (19)
where,

LEQC
DEPTH

oil and gas well lease equipment costs
average well depth
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ESTSUCWELLS =  estimated lower 48 successful onshore wells
TIME = timetrend - proxy for technology
€0,el,e2 = estimated parameters
r = OGSM lower 48 onshore region
k = fuel type (1=shallow oil, 2=deep oil, 3=shallow gas, 4=deep gas)

t year.
Operating Costs

In each period of the forecast, operating costs per successful well are determined by:

OPC,,, = exp(b0,,) = exp(bl +DEPTH, ) * EST SUCWELLSfZlk * exp(b3, * TIME,) (20)
where,
OPC = oqil and gaswell operating costs
ESTSUCWELLS = estimated lower 48 successful onshore wells
DEPTH = averagewell depth
TIME = timetrend - proxy for technology
bO, bl, b2, b3 = estimated parameters
r = OGSM lower 48 onshore region
k = fuel type (1=shallow oil, 2=deep ail, 3=shallow gas, 4=deep gas)

t year.
The estimated wells, rigs, and cost equations are presented in their generalized form but the forecasting
equationsinclude a correction for first order seria correlation as shown in Appendix E.

Reserve Additions

The Reserve Additions algorithm calculates units of oil and gas added to the stocks proved and inferred
reserves. Reserve additions are calculated through a set of equations accounting for new field discoveries,
discoveries in known fields, and incremental increases in volumetric recovery that arise during the
development phase. Thereisa'finding rate' equation for each phase in each region and for each fuel type.

Each newly discovered field not only adds proved reserves but also a much larger amount of inferred
reserves. Proved reserves arereservesthat can be certified using the original discovery wells, whileinferred
reserves are those hydrocarbons that require additional drilling before they are termed proved. Additional
drilling takes the form of other exploratory drilling and development drilling. Within the model, other
exploratory drilling accountsfor proved reserves added through new pools or extensions, and devel opment
drilling accounts for reserves added through revisions.

The volumetric yield from a successful new field wildcat well is divided into proved reserves and inferred
reserves. The proportions of reserves allocated to these categories are based on historical reserves growth
statistics. Specifically, the allocation of reserves between proved and inferred reservesis based on theratio
of theinitial reserves estimated for anewly discovered field relative to ultimate recovery from the field.®

8A more compl ete discussion of the topic of reserve growth for producing fields can be found in Chapter 3 of The Domestic Qil
and Gas Recoverable Resource Base: Supporting Analysis for the National Energy Strategy.
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Functional Forms

Oil or gasreserve additions from new field wildcats are a function of the cumulative new field discoveries,
theinitial estimate of recoverable resources for the fuel, and the rate of technological change.

Total successful exploratory wellsaredisaggregated into successful new field wildcatsand other exploratory
wellsbased on ahistorical ratio. For therest of the chapter, successful new field wildcatswill be designated
by thevariable SW1, other successful exploratory wellsby SW2, and successful devel opment wellsby SW3.

Discoveries per successful new field wildcat are afunction of drilling activity, average depth, atime trend
that proxies the impact of technological change, and the estimated volume of remaining undiscovered
resources. Specifically, the finding rate equation for new field wildcatsis

FRI,,, = e @) 4 %DM . oPleSWhi  RESOURCE, %  FRLY, , (21)
Py PO, * —p Bl * “PrBrx
& @ PrPOCDEPTH o o P BLeSWL g RESOURCEr,kFthl
where,
FR1 = newfield wildcatsfinding rate
DEPTH = averagedepth
SW1 = number of successful new field wildcats
RESOURCE = remaining undiscovered resources
a,Bl, p2,8 = estimated parameters
p = estimated seria correlation parameter
r = region
k = fuel type (oil or gas)
t = vyear.

The above equation provides a rate at which undiscovered resources convert into proved and inferred
reserves as afunction of cumulative new field wildcats. Given an estimate for the ratio of ultimate recovery
from a field relative to the initial proved reserve estimate, X, ,, the X, reserve growth factor is used to
separate newly discovered resources into either proved or inferred reserves. Specifically, the change in
proved reserves from new field discoveries for each period is given by

1
NRD,,, = * FRL, * SW1,,, (22)
rk
where,
X = reserves growth factor
NRD = additionsto proved reservesfrom new field discoveries.

X isderived from historical data and it is assumed to be constant during the forecast period.

Reserves are converted from inferred to proved with the drilling of other exploratory wells and
developmental wells in a similar way as proved and inferred reserves are modeled as moving from the
resource base as described above. The volumetric return to other exploratory wells is shown in the
following equation.
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FR2r,k,t = e%k 4 @PLEOBXPWL ¢ INFRf,S’t‘k . ePhcver FRZrF,)IE,tfl
. o Pk e—pk*[ilk*OEXF’\NLryk‘l 1 INFRer;TtkjEBr,k N efpk*[}4k*yeat 1 (23)
where,
FR2 = other exploratory wellsfinding rate
OEXPWL = successful other exploratory wells
INFR = remaninginferred reserves

a, B, B2, B3,p4 = estimated parameters
p = estimated seria correlation parameter
r = region
k = fuel type (oil or gas)
t = vyear

Reserverevisionsarean extremely important source of reserve additions. For instance, over the period 1990-
97, revisions added almost nine Tcf to conventional gas reserves in the onshore Gulf Coast Region alone.
Unfortunately, the determinants of revisions and adjustments are not well understood and thus projecting
net revisionsand adjustmentsis somewhat problematic. For example, anegative adjustment or revision can
be recorded because of a change in ownership and, thus, not linked directly to drilling. Dividing these
negative volumes by the number of developmental wells does not result in ameaningful finding rate. Asa
result, net revisions and adjustments, as opposed to revisions per well drilled, are econometrically estimated
using the following general form.

INFR,, "BOYRES, /| P+ QPAWHPL o
BOYRES,,

2
B3 *WHPY ¢

REVISIONS,,, = (e™* *
(24)

WHP, ¢

4
*eB CWHP L @O CMPWray 1y BOYRES,,,

where,
REVISIONS = netrevisions and adjustments
INFR = remaining inferred reserves
BOYRES =  beginning-of-year reserves
WHP = wellhead price
CUMDWL = cumulative successful development wells
o, B1, p2,B3,p4,5 = estimated parameters
r = region
k = fuel type (oil or gas)
t = vyear

The conversion of inferred reserves into proved reserves occurs as both other exploratory wells and
developmental wells exploit asingle stock of inferred reserves. The entire stock of inferred reserves can
be exhausted through either the other exploratory wells or developmental wells alone. This extreme
result is unlikely given reasonable drilling levelsin any one year. Nonetheless, the simultaneous
extraction from inferred reserves by both drilling types could be expected to affect the productivity of
each other. Specifically, the more one drilling type draws down the inferred reserve stock, there could be
a corresponding acceleration in the productivity decline of the other type.
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Total reserve additionsin period t are given by the following equation:

RA = X *FRL ,  +SWL ,, + FRZ,  *SW2 . + REVISIONS, (25)
rk

Finally, total end of year proved reserves for each period equals:

Rr,k,l = Rr,k,tfl - Qr,k,t * RAr,k,l (26)

where,

reserves measured as of the end-of-year
production.

R
Q
Production to Reserves Ratio
The production of nonassociated gasin NEMS is modeled at the "interface" of NGTDM and OGSM
while oil production® is determined within the OGSM. In both cases, the determinants of production
include the lagged production to reserves (PR) ratio and price. The PR ratio, as the relative measure of

reserves drawdown, represents the rate of extraction, given any stock of reserves.

For each year t, the PR ratio is calculated as:

Q
PR = — 27
Ry (27)
where,
PR, = production to reservesratio for year t
Q. = productioninyeart (received from the NGTDM and the PMM)
R, = endof year reservesfor year (t-1) or equivaently, beginning of year

reserves for year t.

PR, represents the rate of extraction from all wells drilled up to year t (through year t-1). To calculate the
expected rate of extraction in year (t+1), the model combines production in year t with the reserve
additions and the expected extraction rate from new wells drilled in year t. The calculation is given by:

PR, - (R * PRt*(lPRt)llt+ (PRNEW * RA) (28)

where,

PR., = expected production to reservesratio for year (t+1)

°Electricity cogeneration and capacity associated with production from enhance oil recovery techniques is held constant at an
average historical level.
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PRNEW = long-term expected production to reservesratio for all wellsdrilled in
forecast
R, = endof year reservesfor year t or equivalently, beginning of year reserves
for year (t+1).

The numerator, representing expected total production for year t+1, comprises the sum of two
components. The first represents production from proved reserves as of the beginning of year t. This
production is the expected production in year t, R_*PR,, adjusted by 1-PR, to reflect the normal decline
from year t to t+1. The second represents production from reserves discovered in year t. No production in
year t+1 is assumed from reserves discovered in year t+1.

PR, is constrained not to vary from PR, ; by more than 10 percent. It is also constrained not to exceed 30
percent.

Thevaluesfor R, and PR,,, for natural gas are passed to the NGTDM for usein their market equilibration
algorithms and for crude oil are passed to a subroutine in OGSM, both of which solve for equilibrium
production and prices for year (t+1) of the forecast using the following short-term supply function:

Qr,k,t+1 = [Rr,k,t] * [PRr,k,t * (l * Br,k * AI:)r,k,t+1):I (29)
where,
R, = endof year reservesin period t
PR, = extractionratein periodt
f = estimated short run price elasticity of supply
AP,, = (P4:-P)/P, proportional changein price fromt to t+1.

The P/R ratio for period t, PR, is assumed to be the approximate extraction rate for period t+1 under
normal operating conditions. The product (R, * PR, isthe expected, or normal, operating level of
production for period t+1. Actual production in t+1 will deviate from expected depending on the
proportionate change in price from period t and on the value of short run price elasticity. Documentation
of the equations used to estimate [ is provided in Appendix E.

Associated Dissolved Gas

Associated dissolved (AD) gas production is estimated as a function of crude oil production. The basic
form of the equation is given as:

ADGAS,, = " « OILPROD/, (30)
where,
ADGAS = associated dissolved gas production
OILPROD = crudeoil production
r = OGSM region
t = year
o« = estimated parameters.
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This simple regression function is used in the estimation of AD gas production in onshore regions 1
through 4. A time dummy isintroduced in onshore regions 5 and 6 and offshore regions of Californiaand
the Gulf of Mexico to represent loosening of restrictions on capacity and changes in regulation.
Specificaly,

ADGAS,, = /(@) +In(e1) -DUMSS, 1 5o ﬂtor*ﬁlr*DUMBGt (31)
where,
DUM86 = dummy variable (1if t>1985, otherwise 0)
«0,21,0,1 = estimated parameters.

Unconventional Gas Recovery Supply Submodule

This section describes the basic structure of the Unconventional Gas Recovery Supply Submodule
(UGRSS). The UGRSS is designed to project gas production from unconventional gas deposits. This
section provides an overview of the basic modeling approach. A more detailed description of the
methodology is presented in Appendix 4-C and an in depth view of the treatment of technology in the
UGRSS s provided in Appendix 4-D.

The UGRSS isaplay level model that specifically analyzes the three major unconventional resources -
coal bed methane, tight gas sands, and gas shales. The UGRSS calcul ates the economic feasibility of
individual plays based on locally specific wellhead prices and costs, resource quantity and quality, and
the various effects of technology on both resources and costs. I1n each year an initial resource
characterization determines the expected ultimate recovery (EUR) for the wellsdrilled in a particular
play. Resource profiles are adjusted to reflect assumed technological impacts on the size, availability,
and industry knowledge of the resourcesin the play. Subsequently, prices received from the NGTDM
and endogenously determined costs adjusted to reflect technological progress are utilized to calculate
the economic profitability (or lack thereof) for the play. If the play is profitable, drilling occurs
according to an assumed schedule, which is adjusted annually to account for technological
improvements, as well as varying economic conditions. Thisdrilling results in reserve additions, the
quantities of which are directly related to the EUR’s for the wells in that play. Given these reserve
additions, reserve levels and ("expected") production-to-reserves (P/R) ratios are recal culated at the
NGTDM region level. The resultant values are sent to OGSM, where they are aggregated with similar
values from the other submodules. The aggregate P/R ratios and reserve levels are then passed to the
NGTDM, which determines through market equilibration the prices and production for the following
year.

Offshore Supply Submodule

This section describes the basic structure of the Offshore Supply Submodule (OSS). The OSSis
designed to project oil and gas production from the shallow and deep water region of the Gulf of Mexico.
This section provides an overview of the basic approach. A more detailed description of the
methodology is presented in Appendix 4E aswell as a discussion of the characterization of the
undiscovered resource base and the rational e behind the various technology options for deep water
exploration, development, and production practices incorporated in the OSS.
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The OSS was devel oped offline from the OGSM. A methodology was developed within OGSM to enable
it to readily import and manipulate the OSS output, which consists essentially of detailed price/supply
tables disaggregated by Gulf of Mexico planning regions (Eastern, Central, and Western) and fuel type
(oil, natural gas). At the most fundamental level, therefore, it is useful to identify the two structural
components that make up the OSS, as defined by their relationship (exogenous vs. endogenous) to the
OGSM:

Exogenous Component. A methodology for developing offshore undiscovered resource price/supply
curves, employing arigorous field-based discounted cash-flow (DCF) approach, 13 was constructed
exogenously from OGSM. This offline portion of the model utilizes key field properties data, agorithms
to determine key technology components, and algorithms to determine the exploration, devel opment and
production costs, and computes a minimum acceptable supply price (MASP) at which the discounted net
present value of an individual prospect equals zero. The MASP and the recoverable reserves for the
different fields are aggregated by planning region and by resource type to generate resource-specific
price-supply curves. In addition to the overall supply price and reserves, cost components for
exploration, development drilling, production platform, and operating expenses, as well as exploratory
and development well requirements, are also carried over to the endogenous component.

Endogenous Component. After the exogenous price/supply curves have been developed, they are
transmitted to and manipulated by an endogenous program within OGSM. The endogenous program
contains the methodology for determining the development and production schedule of the offshore Gulf
of Mexico OCS oil and gas resources from the price/supply curves. The endogenous portion of the model
also includes the capability to estimate the impact of penetration of advanced technology into
exploration, drilling, platform, and operating costs as well as growth of reserves.

Alaska Oil and Gas Supply Submodule

This section describes the structure for the Alaska Oil and Gas Supply Submodule (AOGSS). The
AOGSS is designed to project field-specific oil and gas production from the Onshore North Slope,
Offshore North Slope, and Other Alaska (primarily the Cook Inlet area). The North Slope region
encompasses the National Petroleum Reserve Alaska in the west, the State Lands in the middle, and the
Alaskan National Wildlife Refuge areain the east. This section provides an overview of the basic
approach including a discussion of the discounted cash flow (DCF) method.

AOGSS Overview

The AOGSS is divided into three components: new field discoveries, development projects, and
producing fields (Figure 6).Transportation costs are used in conjunction with the relevant market price of
oil or gasto calculate the estimated net price received at the wellhead, sometimes called the netback
price. A discounted cash flow (DCF) method is used to determine the economic viability of each project
at the netback price. Alaskan oil and gas supplies are modeled on the basis of discrete projects, in
contrast to the Onshore Lower 48 conventional oil and gas supplies, which are modeled on an aggregate
level. The continuation of the exploration and development of multi-year projects, aswell asthe
discovery of anew field is dependent on its profitability. Production is determined on the basis of
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Figure 6. Flowchart for the Alaska Oil and Gas Supply Submodule
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assumed drilling schedules and production profiles for new fields and devel opmental projects, and
historical production patterns and announced plans for currently producing fields.

Calculation of Costs

Costs differ within the model for successful wells and dry holes. Costs are categorized functionally
within the model as:

® Drilling costs,
® | ease equipment costs, and
® QOperating costs (including production facilities and general and administrative costs).

All costsin the model incorporate the estimated impact of environmental compliance. Whenever
environmental regulations preclude a supply activity outright, that provision is reflected in other
adjustments to the model. For example, environmental regulations that preclude drilling in certain
locations within aregion are modeled by reducing the recoverable resource estimates for that region.

Each cost function includes a variable that reflects the cost savings associated with technological
improvements. Asaresult of technological improvements, average costs declinein real termsrelativeto
what they would otherwise be. The degree of technological improvement is a user specified option in the
model. The equations used to estimate costs are similar to those used for the lower 48, but include cost
elements that are specific to Alaska. For example, lease equipment includes gravel pads and ice roads.

Drilling Costs

Drilling costs are the expenditures incurred for drilling both successful wells and dry holes, and for
equipping successful wells through the "Christmas tree," the valves and fittings assembled at the top of a
well to control the fluid flow. Elements that are included in drilling costs are labor, material, supplies and
direct overhead for site preparation, road building, erecting and dismantling derricks and drilling rigs,
drilling, running and cementing casing, machinery, tool changes, and rentals. Drilling costs for
exploratory wells include costs of support equipment such asice pads. L ease equipment required for
production isincluded as a separate cost calculation, and covers equipment installed on the lease
downstream from the Christmas tree.

The average cost of drilling awell in any field located within regionr in year t is given by:

DRILLCOST, ,, = DRILLCOST, ¢ * (1 - TECH1)*#(t-T,) (32)

where,
well class(exploratory=1, developmental=2)

I
r
k

= region (Offshore North Slope = 1, Onshore North Slope = 2, Cook Inlet = 3)
= fuel type (0il=1, gas=2)
t = forecast year
DRILLCOST = drilling costs
T, = baseyear of theforecast
TECH1 = annua declinein drilling costs due to improved technology.
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The above function specifies that drilling costs decline at the annual rate specified by TECH1. Drilling
costs are not modeled as a function of the activity level asthey are in the Onshore Lower 48
methodology. Drilling rigs and equipment are designed specifically for the harsh Arctic weather
conditions. Once this equipment is moved up to Alaska, it istoo expensive to transport back to the lower
48. Consequently, company drilling programsin Alaska are planned to operate at arelatively constant
level of activity because of limited number of drilling rigs and equipment available for use.

Lease Equipment Costs

L ease equipment costs include the cost of al equipment extending beyond the Christmas tree, directly
used to obtain production from a drilled lease. Costs include: producing equipment, the gathering system,
processing equipment (e.g., oil/gas/water separation), and production related infrastructure such as gravel
pads. Producing equipment costs include tubing, pumping equipment. Gathering system costs consist of
flowlines and manifolds. The lease equipment cost estimate for a new oil or gaswell is given by:

EQUIR,, = EQUIR, ; * (1 - TECH2)*x(t - T,) (33)
where,

r region (Offshore North Slope = 1, Onshore North Slope = 2, Cook Inlet = 3)

k = fuel type (0oil=1, gas=2)
t = forecast year
EQUIP = leaseequipment costs
T, = baseyear of theforecast
TECH2 = annua declinein lease equipment costs due to improved technology.

Operating Costs

ElA operating cost data, which are reported on a per well basis for each region, include three main
categories of costs: normal daily operations, surface maintenance, and subsurface maintenance. Normal
daily operations are further broken down into supervision and overhead, |abor, chemicals, fuel, water,
and supplies. Surface maintenance accounts for all labor and materials necessary to keep the service
equipment functioning efficiently and safely. Costs of stationary facilities, such asroads, aso are
included. Subsurface maintenance refers to the repair and services required to keep the downhole
equipment functioning efficiently.

The estimated operating cost curveis:
OPCOST, , = OPCOST, ;. * (1 - TECH3)+x(t - T}) (34)

where,

region (Offshore North Slope = 1, Onshore North Slope = 2, Cook Inlet = 3)

k = fuel type (oil=1, gas=2)
t = forecast year
OPCOST = operating cost
T, = baseyear of theforecast
TECH3 = annua declinein operating costs due to improved technology.
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Drilling costs, lease equipment costs, and operating costs are integral components of the following
discounted cash flow analysis. These costs are assumed to be uniform across all fields within each of the
three Alaskan regions.

Treatment of Costs in the Model for Income Tax Purposes

All costs are treated for income tax purposes as either expensed or capitalized. The tax treatment in the
DCEF reflects the applicable provisions for oil and gas producers. The DCF assumptions are consi stent
with standard accounting methods and with assumptions used in similar modeling efforts. The following
assumptions, reflecting current tax law, are used in the calculation of costs.

® All dry-hole costs are expensed.

® A portion of drilling costs for successful wells are expensed. The specific split between
expensing and amortization is based on the tax code.

® QOperating costs are expensed.
® All remaining successful field development costs are capitalized.

® Thedepletion alowance for tax purposes is not included in the model, because the current
regulatory limitations for invoking this tax advantage are so restrictive asto be insignificant
in the aggregate for future drilling decisions.

® Successful versus dry-hole cost estimates are based on historical success rates of successful
versus dry-hole footage.

® | ease equipment for existing wellsisin place before the first forecast year of the model.

Discounted Cash Flow Analysis

A discounted cash flow (DCF) calculation is used to determine the profitability of oil and gas projects.”
A positive DCF is necessary to continue operations for a known field, whether exploration, devel opment,
or production. Selection of new prospects for initial exploration occurs on the basis of the profitability
index which is measured as the ratio of the expected discounted cash flow to expected capital costsfor a
potential project.

A key variable in the DCF calculation is the transportation cost to lower 48 markets. Transportation costs
for Alaskan oil include both pipeline and tanker shipment costs, while natural gas transportation costs are
strictly pipeline costs (tariffs) to the lower 48. Transportation costs are specified for each field, based on
the fuel type (i.e, oil or gas) and on the transportation cost of that fuel for that region. This cost directly
affects the expected revenues from the production of afield as follows:*

REV,, = Q, * (MP, - TRANS) (35)

where,

0See Appendix 4.A at the end of this chapter for a detailed discussion of the DCF methodology.
UThis formulation assumes oil production only. It can be easily expanded to incorporate the sale of natural gas.
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f field

year

REV =  expected revenues
Q = expected production volumes
MP = market pricein the lower 48 states
TRANS = transportation cost.

The expected discounted cash flow associated with a representative oil or gas project in afield f at timet
isgiven by:

DCF;, = (PVREV - PVROY - PVDRILLCOST - PVEQUIP - TRANSCAP - (36)
PVOPCOST - PVPRODTAX - PVSIT - PVFIT - PVWPT),,
where,
PVREV = present value of expected revenues
PVROY = present value of expected royalty payments
PVDRILLCOST = present value of all exploratory and developmental drilling expenditures
PVEQUIP = present value of expected |ease equipment costs
TRANSCAP = cost of incremental transportation capacity
PVOPCOST = present value of operating costs
PVPRODTAX = present value of expected production taxes (ad valorem and severance
taxes)
PVSIT = present value of expected state corporate income taxes
PVHT = present value of expected federal corporate income taxes
PVWPT = present value of expected windfall profits tax'?

The expected capital costs for the proposed field f located inregion r are:
COST;, = (PVEXPCOST +PVDEVCOST +PVEQUIP + TRANSCAP), , (37)

where,

PVEXPCOST present value exploratory drilling costs

PVDEVCOST = present value developmental drilling costs
PVEQUIP = present value lease equipment costs
TRANSCAP = cost of incremental transportation capacity

The profitability indicator from developing the proposed field is therefore equal to:
PROF;, = DCF, / COST,, (38)

The field with the highest positive PROF in timet is then eligible for exploratory drilling in the same
year. The profitability indices for Alaska also are passed to the basic framework module of the OGSM.

2Gince the Windfall Profits Tax was repealed in 1988, this variable would normally be set to zero. It isincluded in the DCF
calculation for completeness.
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New Field Discovery

Development of estimated recoverable resources, which are expected to be in currently undiscovered
fields, depends on the schedule for the conversion of resources from unproved to reserve status. The
conversion of resources into reserves requires a successful new field wildcat well. The discovery
procedure can be determined endogenously or supplied at the option of the user. The procedure requires
dataregarding:

e technically recoverable oil and gas resource estimates by region,

distribution of technically recoverable field sizes™ within each region,

® the maximum number of new field wildcat wells drilled in any year,

new field wildcat success rate, and
® any restrictions on the timing of drilling.
The endogenous procedure generates:
e the set of individual fields to be discovered, specified with respect to size and location,
® an order for the discovery sequence, and
e aschedulefor the discovery sequence.

The new field discovery procedure divides the estimate for technically recoverable oil and gas resources
into aset of individual fields. The field size distribution datais obtained from U.S. Geological Survey
estimates.* The field size distribution is used to determine alargest field size based on the volumetric
estimate corresponding to an acceptable percentile of the distribution. The remaining fields within the set
are specified such that the distribution of estimated sizes conform to the characteristics of the input
distribution. Thus, this estimated set of fields is consistent with the expected geology with respect to
expected aggregate recovery and the relative frequency of field sizes.

New field wildcat drilling depends on the estimated expected DCF for the set of remaining undiscovered
recoverable prospects. If the DCF for each prospect is not positive, no new drilling occurs. Positive
DCF's motivate additional new field wildcat drilling. Drilling in each year matches the maximum number
of new field wildcats. A discovery occurs as indicated by the success rate; i.e., a success rate of

12.5 percent means that there is one discovery in each sequence of eight wells drilled. By assumption, the
first new field well in each sequence is a success. The requisite number of dry holes must be drilled prior
to the next successful discovery.

The execution of the above procedure can be modified to reflect restrictions on the timing of discovery
for particular fields. Restrictions may be warranted for enhancements such as delays necessary for
technol ogical development needed prior to the recovery of relatively small accumulations or heavy oil

B gize" of afield is measured by the volume of recoverable oil (in barrels) or gas (in cubic feet).

“Egtimates of Undiscovered Conventional Oil and Gas Resources in the United States -- A Part of the Nation's Energy
Endowment, USGS (1989); and Arctic National Wildlife Refuge, 1002 Area, Petroleum Assessment, 1998, Including Economic
Analysis, USGS (April 2001); and U.S. Geological Survey 2002 Petrol eum Resour ce Assessment of the National Petroleum Reserve
in Alaska (NPRA) USGS (2002).
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deposits. State and Federal |ease sale schedules would also restrict the earliest possible date for
beginning the development of certain fields. This refinement isimplemented by declaring a start date
for possible exploration. For example, AOGSS specifiesthat if Federal leasing in Alaskan National
Wildlife Refuge were permitted, then the earliest possible development date would be 2011. Another
exampleis the development of the West Sak field is expected to be delayed until technology can be
developed that will enable the heavy crude oil of that field to be economically extracted.

Development Projects

Devel opment projects are those projects in which a successful new field wildcat has been drilled. Aswith
the new field discovery process, the DCF calculation plays an important role in the timing of
development and exploration of these multi-year projects.

Each model year, the DCF is calculated for each potential development project. Initially, the drilling
schedule is determined by the user or some set of specified rules. However, if the DCF for a given project
is negative, then exploration and development of this project is suspended in the year in which this
occurs. The DCF for each project is evaluated in subsequent years for a positive value; at which time,
exploration and development will resume.

Production from devel oping projects follows the generalized production profile devel oped for and
described in previous work conducted by DOE staff.™ The specific assumptions used in this work are as
follows:

® a2-to4-year build-up period frominitial production to peak rate,
® peak rate sustained for 3 to 8 years, and

® production rates decline by 5 to 18 percent per year, for known fields under development,
after production declines below the peak rate; unknown fields decline by 10 percent per year.

The pace of development and the ultimate number of wells drilled for a particular field is based on the
historical field-level profile adjusted for field size and other characteristics of the field (e.g. API gravity.)

After all exploratory and developmental wells have been drilled for any given project, devel opment of
the project is complete. For this version of the AOGSS, no constraint is placed on the number of
exploratory or developmental wells that can be drilled for any project. All completed projects are added
to the inventory of producing fields.

Development fields include fields that have already been explored, but that have not begun production.
These fields include, for example, a series of expansion fields in the Prudhoe Bay area, and a series of
fields in the National Petroleum Reserve, Alaska (NPRA). For these fields, the starting date of
production was not determined by the discovery process outlined above, but is based upon estimates of
when these fields will come into production, from both the state of Alaska and EIA. (2000 Annual
Report, Alaska Department of Natural Resources, Division of Oil and Gas, 2000, and Future Qil
Production for the Alaska North Sope, EIA, Office of Qil and Gas, DOE/EIA-0627, May 2001.)

5pgtential Oil Production fromthe Coastal Plain of the Arctic National Wildlife Refuge: Updated Assessment, EIA (May 2000)
and Alaska Qil and Gas - Energy Wealth of Vanishing Opportunity?, DOE/ID/0570-H1 (January 1991).
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Producing Fields

Oil and natural gas production from fields producing as of the base year (e.g., Prudhoe Bay, Kuparuk,
Lisburne, Endicott, and Milne Point) are based on historical production patterns, remaining estimated
recovery, and announced devel opment plans. Production ceases when flow becomes subeconomic; i.e.,
attains the assumed minimum economic production level.

Natural gas production from the North Slope for sale to end-use markets depends on the construction of a
pipeline to transport natural gas to lower 48 markets.*® In addition, the reinjection of North Slope gas for
increased oil recovery poses an operational/economic barrier limiting its early extraction. Nonetheless,
there are no extraordinary regulations or legal constraints interfering with the recovery and use of this
gas. Thus, the modeling of natural gas production for marketing in the lower 48 states recognizes the
expected delay to maximize oil recovery, but it does not require any further modifications from the basic
procedure.’’

Over the forecast period, Alaskan natural gas production is limited to natural gas resourcesin the
Prudhoe Bay field and the adjacent Port Thompson field. In all, these fields have estimated reserves of 35
trillion cubic feet of natural gas.®® Of this, EIA has estimated that 26 trillion cubic feet could be produced
with only aminor impact on North Slope oil production. All Alaska North Slope natural gas production
in the EIA forecast is limited to this 26 Tcf of stranded gas reserves. EIA estimates that this already
discovered gas requires areturn of at least $0.80 per thousand cubic feet at the wellhead before these
reserves would be devel oped.

Foreign Natural Gas Supply Submodule

This section describes the structure for the Foreign Natural Gas Supply Submodule (FNGSS) within the
Qil and Gas Supply Module (OGSM). FNGSS includes U.S. trade in foreign natural gas via either the
North American pipeline network or ocean-going tankers.” Gasis traded with Canada and Mexico via
pipelines. The border crossing locations are identified in Figure 7. Gas trade with other, nonadjacent,
countriesisin the form of liquefied natural gas (LNG) and involves liquefaction, transportation by tanker
and subsequent regasification. To date, the United States hasimported LNG from Algeria, Australia,
Indonesia, Malaysia, Nigeria, Oman, Qatar, Trinidad and Tobago, and the United Arab Emirates.

A representation of Canadian gas reserves accounting and well development has been established. Since
forecasts of fixed volumes are not adequate for the purposes of equilibrating supply and demand, this
submodule provides the Natural Gas Transmission and Distribution Module (NGTDM) with a supply
function of Canadian gas at the western Canadian supply point. With the help of these supply parameters,
Canadian imports to the United States are defined by the North American market equilibration that
occursinthe NGTDM. Natura gas imports via pipeline from Mexico are handled with less detail. LNG
imports are model ed on the basis of importation costs, including production, liquefaction, transportation,
and regasification. Projected imports of LNG are subject to user assumptions regarding the timing and

%Initial natural gas production from the North Slope for Lower 48 marketsis affected by adelay reflecting a reasonable period
for construction.

The currently proposed version of AOGSS does not include plansfor an explicit method to deal with theissue of marketing ANS
gas as liquefied natural gas (LNG) exports to Pacific Rim countries. The working assumption is that sufficient recoverable gas
resources are present to support the economic operation of both a marketing system to the Lower 48 States and the LNG export
project.

8alaska Gas: Clean Energy for the Future, British Petroleum, 2001.

®Theissue of foreign gastrade generally is viewed as one of supply (to the United States) because the United Statesis currently
anet importer of natura gas by awide margin, asituation that is expected to continue.

4-26 Energy Information Administration/Oil and Gas Supply Module Documentation



Figure 7. Foreign Natural Gas Trade via Pipeline
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size of available import capacity. Natural gas LNG and Canadian exports are included in the National
Energy Modeling System (NEM S) as exogenous assumptions. Exports to Mexico are determined
endogenously. This section presents descriptions of the separate methodological approaches for
Canadian, Mexican, and LNG natural gas trade.

Canadian Gas Trade

This submodul e determines the components and the subsequent parameters needed to define the Western
Canadian conventional natural gas price/supply curve used by the NGTDM to help determine Canadian
import levels. Canadian production is represented for three regions in the NEMS -- the Western Canadian
Sedimentary Basin (WCSB, including Alberta, British Columbia, and Saskatchewan), the Northern
Frontier (Arctic Ilands and MacK enzie Delta), and Eastern Canada. Production from the WCSB is
further disaggregated into conventional and unconventional (coalbed methane) production. Eastern
Canadian production is set exogenously in the NGTDM. Baseline production levels for unconventional
production are effectively set exogenously in the NGTDM aswell, but are allowed to vary in the
NGTDM in response to variationsin the realized price. Gas production from the MacKenzie Deltais
dependent on the construction of a pipeline to Alberta, which is also determined by the NGTDM and
documented separately.

The approach taken to determine WCSB gas supplies differs from that used in the domestic submodules
of the OGSM. Drilling activity, measured as the number of successful wellsdrilled, is estimated directly

Energy Information Administration/Oil and Gas Supply Module Documentation 4-27



as afunction of the Western Canadian natural gas wellhead price and production in the previous year,
rather than as a function of expected profitability proxied by the expected DCF. No distinction is made
between exploration and development. Next, an exponentially declining finding rate is applied to the
successful wells to determine reserve additions; a reserves accounting procedure yields reserve estimates
(beginning of year reserves); and an estimated extraction rate determines production potential
[production to reservesratio (PRR)]. The general methodology employed for estimating potential
conventional Canadian gas production from the WCSB is depicted in Figure 8. Production from
unconventional sources (i.e., coalbed methane, largely in Western Canada) is handled within the
NGTDM as an assumed production function dependent on price.

The determination of the import volumes into the United States occurs in the equilibration process of the
NGTDM, utilizing the WCSB supply curve parameters, unconventional and eastern Canadian
production, gas from the MacK enzie Delta, as well as Canadian demand estimates. Forecasts of Canadian
consumption are set at levels published in EIA’s International Energy Outlook 2002.

Conventional Gas from the Western Canadian Sedimentary Basin

Wells Deter mination

The total number of successful conventional natural gas wells drilled in Western Canada each year is

forecasted econometrically as afunction of the Canadian natural gas wellhead price and production in
the previousyear. Thus,

SUCWELL, = e x GPRICE/" + OGPRDCAN/ (39)

where,

Figure 8. A General Outline of the Canadian Algorithm of the FNGSS
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SUCWELL, = total conventional successful gaswells completed in Western Canadain
year t
GPRICE, = priceper Mcf of natural gasin 1987 US dollarsin year t
OGPRDCAN,, = conventiona gas production in the previous forecast year (million cubic
feet)

B, = econometrically estimated parameter (-3.91064, Appendix E)

B, = econometricaly estimated parameter (0.499703, Appendix E)

B, = econometricaly estimated parameter (0.791501, Appendix E)

Reserve Additions

The reserve additions algorithm cal culates units of gas added to Western Canadian Sedimentary Basin
proved reserves. The methodology for conversion of gas resources into proved reservesisacritically
important aspect of supply modeling. The actual process through which gas becomes proved reservesis a
highly complex one. This section presents a methodology that is representative of the major phases that
occur; although, by necessity, it isa simplification from a highly complex reality.

Gasreserve additions are cal culated using a finding rate equation. Typical finding rate equations relate
reserves added to wells or feet drilled in such away that the rate of reserve additions declines as more
wellsaredrilled. Thereason for thisis, all else being constant, the larger prospectstypically are drilled
first. Consequently, the finding rate can be expected to decline as a region matures, although the rate of
decline and the functional forms are a subject of considerable debate. In previous versions of the model
an attempt was made to estimate this equation; while the latest version is assumption based. Canadian
gas reserve additions are a function of the cumulative number of successful wells drilled, the recoverable
resource base (including inferred resources), and the rate of technological progress. The finding rate for
gasis defined by:

FRCAN, = FRCAN,  xe @S UOWELL) (1, FRTECH) (40)
where,
FRCAN finding rate
SUCWELL, successful gaswellsdrilled in year t

deltacan,
FRTECH

finding rate decline parameter in year t (>0)
finding rate technology factor (=0.07)

In this specification, the yield from successful drilling begins at the initial finding rate for each period
(FRCAN,,) and declines exponentially as drilling continues. However, technological progress can
reduce or even reverse thisdecline. The decline parameter (deltacan) is set as follows:

_ (FRCAN, ,-FRMIN) * RSVGR

deftacen, RR - CUMRES , (41)
where,
deltacan, = finding rate decline parameter in year t (>0)
t = forecast year

FRCAN = finding rate (billion cubic feet per well)

FRMIN = minimum finding rate (0.15)

RSVGR = reserves growth factor (4.4)

RR = initia recoverable resource estimate (including inferred resources) at

beginning of projection period
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CUMRES = cumulative reserve discoveries (RESADCAN) from beginning of projection
period to the current projection year t

The denominator represents the remaining recoverable resource estimate in agiven period. The
minimum finding rate (FRMIN) is incorporated in the equation so that the cumulative reserve
discoveries match the recoverable resource estimate when the yield from wells drilled falls to the
minimum. The changing recoverable volume necessitates recomputing the decline parameter (deltacan)
in each period.

Total reserve additionsin period t is given by:

sucwell

RESADCAN, = f FRCAN, d(SUCWELL) (42)
0
_Or_
FRCAN
RESADCAN. = -1, o(-deltacan « SUCWELL)
' deltacan, ¢ (43)
where,
RESADCAN, = Resarveadditionsinyeart,in BCF
FRCAN,; = Finding rateinthe previousyear, in BCF per well
SUCWELL, =  Successful gaswellsdrilledin year t
deltacan, = finding rate decline parameter in year t

Total end-of-year proved reserves for each period equal proved reserves from the previous period plus
new reserve additions less production.

RESBOYCAN,., = CURRESCAN, + RESADCAN, - OGPRDCAN, (44)
where,
RESBOYCAN,,, = Beginning of year reservesfor t+1 (end of year reservesfor t), in BCF
CURRESCAN, = Beginning of year reservesfort, in BCF
RESADCAN, = Reserveadditionsinyeart,in BCF
OGPRDCAN, = Productioninyeart,in BCF

t forecast year

When rapid and slow technological progress cases are run, the forecasted values for the number of
successful wells and for the finding rate decline are adjusted accordingly.

Gas Production

Production is commonly modeled using a production-to-reserves ratio. A major advantage to this
approach isits transparency. Additionally, the performance of this function in the aggregate is consistent
with its application on the micro level. The production-to-reserves ratio, as the relative measure of
reserves drawdown, represents the rate of extraction, given any stock of reserves.

Conventional gas production in the WCSB in year t is processed in the NGTDM and is represented by
the following equation:
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AP

Qt=Rt,1*PRt*(1+[5*Pt) (45)
t-1
where,
Q. = Gasproductioninyeart, BCF
R. = End-of-year gasreservesin previous year, BCF
PR, = gasextraction ratein previous year (measured as the production to reserves
ratio at the end of the previous year)
P, = gaspriceat thewellhead inyear t, 1987%/Mcf
B = assumed short run price elasticity of extraction
AP, = (P-P,), thedifferencein the pricein year t from areference price (P, set in

the NGTDM) associated with the reference quantity (R, * PR,), 1987$%/Mcf

The proposed production equation relies on price induced variation in the extraction rate to determine
short run supplies. The producible stock of reserves equals reserves at the end of the previous period. The
extraction rate for the current period, PR,, is assumed as the approximate extraction rate for the current
period under normal operating conditions. The product of R, ; and PR, is the expected, or normal,
operating level of production for year t. The extraction rate (PR,,,) for year t+1 is defined in the FNGSS
as.

OGPRDCAN, * (1 - PR) + PRRATNEW x RESADCAN,

PRRATCAN,,, =
i RESBOY CAN, (46)
where,
PRRATCAN,; = gasextraction ratein previousyear (measured as the production to reserves

ratio at the end of year t)

PRRATCAN, = (gasextractionrateinyeart (measured asthe production to reservesratio at
the end of the previous year: PR, = OGPRDCAN,/ RESBOY CAN,, )
RESBOYCAN, = end-of-year gasreservesin year t, BCF
OGPRDCAN, = Canadian gasproductionin year t, BCF
RESADCAN, = reserveadditionsinyeart, BCF
PRRATNEW = new production to reserves ratio for new reserve additions

Allocation of Canadian Natural Gas Production to Canada and the United States

The purpose of Canadian natural gas production is to meet both Canadian demands and exports to the
United States. The methodology used to define Canadian natural gas production and exportsisintrinsic
in the North American market equilibrium that occursin the NGTDM. Thus, the details of this procedure
are provided in the methodol ogy documentation for that module.
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Mexican Gas Trade

Mexican gas trade is a highly complex issue. A range of noneconomic factors will influence, if not
determine, future flows of gas between the United States and Mexico. Uncertainty surrounding
Mexican/U.S. trade is great enough that not only is the magnitude of flow for any future year in doubt,
but also the direction of flow. Reasonable scenarios have been developed and defended in which Mexico
may be either a net importer or exporter of hundreds of billions of cubic feet of gas by 2010.°

Despite the uncertainty and the significant influence of noneconomic factors that influence Mexican gas
trade with the United States, a methodology to anticipate the path of future Mexican imports and exports
has been incorporated into FNGSS. This outlook is generated using assumptions regarding regional
supply and regional/sectoral demand growth for natural gasin Mexico that have been developed from an
assessment of current and expected industry and market circumstances as indicated in industry
announcements, or articles or reportsin relevant publications. Excess supply is assumed to be available
for export to the United States, and any shortfall is assumed to be met by imports from the United States.

Liquefied Natural Gas

Liquefaction is a process whereby natural gasis cooled to minus 260 degrees Fahrenheit, causing it to be
converted fromagasto aliquid. Thisalso reducesits volume significantly, making it possibleto
transport to distant markets. This allows stranded gas, or gas that would otherwise be inaccessible due
either to lack of nearby markets or lack of pipeline infrastructure to deliver it to local markets, to be
monetized. LNG importsinto the United States have grown steadily over the past five years, and
prospects for continued growth are good. Various factors have contributed to the recent re-emergence of
LNG as an economically viable source of energy, including contracts with pricing and delivery
flexibility, the emergence of a spot market for LNG, a growing preference toward natural gas dueto the
lesser environmental consequences for burning it versus other fossil fuels, adesire for diversification and
security of energy supply, and lower costs throughout the LNG supply chain. High natural gas prices
during the winter of 2000/2001 provided further impetus.

Determining U.S. Importsand Exportsof LNG

Costs of producing, liquefying, transporting, and re-gasifying the gas for delivery via pipeline to end-
users are input to the FNGSS. The summations of these values for each location serve as economic
threshol ds that must be achieved before investment in expansion at an existing, or construction of a new,
LNG project occurs.

Costs of imported LNG do not compete with wellhead prices of domestically produced gas; rather, these
costs compete with the purchase price of gas prevailing in the vicinity of theimport terminal. Thisisa
significant element in evaluating the competitiveness of LNG supplies, since LNG terminals vary greatly
in their proximity to domestic producing areas. Terminals closer to major consuming markets have an
inherent economic advantage over distant competing producing areas because of the higher transportation
costsincurred in getting these more distant domestic supplies to market.

DFor example, the National Petroleum Council study, The Potential for Natural Gas in the United States, December 1992.
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In addition to the cost estimates, however, certain operational assumptions are required to complete the
picture. Dominant factors affecting the outlook are: expected use of existing capacity, expansion at sites
with existing facilities, and construction at additional locations. The FNGSS requires specification of a
combination of factors: available gasification capacity, scheduled use of existing capacity, schedules for
and lags between constructing and opening afacility, expected utilization rates, and worldwide
liquefaction capacity. The current version of the FNGSS implicitly assumes that tanker capacity becomes
available as needed to meet the transportation requirements.

A key assumption for any LNG outlook from FNGSS is that all major operational or institutional
difficulties have been incorporated into the recognized allowable schedul e for capacity operation and
expansion. No other difficulties arise that are not assumed to be resolved expeditioudly.

LNG Imports from Existing Capacity

There are four existing LNG terminal facilities in the United States, one each at Everett, Massachusetts;
Lake Charles, Louisiana; Cove Point, Maryland; and Elba Island, Georgia (Figure 7). All but Cove Point
are currently open, and it is assumed that Cove Point will open in 2003.

LNG Imports from Capacity Expansion

Capacity expansion refers to additional capacity at the four sites that have capacity at present. The
presence of afacility may be judged as reliable evidence that the local community has demonstrated
tolerance for the facility and associated operations. The continuation of such toleranceis accepted asa
working assumption.

The costs of capacity expansion are assumed to be less than those for new construction. Required
operational assumptions include the lag in capacity expansion and the buildup period for full utilization
of the incremental capacity. The difference in timing between the attainment of prices adequate to initiate
capacity expansion and the initial operation of that expanded capacity is specified exogenoudly .

New Construction

The agorithm for representing LNG regasification capacity expansion in the United States compares
estimated costs for bringing LNG into various regions in the United States with the average market price
in the region over the previous three years of the forecast. If the market price has been sustained above
the estimated cost, construction of additional regasification capacity is expected to occur. The regions
represented are: New England Census Division, Middle Atlantic Census Division, South Atlantic Census
Division (excluding Florida), Florida, East South Central Census Division, West South Central Census
Division, California, and Washington/Oregon. The incremental expansion volumes are specified
exogenously, along with the expected utilization of the capacity acrosstime. Under special
circumstances (e.g., rapid consumption growth) these utilization rates are adjusted endogenously. The
assumed costs for bringing LNG into the United States reflect the least cost aggregation of cost estimates
for production, liquefaction, transportation, and regasification from potential supply sources to each of
the coastal regions of the United States. Build decisions occur under various restrictions, such asthe
limitation that new capacity can not be added in aregion until existing capacity has been expanded to a
specified limit and all of this capacity is fully utilized within the region. In deciding upon capacity
expansion, the model does not attempt to anticipate future market situations, factor in regional demand
for LNG (except through its indirect impact on prices), nor select between potential regasification sites.

Increasesin LNG deliveries beyond expanded capacity at existing sites require the construction of new
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facilities. New capacity construction requires a set of working assumptions that are either user specified
or default parameters. Major operational assumptions include:

Selected start dates before which construction of LNG terminals on new sites would not be
alowed,

Lag time between decision to build or expand and start of construction,

Length of construction period,

Design capacity and utilization rates for the newly constructed capacity,

Regional locations for new construction sites,*

Regional prices (trigger prices) that would bring forth additional LNG import capacity, and

Period over which regional prices must be sustained to trigger decision to build or expand.

ZAThe siting of new facilities in the United States is a controversial issue that is not addressed analytically.
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Appendix 4-A. Discounted Cash Flow Algorithm



Introduction

The basic DCF methodology used in the Oil and Gas Supply Module (OGSM) is applied for abroad range
of ail or natural gas projects, including single well projects or multiple well projects within afield. It is
designed to capture the effects of multi-year capital investments (eg., offshore platforms). The expected
discounted cash flow value associated with exploration and/or development of a project with oil or gas as
the primary fuel in agiven region evaluated in year T may be presented in a stylized form (Equation (1)).

DCF; = (PVTREV - PVROY - PVPRODTAX - PVDRILLCOST - PVEQUIP - (1)
PVKAP - PVOPCOST - PVABANDON - PVSIT - PVFIT),
where,
T = year of evaluation
PVTREV = present value of expected total revenues
PVROY = present value of expected royalty payments
PVPRODTAX = present value of expected production taxes (ad valorem and severance taxes)
PVDRILLCOST =  presentvalueof expected exploratory and devel opmental drilling expenditures
PVEQUIP = present value of expected |ease equipment costs
PVKAP = present value of other expected capital costs (i.e., gravel pads and offshore
platforms)
PVOPCOST = present value of expected operating costs
PVABANDON = present value of expected abandonment costs
PVSIT = present value of expected state corporate income taxes
PVHIT = present value of expected federal corporate income taxes.

Costs are assumed constant over the investment life but vary across both region and primary fuel type. This
assumption can be changed readily if required by the user. Relevant tax provisions also are assumed
unchanged over the life of the investment. Operating losses incurred in the initial investment period are
carried forward and used against revenues generated by the project in later years.

The following sections describe each component of the DCF calculation. Each variable of Equation (1) is
discussed starting with the expected revenue and royalty payments, followed by the expected costs, and lastly
the expected tax payments.

Present Value of Expected Revenues, Royalty Payments,
and Production Taxes

Revenues from an oil or gas project are generated from the production and sale of both the primary fuel as
well as any co-products. The present value of expected revenues measured at the wellhead from the
production of a representative project is defined as the summation of yearly expected net wellhead price*

The DCF methodology accommodates price expectations that are myopic, adaptive, or perfect. The default is myopic
expectations, so prices are assumed to be constant throughout the economic evaluation period.
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times expected production? discounted at an assumed rate. The present value of expected revenue for either
the primary fuel or its co-product is calculated as follows:

_ 1 |vT _ 1 if primary fuel
PVREV., = 2 [Qt,k * b Py [1+disc] ] o= {COPRD if secondary fuel ©)

= fuel type (oil or natural gas)

time period

number of yearsin the evaluation period
expected discount rate

expected production volumes

expected net wellhead price

COPRD = co-product factor.?

o
1]

Net wellhead priceisequal to the market price minus any transportation costs. Market pricesfor oil and gas
aredefined as: the price at thereceiving refinery for oil, thefirst purchase price for onshore natural gas, the
price at the coastline for offshore natural gas, and the price at the Canadian border for Alaskan gas.

The present value of the total expected revenue generated from the representative project is:

PVTREV; = PVREV,, + PVREV,, ()
where,
PVREV:; = present value of expected revenues generated from the primary fuel
PVREV:, = present value of expected revenues generated from the secondary fuel.

Present Value of Expected Royalty Payments

The present value of expected royalty payments (PVRQY) is simply a percentage of expected revenue and
isequal to:

PVROY; = ROYRT, *PVREV,, + ROYRT,+*PVREV,, (4

where,

ROYRT = royalty rate, expressed as a fraction of gross revenues.

2Expected production is determined outside the DCF subroutine. The determination of expected production is described in
Chapter 4.

*The OGSM determines coproduct production as proportional to the primary product production. COPRD isthe ratio of units
of coproduct per unit of primary product.

4-A-2 Energy Information Administration/Oil and Gas Supply Module Documentation



Present Value of Expected Production Taxes
Production taxes consist of ad valorem and severance taxes. The present value of expected production tax

isgiven by:

PVPRODTAX; = PVREV,+(1-ROYRT,)«PRODTAX, + PVREV ®)
(1-ROYRT,) xPRODTAX,

where,
PRODTAX = production tax rate.

PVPRODTAX is computed as net of royalty payments because the investment analysis is conducted from
the point of view of the operating firmin thefield. Net production tax payments represent the burden on the
firm because the owner of the mineral rights generally isliable for his/her share of these taxes.

Present Value of Expected Costs

Costsare classified within the OGSM as drilling costs, lease equipment costs, other capital costs, operating
costs (including production facilities and general/administrative costs), and abandonment costs. These costs
differ among successful exploratory wells, successful devel opmental wells, and dry holes. The present value
calculations of the expected costs are computed in asimilar manner asPVREV (i.e., costs are discounted at
an assumed rate and then summed across the evaluation period.)

Present Value of Expected Drilling Costs

Drilling costs represent the expenditures for drilling successful wells or dry holes and for equipping
successful wells through the Christmas tree installation.* Elements included in drilling costs are labor,
material, supplies and direct overhead for site preparation, road building, erecting and dismantling derricks

and drilling rigs, drilling, running and cementing casing, machinery, tool changes, and rentals.

The present value of expected drilling costsis given by:

T+n
PVDRILLCOST, = )_ [COSTEXP; *SR, *NUMEXP, + COSTDEV/ *SR, *
t=T

NUMDEV, + COSTDRY, *(1-SR;) *NUMEXP, +

(6)
1 t-T
COSTDRY, *(1-SR,) *\NUMDEV,| *
T2 (175%) { (1+disc) ]
where,
COSTEXP = drilling cost for a successful exploratory well
SR = successrate (1=exploratory, 2=developmental)

“The Christmas tree refers to the valves and fittings assembled at the top of awell to control the fluid flow.
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COSTDEV = drilling cost for a successful developmental well

COSTDRY = drilling cost for adry hole (1=exploratory, 2=devel opmental).
NUMEXP = number of exploratory wellsdrilled in agiven period
NUMDEV = number of developmental wellsdrilled in agiven period.

The number and schedule of wells drilled for a oil or gas project are supplied as part of the assumed
production profile. Thisis based on historical drilling activities.

Present Value of Expected Lease Equipment Costs

L ease equipment costsinclude the cost of all equipment extending beyond the Christmastree, directly used
to obtain production from adrilled lease. Three categories of costs are included: producing equipment, the
gathering system, and processing equipment. Producing equipment costsinclude tubing, rods, and pumping
equipment. Gathering system costs consist of flowlines and manifolds. Processing equipment costs account
for the facilities utilized by successful wells. The present value of expected |ease equipment cost is

T+n t-T
PVEQUIP; = 2 EQUIP; +(SR; *NUMEXP, + SR,*NUMDEV) * [1 fdisc} } (7)

where,
EQUIP = leaseequipment costs per well.
Present Value of Other Expected Capital Costs

Other major capital expenditures include the cost of gravel pads in Alaska, and offshore platforms. These
costs are exclusive of lease equipment costs. The present value of other expected capital costsis calculated

T+n 1 t-T 8
PVKAP; = ; KAP, * [1 - disc] (8)
where,
KAP = other mgjor capital expenditures, exclusive of lease equipment.

Present Value of Expected Operating Costs

Operating costs include three main categories of costs: normal daily operations, surface maintenance, and
subsurface maintenance. Normal daily operations are further broken down into supervision and overhead,
labor, chemicals, fuel, water, and supplies. Surface maintenance accounts for all labor and materials
necessary to keep the service equipment functioning efficiently and safely. Costsof stationary facilities, such
as roads, also are included. Subsurface maintenance refers to the repair and services required to keep the
downhole equipment functioning efficiently.

Total operating cost in timet is calculated by multiplying the cost of operating a well by the number of
producing wellsin time t. Therefore, the present value of expected operating costsis as follows:
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t
OPCOST, * Y [SR, *NUMEXP, + SR,*NUMDEV,] *

] ©)

where,

OPCOST =  operating costs per well.

Present Value of Expected Abandonment Costs

Producing facilities are eventually abandoned and the cost associated with equipment removal and site
restoration is defined as

~ T+n N 1 =T
PVABANDON, = tz; COSTABN; Lﬂjigj ] (20)
where,

COSTABN = abandonment costs.

Drilling costs, lease equipment costs, operating costs, abandonment costs, and other capital costs incurred
in each individual year of the evaluation period areintegral components of the following determination of
State and Federal corporate income tax liability.
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Present Value of Expected Income Taxes

An important aspect of the DCF calculation concerns the tax treatment. All expenditures are divided into
depletable,® depreciable, or expensed costs according to current tax laws. All dry hole and operating costs
are expensed. Lease costs (i.e., lease acquisition and geological and geophysical costs) are capitalized and
then amortized at the same rate at which the reserves are extracted (cost depletion). Drilling costs are split
between tangibl e costs (depreciable) and intangible drilling costs (IDC's) (expensed). IDC'sinclude wages,
fuel, transportation, supplies, site preparation, devel opment, and repairs. Depreciable costsareamortizedin
accord with schedules established under the Modified Accelerated Cost Recovery System (MACRS).

Key changesin the tax provisions under the tax legislation of 1988 include:

o \Windfal Profits Tax on oil was repealed,

® |nvestment Tax Credits were eliminated, and

® Depreciation schedules shifted to a Modified Accelerated Cost Recovery System.
Tax provisions vary with type of producer (mgor, large independent, or small independent) as shown in
Table 1. A maor oil company is one that has integrated operations from exploration and development
through refining or distribution to end users. An independent is any oil and gas producer or owner of an
interest in oil and gas property not involved in integrated operations. Small independent producers are those

with less than 1,000 barrels per day of production (oil and gas equivalent). The present DCF methodol ogy
reflects the tax treatment provided by current tax laws for large independent producers.

5The DCF methodology does not include lease acquisition or geological & geophysical expenditures because they are not
relevant to the incremental drilling decision.
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Table 4A-1.

Tax Treatment in Oil and Gas Production by Category of Company Under
Current Tax Legislation

Costs by Tax Treatment

Majors

Large Independents

Small Independents

Depletable Costs

Cost Depletion

G&G?

Lease Acquisition

Cost Depletion®

G&G

Lease Acquisition

Maximum of Percentage
or Cost Depletion

G&G

Lease Acquisition

Depreciable Costs

MACRS®

Lease Acquisition

Other Capital
Expendictures

Successful Well Drilling
Costs Other than IDC’s

5-year SLM®

20 percent of IDC’s

MACRS

Lease Acquisition

Other Capital
Expendictures

Successful Well
Drilling Costs Other
than IDC'’s

MACRS

Lease Acquisition

Other Capital
Expendictures

Successful Well Drilling
Costs Other than IDC’s

Expensed Costs

Dry Hole Costs
80 percent of IDC’s
Operating Costs

Dry Hole Costs
80 percent of IDC’s
Operating Costs

Dry Hole Costs
80 percent of IDC’s
Operating Costs

The resulting present value of expected taxable income (PVTAXBASE) is given by:

T+n

PVTAXBASE, = Z (TREV,-ROY, -PRODTAX, - OPCOST, - ABANDON, - XIDC, -
t=T
e (1)
AIDC, -DEPREC, -DHC,) * .
1+disc

where,
T = year of evaluation
t = timeperiod
n = number of yearsin the evaluation period
TREV =  expected revenues
ROY = expected royalty payments
PRODTAX =  expected production tax payments
OPCOST =  expected operating costs
ABANDON =  expected abandonment costs
XIDC = expected expensed intangible drilling costs
AIDC = expected amortized intangible drilling costs®
DEPREC = expecteddepreciabletangibledrilling, |easeequipment costs, and other capital
expenditures
DHC = expected dry hole costs

6This variable isincluded only for completeness. For large independent producers, all intangible drilling costs are expensed.
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disc = expected discount rate.

TREV,, ROY,, PRODTAX,, OPCOST,, and ABANDON, are the nondiscounted individual year values. The
following sections describe the treatment of expensed and amortized costs for purpose of determining
corporate income tax liability at the State and Federal level.

Expected Expensed Costs

Expensed costs are intangible drilling costs, dry hole costs, operating costs, and abandonment costs.
Expensed costs and taxes (including royalties) are deductible from taxable income.

Expected Intangible Drilling Costs
For large independent producers, all intangible drilling costs are expensed. However, thisis not true across
the producer category (asshownin Table 1). In order to maintain analytic flexibility with respect to changes

in tax provisions, the variable XDCK AP (representing the portion of intangible drilling costs that must be
depreciated) isincluded. Expected expensed IDC's are defined as follows:

XIDC, = COSTEXP; * (1 - EXKAP) * (1 - XDCKAP) * SR, * NUMEXP, +
COSTDEV, * (1 -DVKAP) * (1 -XDCKAP) + SR, * NUMDEYV, (12)

where,

COSTEXP drilling cost for a successful exploratory well

EXKAP = fractionof exploratory drilling coststhat aretangible and must be depreciated
XDCKAP = fraction of intangible drilling costs that must be depreciated’
SR = successrate (1=exploratory, 2=developmental)
NUMEXP = number of exploratory wells
COSTDEV = drilling cost for a successful developmental well
DVKAP = fraction of developmental drilling costs that are tangible and must be
depreciated
NUMDEVY = number of developmenta wells.

If only a portion of IDC's are expensed (as is the case for major producers), the remaining IDC's must be
depreciated. These costs are recovered at arate of 10 percent in the first year, 20 percent annually for four
years, and 10 percent in the sixth year, referred to asthe 5-year Straight Line Method (SLM) with half year
convention. If depreciable costs accrue when fewer than 6 years remain in the life of the project, then costs
are recovered using a simple straight line method over the remaining period.

Thus, the value of expected depreciable IDC'sis represented by:

"The fraction of intangible drilling costs that must be depreciated is set to zero as a default to conform with the tax perspective
of alargeindependent firm.

4-A-8 Energy Information Administration/Oil and Gas Supply Module Documentation



AIDC, = )

t
(COSTEXPT*(l—EXKAP) *XDCKAP+SR, *NUM EXPJ. +
i=B

COSTDEV*(1-DVKAP) «xXDCKAP*SR,*NUM DEVJ-) *

1\ 1\ Y
DEPIDC,_,; * | —— * - ,
! 1 +infl 1+disc

B - T for t<T+m-1
t-m+1 for t>T+m-1

(13)

where,

] year of recovery

B = index for write-off schedule
DEPIDC = fort < n+T-m, 5year SLM recovery schedule with half year convention;
otherwise, 1/(n+T-t) in each period
infl = expected inflation rate®
disc = expected discount rate
m = number of yearsin standard recovery period.

AIDC will equal zero by default since the DCF methodology reflects the tax treatment pertaining to large
independent producers.

Expected Dry Hole Costs

All dry hole costs are expensed. Expected dry hole costs are defined as
DHC, = COSTDRY ,*(1-SR,)*NUMEXP, + COSTDRY,*(1-SR,)*NUMDEV, (14)

where,
COSTDRY = drilling cost for adry hole (1=exploratory, 2=devel opmental).

Total expensed costsin any year equals the sum of XIDC,, OPCOST,, ABANDON,, and DHC..

Expected Depreciable Tangible Drilling Costs, Lease Equipment Costs and Other
Capital Expenditures

Amortization of depreciable costs, excluding capitalized IDC's, conformsto the Modified Accelerated Cost
Recovery System (MACRS) schedules. The schedules under differing recovery periods appear in Table 2.
The particular period of recovery for depreciable costs will conform to the specifications of the tax code.
These recovery schedules are based on the declining balance method with half year convention. If

8The write-off schedule for the 5-year SLM give recovered amounts in nominal dollars. Therefore, recovered costs are
adjusted for expected inflation to give an amount in expected constant dollars since the DCF calculation is based on constant
dollar valuesfor all other variables.
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Table 4A-2. MACRS Schedules

(Percent)
3-year 5-year 7-year 10-year 15-year 20-year
Recovery Recovery Recovery Recovery Recovery Recovery

Year Period Period Period Period Period Period
1 33.33 20.00 14.29 10.00 5.00 3.750
2 44.45 32.00 24.49 18.00 9.50 7.219
3 14.81 19.20 17.49 14.40 8.55 6.677
4 7.41 11.52 12.49 11.52 7.70 6.177
5 11.52 8.93 9.22 6.93 5.713
6 5.76 8.92 7.37 6.23 5.285
7 8.93 6.55 5.90 4.888
8 4.46 6.55 5.90 4.522
9 6.56 5.91 4.462
10 6.55 5.90 4.461
11 3.28 5.91 4.462
12 5.90 4.461
13 5.91 4.462
14 5.90 4.461
15 5.91 4.462
16 2.95 4.461
17 4.462
18 4.461
19 4.462
20 4.461
21 2.231

Source: U.S. Master Tax Guide.

depreciable costs accrue when fewer years remain in the life of the project than would alow for cost
recovery over the standard period, then costs are recovered using a straight line method over the remaining
period.

The expected tangible drilling costs, |ease equipment costs, and other capital expendituresis defined as

t
DEPREC, = ) [(COSTEXPxEXKAP+EQUIP)*SR *NUMEXP, +
i-B
(COSTDEV*DVKAP + EQUIP;) *SR,*NUMDEV, + KAP| +
1 \Y 1 )Y
DEPtfjJrl ( 1+|an) ( 1+d|$) ! (15)
B - T for t<T+m-1
~ | t-m+1 for t>T+m-1
where,
j = year of recovery
B = index for write-off schedule
m = number of yearsin standard recovery period
COSTEXP = drilling cost for a successful exploratory well
EXKAP = fractionof exploratory drilling coststhat are tangible and must be depreciated
EQUIP = leaseequipment costs per well
SR = successrate (1=exploratory, 2=developmental)
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NUMEXP = number of exploratory wells
COSTDEV = drilling cost for a successful developmental well
DVKAP = fraction of developmental drilling costs that are tangible and must be
depreciated
NUMDEV = number of developmental wellsdrilled in a given period
KAP = magorcapital expendituressuchasgravel padsin Alaskaor offshoreplatforms,
exclusive of lease equipment
DEP = fort < n+T-m, MACRS with half year convention; otherwise, 1/(n+T-t) in
each period
infl = expected inflation rate’
disc = expected discount rate.

Present Value of Expected State and Federal Income Taxes

The present value of expected state corporate income tax is determined by

PVSIT; = PVTAXBASE,; * STRT (16)

where,

PVTAXBASE
STRT

present value of expected taxable income (Equation (14))
state income tax rate.

The present value of expected federal corporate income tax is calculated using the following equation:

PVFIT, = PVTAXBASE; * (1-STRT) + FDRT (17)

where,

FDRT = federal corporate income tax rate.

Summary

The discounted cash flow calculation is auseful tool for evaluating the expected profit or loss from an oil
or gas project. The calculation reflects the time value of money and provides agood basisfor ng and
comparing proj ectswith different degreesof profitability. Thetiming of aproject'scashinflowsand outflows
has a direct affect on the profitability of the project. As aresult, close attention has been given to the tax
provisions as they apply to costs.

The discounted cash flow is used in each submodule of the OGSM to determine the economic viability of
oil and gasprojects. Varioustypes of oil and gas projects are eval uated using the proposed DCF cal culation,
including single well projects and multi-year investment projects. Revenues generated from the production
and sale of co-products also are taken into account.

®Each of the write-off schedules give recovered amountsin nominal dollars. Therefore, recovered costs are adjusted for
expected inflation to give an amount in expected constant dollars since the DCF calculation is based on constant dollar values for
al other variables.
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The DCF routine requires important assumptions, such as costs and tax provisions. Drilling costs, lease
equipment costs, operating costs, and other capital costsareintegral componentsof the discounted cash flow
analysis. The default tax provisions applied to the costs follow those used by independent producers. Also,
the decision to invest does not reflect a firm's comprehensive tax plan that achieves aggregate tax benefits
that would not accrue to the particular project under consideration.
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Introduction

The expected LNG import volumeswill respond to the projected gas prices at the point of delivery into the
U.S. pipeline network. That is, the unit cost of imported LNG! will be compared to the cost of other gas
availableto the pipeline network at that |ocation. Unit LNG costsinclude areasonablerate-of -returnfor each
step in the LNG supply chain and serve as the minimum price at which the associated volumes would flow.

The LNG project investment will have apositive expected discounted cash flow when the price exceedsthe
computed delivered cost (including taxes), which comprises four components distinguished by separate
operational phases: production, liquefaction, shipping, and regasification. Each cost component isexpressed
asthe cost incurred at each phase to supply a unit of LNG.

The methodology is intended to be transparent, representative of economic costs, and accounting for some
degree of tax liability. The specific level of costs may be affected by local factors that vary costs or tax
liability between countries. The sole operational phase on U.S. soil isthe regasification terminals.

Unit LNG costs are represented as follows:

DCST, = SUPCST, + LIQCST, + SHPCST, + RGASCST, (1)
where,
t = forecast year

DCST, = deivered cost per unit of LNG
SUPCST, = supply cost per unit of LNG
LIQCST, = liquefaction cost per unit of LNG
SHPCST, = shipping cost per unit of LNG

RGASCST, = regadfication cost per unit of LNG.

A brief description of these components is presented below.

Supply

Thestranded natural gas” production costsfor different supply sourcesrange between $0.25 (in 2001 dollars)
per thousand cubic feet (Mcf) to $0.60 per Mcf and are based on expert judgments drawn from the 2001
WorldLNG/GTL Review andtheOil & GasJournal’sMarch5, 2001, articletitled" Asian Gas Prospects-1,"
which has a cost breakdown for liquefied natural gas delivered to Japan from various sources.

A unit of LNG will be measured as a thousand cubic feet equivalent of the regasified LNG.

2Gas reserves that have been located but are isolated from potential markets, commonly referred to as "stranded" gas, are likely
to provide most of the natural gasfor LNG in thefuture. Reservesthat can be linked to sources of demand viapipeline are unlikely
candidates to be developed for LNG.

Energy Information Administration/Oil and Gas Supply Module Documentation 4-B-1



Liquefaction

LNG iquefaction cost datafor different supply sourcesfor 2001 arebased on the averageliquefaction capital
cost for onetrain (3 million metric tonsof LNG or 143 billion cubic feet (Bcf) per year) of $1 billion, which
is assumed to be amortized over a 20-year period. It is assumed that the construction of a one-train
liquefaction plant will take 3 yearsto complete. Assuming a50 percent debt-to-equity ratio and a12-percent
discount rate, the overal project capital cost is $1.130 billion. Hence, the depreciation cost for this
liquefaction plant is $0.39/Mcf, to which the return on investment capital and other overhead costs for
operationsincluding fuel costs (7 percent of average supply cost of $0.5/Mcf isassumed), taxes ($0.20/Mcf
isassumed), and administrative and general ($0.14/Mcf isassumed) areadded. Therate of return on capital
is assumed to be 12 percent, and costs are adjusted to account for the plant’s age, the location, and an
escalation cost. In general, these liquefaction costs fall in the $1.32-1.72/Mcf range.

Shipping

LNG per-mile transportation costs are based on the distance-weighted average of two per-mile shipment
costs: from Australia to Japan and from Indonesiato Japan. The shipment costs per mile from these two
supply areas are respectively $0.000244, and $0.000238 (MM Btu/mile), and are based on shipment costs
drawn from the Oil and Gas Journal’s March 5, 2001, article referenced above. This per unit average cost
to Japan is $0.0002413/MM Btu/mile and is applied to the different distances from the supply sourcesto the
different LNG receiving terminalsin the United States to arrive at the transportation costs.

Adjustmentsto these shipping costsare made by adding adifferential cost to the above shipping costsacross
the board. Thisdifferential cost is computed as the average of the differences between two transportation
costs, which are computed from two different methods for the same route (from a supply source to a
receiving LNGterminal). Thefirst method isalready described above. Thesecond method assumesanLNG
carrier with the following characteristics:

-Average capital cost = $186 million (including interest charges during the 3
year construction)

-Ship capacity = 143,000 cubic meters of LNG or 3 Bcf of natural gas

-Rate of return on capital= 12 percent

-Amortization period =20 years

-Fuel costs = 7 percent to 42 percent of supply costs, depending on
distance

-Administrative and general = 20 percent of capital and depreciation costs

The differential cost is computed equal to $0.52/Mcf (2001 dollars) for arate of return on capital of 12
percent. Thisdifferential isadded to the shipping costs across the board, which are computed using thefirst
method. The final shipping costs obtained are in the $0.89-3.72/Mcf range. The cheapest isfrom Trinidad
to North Carolina ($0.89/Mcf) and the highest shipping cost is from Qatar to Southern California
($3.72/Mcf).
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Regasification

Regasification costs are based on capital and operating expenses devel oped by PTL Associatesfor ageneric
183 Bcf per year, two storagetank LNG import terminal at anon-seismically active site with no requirement
for dredging or piling. The provided costs were adjusted to account for land purchase; rate of return; and
site-specific permitting, special land and waterway preparation and/or acquisitions, and regulatory costs.
Because an LNG facility has not been built in the last 20 years in the United States and because the site-
specific permitting and regulatory costs vary so much by location, experience in other countries is not
applicable to the difficulties and costs that would apply in the United States. Consequently, anecdotal
evidence and analyst judgement was used to devel op estimates of the site-specific costs on aregional basis
for both construction of new, and expansion of existing, facilities. To account for other general construction
and operating cost differences across the United States, multipliers (provided by PTL and ranging from .77
to 1.50) were applied to the costs for each coastal Natural Gas Transmission and Distribution Model
(NGTDM) region.

NG facilitiesare developed with an initial design capacity along with a capability for future expansion. For
existing terminals, original capital expenditures are considered sunk costs. Costs were additionally
determined for expansi on beyond documented expansi on capability at existing facilitiesunder theassumption
that if pricesreached sustained levels at which new facilities would be constructed, additional expansion at
existing facilities would likely be considered. The costs of expansion at existing facilities within aregion
arein general lower that those for the construction of new facilities.
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INTRODUCTION

The UGRSS is the unconventional gas component of the EIA’s Qil and Gas Supply Module (OGSM), one
component of EIA’s National Energy Modding System (NEMS). The UGRSS is a play level model that
specifically analyzes the three major unconventional resources - coalbed methane, tight gas sands, and gas
shales. Thisappendix describesthe UGRSSin detail. The following major topics are presented concerning
the model:

Model purposg;

Model overview and rationale;

Model structure

Inventory of input data, technological variables, model output;

The first section discusses the purpose of the UGRSS. The second section explains the rationale for
developing the UGRSS, and how the model alows OGSM to address various issues associated with
unconventional natural gas exploration and production. The third section discusses the actua modeling
structure in detail. The unconventional gas resource base is defined and quantified in the first part of this
section. The second part discusses costs and pricesin detail, offering justification from various sources. The
final part illustrates the model output and how this output data allows the model to progress yearly.

MODEL PURPOSE

The Unconventional Gas Recovery Supply Submodule (UGRSS) offers EIA the ability to analyze the
unconventional gas resource base and its potential for future economic production under differing
technological circumstances. The UGRSSwasbuilt exogenously from the National Energy Modeling System
(NEMYS) but now functions as a submodule within the NEM S Oil and Gas Supply Module (OGSM). The
UGRSS uses pricing datafrom EIA’sNGTDM, resource data from the USGS' s 1995 National Assessment?,
and cost data from various sources including the API’s JAS. An illustration of how the UGRSS interfaces
with the EIA/NEMS energy modulesis shown in Figure 4C-1.

Unconventional natural gas -- natural gas from coal seams, natural gas from organic shales, and natural gas
from tight sands -- was thought of as an “interesting concept” or “scientific curiosity” not long ago. To spur
interest in the development of unconventional gas, the U.S. Government offered tax credits (Section 29) for
any operator attempting to develop this type of resource. Indeed, this did interest many operators and
unconventional gas resources began to be developed. Through research and development (R& D), individual
technology was developed to enable unconventional resources to be economically developed and placed on
production. These technologies began to be applied in different regional settingsyielding successful results.

141995 National Assessment of United States Oil and Gas Resources,” U.S. Geological Survey,
National Oil and Gas Resource Assessment Team, U.S. Geological Survey Circular 1118, (1995)
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Figune 4C-1. UGRSS Interfaces with EVANEMS Modules

Ungamveniianal Gas Drilling,
Radarvid, snd Expached
Producilan ESM
- Ol and Gas
Eupply Module

UGRES
Urnconventianal Gas
Recovery Supply
Sulim odule

Farameders
Eslimxes

WG TIDE

Hatural Gas Gax Brices
Transmissian and

Disaribinion Moduls

a8 Prces

Today, according to the USGS's 1995 National Assessment, unconventional gas represents the largest
onshore technically recoverable natural gasresource (Table 4C-1). Figures4C-2 through 4C-4 illustrate the
current basins in which each type of resource exists. Since 1992, production in each unconventional gas
resource hasincreased and in 1996 unconventional gas made up 20 percent of natural gas production and 30
percent of natural gas reserves in the United States. The increase in the contribution of unconventional
natural gas to the U.S. production and reserve baseline is apparent and growing. This fact makes the
capability to understand the present unconventional gas resource base and the ability to predict future energy
scenarios involving unconventional gas an invaluable element in future DOE/EIA energy modeling.

Prior to the development of the new UGRSS, the estimates of unconventional gas production in the Annual
Energy Outlook (AEQ) were based on theresults of econometric equations. OGSM forecasted representative
drilling costsand drilling activities (wells) by region and resource type, including unconventional gas. Based
on historical trendsin reserve additions per well and a series of discovery process equations, these projected
drilling levels generated reserve additions, and thereby production, for each resource type. This approach
is somewhat limited when applied to unconventional gas, however. Because significant exploration and
development in this resource has been realized only recently, there exists minimal historical activity to
effectively establish atrend from which to extrapolate into the future. Furthermore, technological changes
have substantialy changed the productivity and economics of this resource area in recent years.
Consequently, the development of a specialized, geology and engineering based unconventional gas model
that accounts for technological advances was deemed necessary.
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Table 4C-1. USGS 1995 National Assessment

Background

= The 1835 National Assessment of U.5. Qi and Gas Resources by the USGS
established unconventional gas (continuous-type deposits) as the largest
undiscovered onshore technically recoverable natural gas resource:

== Continuous-Type Deposits 358 Tcf
- CBM (50 Tcf)
- Gas Shales (49 Tcf)
- Tight Sands* (260 Tcf)
== Resene Growth 322 Tcf
- Undiscovered Convenbonal 298 Tef
Resources

"Includes low permeability chalks

= Significantly, the 1985 Assessment did not quantitatively assess many
large, already producing unconventional gas deposits, such as:

== Wind River Basin, Teriary and Upper Cretaceous Tight Sands
- Fort Worth Basin, Bamett Shale

- Graen River Basin, Deep Coalbed Methana
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Figure 40'-2: Resources of US. Lower 48 Coalbed Methane Basing
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Fignre 4C- 5 Principal U5, Tight GGas Basins
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Source: Advanced Resources, International
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Figure 4C-4 Locations of U5, Gas Shale Basins
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MODEL OVERVIEW & RATIONALE

The growth of unconventional gas activities in the recent past has been so significant that DOE/EIA needed
a better understanding of the quantity of unconventional resources and the technol ogies associated with its
production. Figures4C-5 and 4C-6 and Table 4C-2 illustrate growth in coalbed methane, tight gas and gas
shales production. By 1996, unconventional gas made up 20 percent of US natural gas production and 30
percent of US natural gas reserves. Much of this growth can be attributed to technological advances from
R&D in unconventional gas supported by the DOE, the Gas Research I nstitute (GRI), and industry in the late
1980's and early 1990's.

The USGSincluded unconventional natural gasintheir 1995 National Assessment. However, their estimates
did not take into account future changes in technol ogies effecting unconventional gas. Because much of the
unconventional gas resource is “technology constrained” rather than “resource constrained,” it isimportant
to quantify the existing unconventional gas resource base and explore the technologies that are needed to
enhance the development of unconventional natural gas. The UGRSS incorporates the effect of different
technologies in different forward-looking scenarios to quantify the future of unconventional gas.
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Figure 4C-5
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Figure 4C-6
Gas Shale i 1
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Table 4C-2

Tight Gas Production -- 1992-1996

Annual Production (Bef)

Bazins/Regions 19492 1893 1994 1945 1896
Arkla 48 51 o2 a0 S0
East Taxas 339 385 370 370 370
Taxas Gulf Coast 435 458 474 200 220
Wind River 11 11 11 20 20
Green River 23 205 335 327 360
Demvver bh| TG ) T3 75
Linta 35 ] 59 56 &0
Piceance ) 33 34 a2 41
Anadarko 213 230 252 220 220
Permian Basin 235 253 255 260 280
San Juan 321 350 342 230 240
Williston g & B B 20
Appalachian 419 396 396 300 a7
TOTALS 2,397 2,603 2,645 2,638 2743

Source; Advanced Resources, International
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DATA SOURCES

The UGRSS borrows much of its resource data from the USGS's 1995 National Assessment. (Advanced
Resources International (ARI) prepared much of the resources assessment for coalbed methane within that
study). Further sources for unconventional gas resource datawere the National Petroleum Council’s (NPC)
1992 study (The Potential for Natural Gas in the United States) and ARI’s own internal database. The
UGRSSincorporatesall of the USGS designated continuous-type playsinto the model structure (continuous-
type deposits is the USGS term for unconventional gas) and adds some frontier plays that were not
quantitatively assessed by the USGS. Because of the geologic and engineering base for the model s structure,
many ARI internal basin and play level evaluations, reservoir simulations and history-matching based well
performances were included to modify the existing data. These modifications providethe UGRSS with up-
to-date and expert resource eval uation to baseitsfuture projections upon. Comparisons between the resource
base in the USGS's 1995 National Assessment and the UGRSS are provided in Tables 4C-3 to 4C-5.

The estimates used for current and expected activity in production and reserves within the UGRSS were
derived fromin-depth analysis of State survey data, industry inputs, Petroleum Information /Dwights Energy
Data (PI/Dwights) completion and production records and EIA’s annual reserves report. These data are
linked to the NEM S historic accounting module.

The data concerning costs and economics were developed by ARI from extensive work with industry
producersin tight gas, coalbed methane and gas shale basins, plusthe API'sJAS. Thesedataare also linked
to the main NEMS price module.

The determinations of how technology will affect the model, the timing of these technology impacts and
current and future environmental constraints are the significant variables that determine the output of the
UGRSS. These variables were developed by ARI to incorporate R& D programs being conducted by the
DOE, GRI and industry that lead to significant technology progress. These variableswill each be explained
in detail in the next section.

Drilling alocations establish a pace of well drilling for economically feasible gas plays based on relative
profitability and associated drilling schedules. The baseline data and these determinations are linked to the
other drilling projections within OGSM.

The model outputs to be incorporated into EIA’s AEO are: annual production, drilling and reserves, by
OGSM regions. These outputs are linked to NEM S integrating modul e and output reports.
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Table 4C-3

Tight Sand Resource Base
(as of 1/1/96)

Undeveloped Recoverable
Resources (Tcf)

Tight Sand Basins MNo. Plays USGS ARI Comments
Appalachian Basin B 439 162  Reduced Area
Arkoma MEA, 05 MNew Assessment

1
Columbia 1 126 6.3 Feduced Area; Success Rates
Louisiana-Miss Salt 1 52 176 Improved Performance
Mid-Continent { Anadarko) 3 A 196  MNew Assessment
Marthern Great Plains 3 399 213 Feduced Performance
Faocly MWountain Easins

- Denver 7 08 25 Inereased Well Density
- San Juan 3 27 9.4 Comparahle Assessient
- Ulnta 4 7.9 2.8 Irygaroved Performance
- Freen River 7 867 407 Added Deegp Gas/imoroved Performance
- Pleeanhce 3 72.8 2.2 Igaroved 5. Basin Assesshent
- Windg River 4 A 354 Mew Assessment
Fermian 2 A 90  Mew Assessment
Texas Gulf 3 A 215 MNew Assessment
TOTAL 2325 3472

Source: Advanced Resources, |nternational
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Table 4C-4

Gas Shales Resource Base

(as of 1/1/96)
Undeveloped Recoverable
Resources (Tcf)
Gas Shales Basins Mo. Plays USGS ARl Comments
Appalachian Basin 4 244 239 Comparable Azzessment
- Big Sandy Cenral f &1 86
- Bag Sandy Extension i a.1 .
- Fwater Sillsone Area 1 24 24
- Low Thermeal Maturnity ! 34 3.4
Michigan Basin 2 188 188  Comparable Assessment
[lirssis Basin 1 1.8 20 Comparable Azzessment
Cincirmatt Arch 1 1.4 1.4  Comparable Assessment
Williston Bagin 1 18 16  Comparable Azzessment
Fort Worth Basin 1 - 69  USGS Did Mot Azsess
TOTAL 10 485 54.7

Source: Advanced Resources, |nternational
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Table 4C-5

Coalbed Methane Resource Base
(as of 1/1/96)

Undeveloped Recoverable
Resources (Tcf)

CBM Basins No.Plays USGS ARI Comments
Appalachian Basin 3 1449 123 Comparable Assessment
- Central (7] (37)
- Northem 2 {7.6)
- Cahaba (1) (1.0
Black \Warrior Basin 2 23 22  Comparable Assessment
lllingis Basin 1 16 06 Reduced Area
Mid-Continent 2 5.0 32 Feduced Wel EUR's
Rocky Mountain Easins
- San Juan 5 7.5 8.7 fnfilt Development, Improved Well EUR'S
- Raton o 1.8 72 Expanded Area
- Liinia a3 32 7.8 Mew Plays, Expanded Area
- Fowider River 2 i 7715 Improved Well EURSs, Success Rates, Play
Probabiiifies; Expanded Area
- Green River by 30 1.0 Added Deep Caoals, improved Well EURS
- Fleeance 4 7.5 84 Comparable Assessment
Others (Wind River, etc ) 2 1.1 - Small Resources, Little Data
TOTAL 28 499 823

Source; Advanced Resources, International
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UGRSSMODEL STRUCTURE

The UGRSS is a FORTRAN-based modeling system developed in a spreadsheet format. The UGRSS
projects future unconventional natural gas production for the U. S. onshore lower 48 States. This section
discussesin detail the programming structure, design, model inputs and technology variables that allow the
UGRSS to function. The first section provides a brief introduction of the UGRSS and a description of the
interface between the UGRSS, NEMS, and OGSM. The resource base is categorized in detail in the next
section. Thejustification isdetailed for the modifications made by ARI to the existing USGS data, and some
background is provided for the new plays that are introduced in the new model. An explanation of how the
total resourceisderived through equationsis summarized and described morefully in the section dealing with
technologies. The third section deals with the price and cost components of the UGRSS. Justifications are
provided for each price and cost variable that effects the model output. The fourth section describes the
output of the model and how the model’ s output in the base year is built upon and either grows or shrinks
over time. Further description of how the equations of the model change from the base case year to
subsequent years is provided in this section. The final section describes the technology variables. This
section illustrates how different technol ogies apply to different plays and unconventional gas resource types
and how adjustments to these technol ogies affect the output of the model.

INTRODUCTION

The UGRSS was devel oped offline from EIA’s mainframe OGSM as a standalone model entitled Model of
Unconventional Gas Supply (MUGS). It was then programmed as a submodule of the OGSM. A
methodol ogy was devel oped within OGSM to enableit to readily import and manipul ate the UGRSS output,
which consistsessentially of detailed production/reserve/drilling tablesdisaggregated by the 17 regionswithin
the Natural Gas Transmission and Distribution Module (NGTDM) and by the 6 onshore regions of the
OGSM.

Thegeneral processflow diagram for the UGRSS s provided in Figure 4C-7. Within each of the 6 Lower-48
State regions, asdefined by OGSM; reservoir, cost and technology information were collected to analyze the
economics of producing unconventional gas. The UGRSS utilizes price information received from the
NGTDM viathe OGSM to generate reserve additions and production response based on economic and supply
potential.
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Figure 4C-7. UGRSS General Process
Flow Diagram
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The USGS estimates 352 trillion cubic feet (TCF) of continuous-type resourcesfor the onshore United States,
alocating 50 TCF to coalbed methane, 39 TCF to gas shales and 263 TCF to gasiin tight sands. Based on
these estimates unconventional gas (the USGS usestheterm continuous-type resources) holds about 100 TCF
more technically recoverable resources than conventional gas. Other studies aso quantified the amount of
unconventional gas resources. The Nationa Petroleum Council (NPC) alocated 1,065 TCF to
unconventional gas resourcesin its 1992 study.

Advanced Resources International (ARI) incorporated much of the resource information used in the UGRSS
from the 1995 USGS United States Oil and Gas Resource Assessment. ARI also used the NPC and it own
studies as reference data to track historical unconventional resource data and to illustrate how the outlook
concerning unconventional gas has changed over thelast 10 years. After analyzing these studies, ARI chose
the specific basins and playsit viewed as important producing or potential unconventional gas areas. Some
of these plays included in the UGRSS were not quantitatively assessed in the USGS study. These plays
include the deep coalbed methane in the Green River Basin, the Barnett Shale of the Fort Worth Basin, and
the Tertiary-age and Upper Cretaceous-agetight sands of the Wind River Basin. For theseresource estimates,
ARI gathered basin and play information from expert sources and added these specific playsto the resource
base.

RESOURCE BASE

The resource base is established in the first year of the UGRSS and is built upon in each year to produce
model outputs. The underlying resource base does not change but it is affected specifically by technology.
The static resource base elements and the definitions are presented here:

PNUM = Play Number: The play number established by ARI
BASLOC = BasinLocation: The basin and play name
BASAR = BasinArea Areainsguare miles
DEV_CEL = Developed Cells: Number of locations already drilled
WSPAC CT = Waéll Spacing - Current Technology: Current spacing in acres
WSPAC AT = Waell Spacing - Advanced Technology: Spacing in acres under Advanced
Technology
SZONE = Stimulation Zones: Number of timesasingle well is stimulated in the play
AVGDPTH = AverageDepth:  Average depth of the play
NOACCESS =  Percentage of the undrilled locations that are legally inaccessible
CTUL = Legalyaccessibleundrilled Locations- Current Technology: Current number
of locations legally accessible and available to drill
CTUL = ((BASAR*WSPAC_CT)- (DEV_CEL)) * (1-NOACCESS) 1)
ATUL = Legdly accessible undrilled Locations - Advanced Technology: Number of
locations legally accessible and available to drill under advanced technology
ATUL = ((BASAR*WSPAC_AT)- (DEV_CEL)) * (1-NOACCESS) 2
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WELL PRODUCTIVITY

This section of the unconventional gas model concernswell productivity. The Estimated Ultimate Recovery
(EUR) numbersweretaken directly (with some modifications) from the USGS 1995 Assessment. ARI placed
the base case year estimatesin as hard-wire figures and then extrapol ated these figures throughout the model
asformulas. For futureyears, much of theinput resource and production numbersin the UGRSS are derived
from equations. Year 1 includes many actual measured values because they offer a base of historic
information from which to forecast. Each isnoted in this documentation and the actual number and forecast
eguation are described.

The EUR’s of the potential wells to be drilled in areas that are thought in a given year to be the best 30
percent (in terms of productivity), middle 30 percent, and worst 40 percent, respectively, of abasin are based
on weighted averages of the true EUR’ sfor the best 10 percent, next best 20 percent, middle 30 percent, and
worst 40 percent of the basin. The weights reflect the degree to which the driller is able to ascertain a
complete understanding of the basin’s structure.

The actual EUR’ s for the basin are represented as follows.

RW10, = Reserves per Well for the best 10 percent of the play (year 1): an EUR
estimate

RW20, = Reservesper Well for the next (lesser) 20 percent of the play (year 1): an EUR
estimate

RW30, = Reservesper Well for the next (lesser) 30 percent of the play (year 1): an EUR
estimate

RW40, = Reserves per Well for the worst 40 percent of the play (year 1): an EUR
estimate

Variables representing the EUR’ s of the potential wellsto be drilled in agiven year are shown below. Note
that the EUR’s of all three qualitative categories of wells (best 30 percent, middle 30 percent, and worst 40
percent) are equal inthefirst year. Thisreflectstherelatively random nature of drilling decisionsearly inthe
basin’ sdevelopmental history. Aswill be shown, these respective EUR'’ sevolve asinformation accumulates
and technol ogy advances, enabling drillersto more effectively locate the best prospective areas of the basin.

For Year 1:
MEURL,; = A weighted average for the EUR values for each (entire) basin
MEUR1, , = (0.10rRW10,)+(0.20* RW20,)+(0.30* RW30,)+(0.40* RW40,) (3)
MEUR1,, = A weighted average for the best 30 percent of the potential wells in the basin
MEURL,, = (0.10*RW10,)+(0.20*RW20,)+(0.30* RW30,)+(0.40* RW40,)
MEUR1,; = A weightedaveragefor the middle30 percent of the potential wellsinthebasin
MEURL,, = (0.10rRW10,)+(0.20*RW20,)+(0.30* RW30,)+(0.40* RW40,)
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MEUR1,, = A weighted averagefor theworst 40 percent of the potential wellsin the basin
MEURL,, = (0.10*RW10,)+(0.20*RW20,)+(0.30* RW30,)+(0.40* RW40,)
Where,

Subscript 1 = year count, with 1996=1; years = 1,25
Subscript 2 = basin area

1 =total area of basin

2 = designated “ best area’ of the basin

3 = designated “average area’ of the basin

4 = designated “worst area’ of the basin

As mentioned above, the equations change for MEUR after the first year. After Year 1, experience and
technology enable the basin to be better understood geologically and from a potential productive aspect.
Accordingly, the model gradually high grades each basin into a best, average, and worst area. As the
understanding of the basin develops over time and technology advances, the area thought to be the best 30
percent from adrilling prospective movestoward an EUR representative of the best 10 percent and 20 percent
of the basin, the average area stays consistent with the middle 30 percent basin EUR value and the area
figured to constitute the worst 40 percent of the potential drilling prospects slowly downgradesto the bottom
40 percent basin EUR value. The EUR for the entire basin is also increasing over time due to the effect of
technological progress in reducing damage from drilling and stimulation, increasing fracture length and
conductivity, and improving pay contact. This process uses the following equations:

MEURL,, , for the best 30 percent of the wellsin the basin :

MEURL,, , = (MEURL, ;+(((((RW10,*(1/3))+(RW20,*(2/3)-MEURL, ,))/ 4)
DEVPER)*TECHYRYS)) *
(1+TECHYRS* (REDAM%/20)+TECHY RS* (FRCLEN%/20)+TECH
Y RS*(PAY CON%/20)))
Where,
DEVPER = Development period for “Favorable Settings’ technological advances
REDAM% = Total percentage increase over development period due to advances in
“Reduced Damage D& S’ technology
FRCLEN% = Tota percentage increase over development period due to advances in
“Increased Fracture Length L& C” technology
PAYCON% = Total percentage increase over development period due to advances in
“Improved Pay Contact” technology
TECHYRS = Number of years (from base year) over which incremental advances in

indicated technology have occurred

MEURL,, , for the middle 30 percent of the wellsin the basin :

MEURL,, = RW30,,* (5)
(1+TECHY RS* (REDAM%/20)+ TECHY RS* (FRCL EN%/20)+ TECH
YRS*(PAY CON%/20)))
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MEURY,,, , for the worst 40 percent of the wellsin the basin :

iyr,4

MEURL,,, = MEURL1, ;-((RW30,-RW40,)/DEVPER)* TECHYRS) *

(1+TECHY RS* (REDAM%/20)+ TECHY RS* (FRCL EN%/20) ©)
+TECHY RS* (PAY CON%/20))

NEWCAVFRWY = For Coabed Methane, establishes whether or not cavitation technology is
advanced to the point that “New Cavity Fairways’ are developed for the
basins geologically favorable for use of thistechnology.

CAVFRWY% =  For Coalbed Methane, total percentage increase in EUR due to development
of New Cavity Fairways.
MEUR2 = For Coalbed Methane, “MEUR1" adjusted for technological progressin the
development of New Cavity Fairways (explained in more detail in the
Technology Section - Appendix 4-D)
MEUR2 = IF NEWCAVFRWY equal to 1:
MEUR2 = MEURL * (1 + CAVFRWY %) (7
IF NEWCAVFRWY equal to O:
MEUR2 = MEUR1
ENCBM =  For Coalbed Methane, establishes whether or not enhanced coalbed methane
technologies are available to be used in basins in which such technologies are
applicable.
ENCBM% = For Enhanced Coalbed Methane, total percentage increase in EUR due to
implementation of enhanced coalbed methane technol ogies.
MEUR3 = For Enhanced Coalbed Methane, “MEUR2" adjusted for technologica
progress in the commercialization of Enhanced Coalbed Methane (explained
in more detail in the Technology Section - Appendix 4-D)
MEUR3 = IF ENCBM equal to 1:
MEUR3 = MEUR2 * (1 + ENCBM%) 8
IF ENCBM not equal to 1:
MEUR3 = MEUR2
SC
SSRT, = Success Rate : The ratio of successful wells over total wells drilled (This can also

be called the dry hole rate if you use the equation 1 - SCSSRT). Though each of
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these SCSSRT valuesis an input value in Year 1, future forecasting turns these
inputs into formulas that capture the effects of technology on the resource base.

Theﬁe equations will be explained in the technology section.

(9)

(10)

(11)

PLPROB = Theplay probability: Only hypothetical plays have a PLPROB < 100 percent.
PLPROB2 = The play probability adjusted for technological progress, if initial play
probability lessthan 1
TRW = Theamount of technically recoverable wells available regardless of economic
feasibility. Though each of these TRW values is an input value in Year 1,
future forecasting turns these inputs into formulas that capture the effects of
technology on the resource base. These equations will be explained in the
technology section.
TRW = (ATUL* SCSSRT* PLPROB2)
UNDEV_RES = Undeveloped resources: This formularemains constant
throughout the model.
UNDEV_RES = (MEUR3*TRW)
RESNPROD,, = Reservesand Production: Thisisan input number for Year 1 but changesinto
the following formula for subsequent years.
RESNPROD,, = RESNPROD,,,+RESADD,, ,
URR = Ultimate Recoverable Resources: This formula remains constant throughout
the model.
URR = (RESNPROD+UNDEV_RES)

ECONOMICS AND PRICING

(12)

The next section of the unconventional gas model focuses on economic and pricing of the different types of

unconventional gas. The pricing section involves many variables and is impacted by technology.
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DIS FAC = Discount Factor: This is the discount factor? that is applied to the EUR for
each well. The discount factor is based on the Present Value of a production
stream from atypical coalbed methane, tight sands, or gas shales well over a
20 year period. The stream is discounted at a rate of 15 percent. Both the
production stream and the discount rate are variables that are easily modified.

DISCRES = Discounted Reserves: The mean EUR per well multiplied by the discount
factor.

DISCRES = (DIS_FAC*MEURS3) (13)
WHGP = Wellhead Gas Price: The price stream is a variable provided by EIA. This
variableisinput for each year.

BASNDIF = Basin Differential: This is a sensitivity on the gas price at a basin level.
Depending on their proximity to market and infrastructure, the price varies
throughout the country. The numbers are constant throughout the model.

ENPVR =  Expected NPV Revenues: Givesthevalue of the entire discounted production
stream for one well in real dollars.
ENPVR = (WHGP+BASNDIF)* DISCRES* 1,000,000 (14
DACC =  Drilling and completion costs
DACC = IF AVGDPTH less than 2000 feet:
DACC = AVGDPTH*DCC_L2K+DCC_G&G
IF AVGDPTH equal to or greater than 2000 feet: (15)
DACC = 2000*DCC_L 2K+(AVGDEPTH-2000)
*DCC_G2K)+DCC_G&G
DCC L2K = Cost per foot, well islessthan 2000 feet.
DCC G2K = Cost per foot, well is greater than 2000 feet.
DCC_G&G = Land/G&G Costs

The following table represents drilling costs for Coalbed Methane:

The definition for the discount factor is found in the appendix.

4C-22
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Table 4C-6. Drilling Costs for Coalbed Methane

Well Depth Well Cost Land/ G& G Costs
< 2000 feet $50.00 / foot $10,000
> 2000 feet $80.00 / foot $10,000

Source: Advanced Resources, |nternational

Drilling Costs were calculated by basin for Tight Sands and Gas Shales because of the differing depths
among basins and differing state regulations. The formulas for drilling cost equations are similar for tight
sands and gas shales; the average depth of the play is established and at that depth a calculation is made

adding afixed cost to avariable cost per foot.

The following tables represent drilling costs for Tight Sands and Gas Shales:

Table 4C-7. Drilling Costs for Tight Sands

UTAH - UintaBasin

Depth fixed cost [|variable cost $/ft

0-2500 20000 40
2500-5000 50000 50
5000-7500 50000 60
7500-10000 50000 70
10000-12500 50000 80
12500-15000 50000 95
15000-20000 50000 240

WY OMING - Wind River, Greater Green River Basins

Depth fixed cost [|variable cost $/ft

0-2500 20000 50
2500-5000 50000 40
5000-7500 50000 50
7500-10000 50000 60)
10000-12500 50000 65
12500-15000 50000 95
15000-20000 50000 242,
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4C-24

Table 4C-7. Drilling Costs for Tight Sands

COLORADO - Piceance, Denver Basins

Depth fixed cost [|variable cost $/ft

0-2500 20000 46
2500-5000 50000 34
5000-7500 50000 43
7500-10000 50000 43
10000-12500 50000 73
12500-15000 50000 150
15000-20000 50000 200

NEW MEXICO - WEST (Rockies) - San Juan Basin

Depth fixed cost |variable cost $/ft
0-2500 20000 47
2500-5000 50000 53
5000-7500 50000 54
7500-10000 50000 75
10000-12500 50000{-

12500-15000 50000|-

15000-20000 50000|-

NEW MEXICO - East - AZ, SW

Depth fixed cost [|variable cost $/ft
0-2500 20000(-

2500-5000 50000 45
5000-7500 50000 65
7500-10000 50000 67
10000-12500 50000 70
12500-15000 50000 89
15000-20000 50000 117
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Table 4C-7. Drilling Costs for Tight Sands

APPALACHIA - Appalachian Basin

Depth fixed cost [|variable cost $/ft
0-2500 30000 30
2500-5000 30000 25
5000-7500 30000 25
7500-10000 30000 25
10000-12500 30000|-

12500-15000 30000|-

15000-20000 30000|-

LA/MS/TX Salt Basins - Cotton Valley / Travis Peak

Depth fixed cost |variable cost $/ft
0-2500 10000 30
2500-5000 20000 32
5000-7500 20000 53
7500-10000 20000 90
10000-12500 20000 90
12500-15000 20000 95
15000-20000 20000|-

ARKANSASOKLAHOMA/TEXAS- Arkoma/ Anadarko

Basins

Depth fixed cost [|variable cost $/ft

0-2500 10000 63
2500-5000 20000 47
5000-7500 20000 50
7500-10000 20000 57
10000-12500 20000 73
12500-15000 20000 87
15000-20000 20000 88
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Table 4C-7. Drilling Costs for Tight Sands

MONTANA - Northern Great Plains Basins

Depth fixed cost [|variable cost $/ft
0-2500 20000 30
2500-5000 20000 30
5000-7500 20000|-

7500-10000 20000(-

10000-12500 20000(-

12500-15000 20000|-

15000-20000 20000|-

TX - Texas Gulf Basins -- Wilcox/Lobo, Vicksburg,

Olmos

Depth fixed cost [|variable cost $/ft

0-2500 10000 24
2500-5000 20000 26
5000-7500 20000 37
7500-10000 20000 63
10000-12500 20000 122
12500-15000 20000 163
15000-20000 20000 217

TX / NM - Permian Basin -- Canyon Sands

Depth fixed cost [|variable cost $/ft
0-2500 10000}-

2500-5000 20000 44
5000-7500 20000 50
7500-10000 20000 50
10000-12500 20000 67
12500-15000 20000 110
15000-20000 20000 188
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Table 4C-7. Drilling Costs for Tight Sands

TX /NM - Permian Basin -- Abo

Depth fixed cost [|variable cost $/ft
0-2500 10000}-

2500-5000 20000 54
5000-7500 20000 70
7500-10000 20000 71
10000-12500 20000 72
12500-15000 20000 91
15000-20000 20000 119

Source; Advanced Resources, International

Table 4C- 8. Drilling Costs for Gas Shales

Ml - Antrim Shale

Wells
Depth fixed cost |variable cost $/ft
0-2500 20000 60
2500-5000 20000 100
5000-7500 20000 120
7500-10000 20000 130
10000-12500 20000}
12500-15000 20000({-
15000-20000 20000(-

Source: Advanced Resources, |nternational

STIMC = Stimulation Costs: Provides the cost of stimulating awell in the specific
basin by multiplying the given average stimulation cost by the number of
stimulation zones.

STIM_CST = Variable average cost of stimulating one zone. (Number of zonesisa
variable)

STIMC = (SZONE*STM_CST)
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PASE = Pumping and Surface Equipment Costs. Determinesif the play requires
H,O disposal, adds the variable pumping and surface equipment cost,
and multiplies the average depth (if so) to the variable tubing cost of $5/
foot. If not, aflat variableis added.

PASE = IF WATR_DISP equal to 1:
PASE = BASET+5* AVGDPTH (17)
IF WATR_DISP not equal to 1.
PASE = 10,000

BASET

Variable cost of Pumping and Surface equipment when H,O disposal is
required.

LSE_EQ

L ease Equipment Costs. Established if H20 disposal is needed and adds
thisfee (if s0) to the variable L ease Equipment costs depending on
MEUR.

LSE EQ IF WATR_DISP equal to 1:
IF MEURS3 less than 0.5:
LSE EQ = WOMS LE +WOML_WTR
IF MEURS greater than or equal to 0.5:
IF MEURS less than or equal to 1.
LSE EQ = WOMM_LE+
WOML_WTR
IF MEURS greater than 1. (18)
LSE EQ = WOML_LE+
WOML_WTR
IF WATR_DISP equal to O:
IF MEURS3 less than 0.5:
LSE EQ = WOMS LE
IF MEURS greater than or equal to 0.5:
IF MEURS less than or equal to 1:
LSE EQ = WOMM_LE
IF MEURS greater than 1.
LSE EQ = WOML_LE

WATR_DISP

Establishes whether or not (and degree to which) water disposal is
required (No Disposal=0; Maximum Disposal=1)

Small Well Lease Equipment Costs

Medium Well Lease Equipment Costs

Large Well Lease Equipment Costs

WOMS LE
WOMM_LE
WOML_LE
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WOML_WTR

Water Producing Well Lease Equipment Costs

The matrix for Lease Equipment costs and EUR is shown below:

Table4C-9. Lease Equipment Costs Matrix

Well Size (EUR) Lease Equip Water
Well O&M $ 50,000 $ 50,000
Small Well - <0.5 Bcf
Well O&M $ 75,000 $ 50,000
Medium Well - <1.0 Bcf
Well O&M $ 120,000 $ 50,000

L

arge Well - >1.0 Bcf

Source: Advanced Resources, International

GAA10 = G&A Costs: Addson avariable G&A cost
GAA10 = RST*( LSE_EQ+ PASE+ STIMC+ DACC)
RST = Variable G& A Cost - Currently 10 percent
TCC = Total Capital Costs: The sum of Stimulation Costs, Pumping and
Surface Equipment Costs, Lease Equipment Costs, G& A Costs and
Drilling and Completion Costs
TCC = DACC+STIMC+PASE+LSE_EQ+GAA10
DHC = Dry Hole Costs: Calculates the dry hole costs
DHC = (DACCH+STIMC) * ((1/SCSSRT)-1)
CCWDH = Capital Costs & Dry Hole Costs with Access Adjustment: Combines
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these two costs, convertsinto $/Mcf, and adjusts costs to reflect higher

costs in portion of play where lease stipulations occur
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CCWDH =

If ACCESS equals 0 or YEAR islessthan ACCESS YR: (22)

CCWDH = (LEASSTIP/(1.0-NOACCESS))*1.06
*((TCC+DHC)/DISCRES* 1,000,000)) +
((1.0-LEASSTIP-NOACCESS)/ (1.0-
NOACCESS))* ((TCC+DHC)/DISCRES*
1,000,000)

If ACCESSisnot equal to 0 and YEAR is greater than or equal to

ACCESS YR:

CCWDH = (TCC+DHC)/(DISCRES* 1,000,000)

LEASSTIP

VOC =

L ease Stipulated Share: The percentage of the play that is subject to
Federal |ease stipulations

Variable Operating Costs: Establishesif the play requires H,O disposal
and adds the appropriate cost ($/Mcf)

VOC

VOC

VOC = IF WATR_DISP grester than 0.4:

IF WATR_DISP less than or equal to 0.4:

= (WTR_DSPT*(TECHY RS)* (WDT%/20))
+((WOMS)* (TECHY RS)* (PUM P%/20))
+((GASTR)* (TECHY RS)* (GTF%/20))
+(OCWWS$) (23)

= (WTR_DSPT*(TECHY RS)* (WDT%/20))
+((WOMS)* (TECHY RS)* (PUMP%/20))
+((GASTR)* (TECHY RS)* (GTF%/20))
+(OCNW$)

WTR_DSPT
WDT%

WOMS
PUM P%

TECHYRS

GASTR
GTF%

OCWW$
OCNW$

Water Disposal Fee: $0.05

Total percentage decrease in H,O disposal and treatment costs over the
development period due to technological advances

H,O Costs, Small Well

Total percentage decrease in pumping costs over the development period
due to technological advances

Number of years (from base year) over which incremental advancesin
indicated technology have occurred

Gas Treatment and Fuel costs - $0.25

Total percentage decrease in gas treatment and fuel costs over the
development period due to technological advances

Operating Costs with H,O - $0.30

Operating Costs without H,O - $0.25
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VOC2 = Variable Operating Costs: Establishes an extra operating cost for plays that will
incorporate the technology of Enhanced CBM in the future

VOC2 = If ECBMR isequa to 1:
VOC2 = (VOC+((ECBM_OC+VOC)* (ENH_CBM%))/ (29)
(1+ENH_CBM%))
If ECBMR isnot equal to 1:
VOC2 = VOC

ECBM_OC
ENH_CBM%

Enhanced CBM Operating Costs Variable - $1.00
Enhanced CBM EUR Percentage gain

FOMC Fixed Operating and Maintenance Costs: (1) Establish whether or not
the play requires H20 disposal; (2) determine the size of the reserves/

well (EUR); (3) calculate the Fixed O&M Costs for the well

(25)

FOMC = If WATR_DISP s greater than or equal to 0.5:

If MEURS islessthan or equal to .5:

FOMC = DIS FACT*WOMS OMW+
VOC* (DISCRES*1,000,000)

If MEURS is greater .5 and less than or equal to 1:

FOMC = DIS FACT*WOMM_OMW
+VOC* (DISCRES* 1,000,000)

If MEURS is greater than 1:

FOMC = DIS FACT*WOML_OMW
+VOC* (DISCRES* 1,000,000)

If WATR_DISPislessthan 0.5:

If MEURS islessthan or equal to .5:

FOMC = .6*DIS_ FACT*WOMS_OMW+VOC*
(DISCRES* 1,000,000)

If MEURS is greater .5 and less than or equal to 1:

FOMC = .6*DIS_FACT*WOMM_OMW+VOC*
(DISCRES* 1,000,000)

If MEURS is greater than 1.

FOMC = .6*DIS FACT*WOML_OMW+VOC*
(DISCRES* 1,000,000)
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Table 4C-10. Operation and Maintenance Costs Matrix

Operation & Maintenance | WOM*_OMW WOM*_OM
Costs H,O No H.,O
Well O&M <0.5 Bcf $ 180,000 $ 108,000
Well O&M <1.0 Bcf $ 270,000 $ 162,000
Well O&M >1.0 Bcf $ 360,000 $ 216,000

Source: Advanced Resources, |nternational

WOMS OMW = Operating & Maintenance - Small well with H,O disposal
WOMM_OMW = Operating & Maintenance - Medium well with H,O disposal
WOML_OMW = Operating & Maintenance - Large well with H,O disposal
WOMS _OM = Operating & Maintenance - Small well without H,O disposal
WOMM_OM = Operating & Maintenance - Medium well without H,O disposal
WOML_OM = Operating & Maintenance - Large well without H,O disposal
TOTL_CST = Total Costs ($/Mcf): Calculatesthetotal costs of producing the
gasin ($/Mcf)
TOTL_CST = CCWDH+FOMC/(DISCRES* 1,000,000)
(26)
NET_PRC = Net Price ($/Mcf): Caculatesthe Royalty & Severance Tax on the gas
price

NET_PRC = (1-RST)* (WHGP+BASNDIF) (27)

RST = Variable Royalty and Severance Tax - Set at 17 percent

NET PROFITABILITY

The next section of the unconventiona gas model focuses on profitability. The profitability of the play
drives the model outputs. The better the economics of the play, the faster it will be developed so that the
operator will maximize the potential economic profit.
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MIN_ROI = Risk premium ($/Mcf): A minimum rate of return on investment
NET_PROF = Net Profits ($/Mcf): Calculates whether or not the play is profitable
under the current variable conditions
NET_PROF = NET_PRC - TOTL_CST - MIN_ROI (28)
NET_PROF2 = Net Profits: Allows only the profitable plays to become devel oped.
NET_PROF2 = If NET_PROF is greater than O:
NET_PROF2 = NET_PROF (29)
If NET_PROF islessthan or equal to O:
NET_PROF2 = 0
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MODEL OUTPUTS

The last section of the unconventional gas model supplies the user with yearly model outputs by basin.

UNDV_WELS =

Undeveloped Wells: (1) Establish whether or not the play is
profitable and therefore ready for development; (2) establish whether
or not environmental or pipeline regulations exist for the play;

(3) If regulations exist, restrict a certain percentage (50 percent) of the
play from development; (4) If regulations do not exist, allow the

entire play can be developed.

UNDV_WELLS

If NET_PROF is greater than O:
IFENPRGS = 1
UNDV_WELLS

TRW* (ENV %+

LOW%/LOWYRS

*TECHYRYS)

IFENPRGS = o: (30)
UNDV_WELLS = TRW

If NET_PROF islessthan or equal to O:

UNDV_WELLS = 0

ENPRGS
ENV%

LOW%

LOWYRS

MEUR4

Establishesif the play is pipeline or environmentally regul ated.

The percentage of the play that is not restricted from development due to
environmental or pipeline regulations

The percentage of the play that is restricted from devel opment due to
environmental or pipeline regulations

The number of years the environmental and or pipeline regulation will
last.

Mean EUR: This variable establishes whether or not the play is
profitable and if so, allows the EUR to appear for development.

MEUR4

If NET_PROF is greater than O:
MEUR4 = MEURS3

If NET_PROF islessthan or equal to O:
MEUR4 = 0

(31)

4C-34

PROV_RES
RP_RAT

PROD

Proved Reserves. Thisvariableis aplugged number in the first year to
equate with the EIA published figure

Reserves-to-Production (R/P) Ratio: This variableis the current R/P
ratio. For some playsthisisa plugged number in the first year.
Current Production: Thisvariableisaplugged number in the first year
to equate with the EIA published figure
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DRL_SCHED = Drilling Schedule: This variable determines the drilling schedule for the
play. Thedrilling schedule is dependent upon the profitability of the

play.

DRL_SCHED = If HYP% isequa to O:
If NET_PROF2 islessthan or equal to O:
DRL_SCHED = 0
If NET_PROF2 is greater than O:
If NET_PROF2 islessthan LOWS:
DRL_SCHED = USLOW
If NET_PROF2 is greater than or equal to LOW$:
If NET_PROF2islessthan SMALS$: (32
DRL_SCHED = SLOW
If NET_PROF2 is greater than or equal to SMALS$:
If NET_PROF2 islessthan MED$:
DRS SCHED =MED
If NET_PROF2 is greater than or equal
to MEDS:
If NET_PROF2islessthan LARS:
DRL_SCHED=FAST
If NET_PROF2 is greater than or
equal to LARS:
DRL_SCHED=UFAST
If HYP% is not equal to O:
DRL_SCHED = 0

HYP
OA) =
Establ
ishes

whether or not the play is hypothetical

Table 4C-11. Drilling Rules Matrix

| Drilling Rules
Net Profitability | Drilling Schedulein Y ears
LOWS$ [0.25| USLOW 40
SMAL$ [ 05 SLOW 30
MED$ [ 0.75 MED 20
LARS 1 FAST 10
XLAR$ |>1.00] UFAST 10
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DRL_SCHED2 = Drilling Schedule: This variable allows technology advancement to

effect the drilling schedule

DRL_SCHED2

If DRL_SCHED is greater than O:
If EMRG isegual to 1:
DRL_SCHED?2 = (DRL_SCHED+EMERG%)
-EMERG#
If EMRG isnot equal to 1:
DRL_SCHED?2 = DRL_SCHED
If DRL_SCHED islessthan or equal to O:
DRL_SCHED?2 = 0

EMRG = The parameter that determinesif the play isan emerging basin. This

designation was made by ARI.
EMERG%

hindrance of the play being an emerging basin.

EMERG#
in technology.

DRL_SCHED3

The number of years added onto the drilling schedul e because of the

(33)

The number of years taken off the drilling schedule for an advancement

Drilling Schedule: This variable calculates and justifies the technology

impacts of the previous two Drilling Schedule variables to ensure that the

proper drilling schedule is positive.

DRL_SCHED3 = If DRL_SCHED? islessthan DRL_SCHED:
DRL_SCHED3 = DRL_SCHED
If DRL_SCHED?2 is greater than or equal to
DRL_SCHED:
DRL_SCHED3 = DRL_SCHED2
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DRL_SCHED4 = Drilling Schedule: This variable adjusts the drilling schedule for the play
to reflect the effect of access-limiting lease stipulations

DRL_SCHED4 = If ACCESS equals O or YEAR islessthan ACCESS YR:

DRIL_SCHEDA4 = (LEASSTIP/(1.0-NOACCESS))*1.10
*DRIL_SCHEDS +((1.0-LEASSTIP- (35)
NOACCESS)/(1.0-NOACCESS))*
DRIL_SCHED3

If ACCESSisnot equal to 0 and YEAR is greater than or equal to

ACCESS YR:

DRIL_SCHED4 = DRIL_SCHED3

NW _WELLS = New Wells: The amount of wellsdrilled in the play in the current year

NW_WELLS If DRL_SCHEDA4 is greater than O:
If Year isgreater than 1 and NW_WELLS LAG s
greater than O:
If UNDV_WELLS/DRL_SCHED4 is (36)
greater than 1.3*NW_WELLS LAG:
NW_WELLS=1.3*NW_WELLS LAG
Elseif UNDV_WELLS/DRL_SCHED4 is
lessthan .7*NW_WELLS LAG:
NW_WELLS=.7*NW_WELLS LAG
Else:
NW_WELLS=UNDV_WELLY
DRL_SCHED4
If Yearisequal tol or NW_WELLS LAG isequa
to O
NW_WELLS=UNDV_WELLS/DRL_SCHED4
If DRL_SCHED4 is equal to O:
NW WELLS=0

NW_WELLS LAG

New Wells Lagged: The amount of wells drilled in the play in the
previous year

NW_WELLS2

New Wells2: Thisvariable ensures the wells drilled is a positive number
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NW_WELLS2 =

If UNDV_WELLSislessthan NW_WELLS:
NW_WELLS2 = UNDV_WELLS

If UNDV_WELLS s greater than or equal to
NW_WELLS:

NW_WELLS2 = NW_WELLS

DRA

Drilled Reserve Additions. This variable establishes the existence of
reserve additions in plays that have had development in that year.

DRA =

NW_WELLS2*MEUR4

RGA

Reserve Growth Additions. This variable establishes if the play will
have reserve growth and then allocates an appropriate amount for the

play.

RGA =

If RES GRisequal to 1:
If ENCBM isequal to 1.
RGA = RGR*PROV_RES + .025* ((MEUR3-
MEUR2)*DEV_CEL)
If ENCBM isnot equal to 1:
RGA = RGR*PROV_RES:
If RES _GRisnot equal to 1:
RGA = 0

RES GR
RGR

R_ADD

Establishes whether or not the play will have reserve growth. These

parameters are explained in the technology section.
Reserve Growth Rate

(37)

(38)

(39)

Total Reserve Additions; This variable sums the Drilled Reserves and the

Reserve Growth

R _ADD =

DRA+RGA

PROV_RES2

(40)

Proved Reserves for the next year: This variable calculates the reserves
for the coming year from the calculation of occurrences during the year.

Thisvariableisaninput in Year 1 but then turnsinto aformula.
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PROV_RES2 = If (PROV_RES+R_ADD-PROD) is greater than O:

PROV_RES2 = PROV_RES+R_ADD-PROD (41)
If (PROV_RES+R_ADD-PROD) islessthan or equal to O:
PROV_RES2 = 0

RP_RAT2

= R/P Ratio for the next year: This variable establishesthe R/P ratio for
the next year by subtracting one from the current R/P, not allowing the
R/P to drop under a specified limit.

RP_RAT2

= If R/Pisgreater than 10:

RP_RAT2 = RP_RAT-1
If R/Pislessthan or equal to 10:
RP_RAT2 = RP_RAT

(42)

PROD2

Production for the next year: This variable establishes production for the
next year using the new R/P ratio

PROD2 = If R/P2 isequal to O:

PROD2 = 0
If R/P2isnot equal to O: (43)
PROD2 = PROV_RES2/(RP_RAT2)

UNDV_WELLS2 = Undeveloped wells available to be drilled for the next year

UNDV_WELLS2 = If ENPRGS s equal to 1:

UNDV_WELLS2 = TRW-NW_WELLS2
If ENPRGS s not equal to 1:
If UNDV_WELLSisequal to O:
UNDV_WELLS2 = 0
If UNDV_WELLSIisnot equal to O:

If (UNDV_WELLSNW _WELLS2)is (44)

equal to O:

UNDV_WELLS2 = 0.1

If (UNDV_WELLSNW_WELLS2) is

not equal to O:

UNDV_WELLS2 =
UNDV_WELLS
-NW_WELLS2
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Appendix 4-D. Unconventional Gas
Recovery Supply Technologies



L. INTRODUCTION

The Unconventional Gas Recovery Supply Submodule (UGRSS), shown in Figure 4D-1, relieson
the Technology Impacts and Timing functionsto capture the effects of technology progress on the costsand
rates of gas production from coalbed methane, gas shales, and tight sands. The numerous research and
technology initiativesare grouped into 11 specific “ technol ogy packages,” that encompassthefull spectrum
of key disciplines -- geology, engineering, operations, and the environment. The enclosed materials define
these 11 technology packages for unconventional gas exploration and production (E& P).

The technology packages are grouped into four distinct technology cases -- Reference Case, Low
Technology, High Technology, and Reference Case without Department of Energy (DOE) research and
development (R& D)-- that capturefour different futuresfor technol ogy progress, asfurther described bel ow:

Reference Case captures the current status and trends in the E&P technology for
unconventional gas. A limited amount of R& D ontight sand reservoirsisdirectly supported
by the DOE, particularly on advanced macro-exploration, seismic technologies, and
matching of technology to reservoir settings. The Gas Research Institute (GRI) R&D
program fundsval uabl e studies of emerging and future gas playsand supportsadvanced well
stimulation technology. Also, direct R&D on CBM has been funded by the DOE SBIR
program for CBM cavitation technology. In addition to the directly funded R&D,
considerableindirect R& D by DOE, GRI and otherscontributesto unconventional gasE& P,
particularly ondrilling cost reductions, re-stimul ation opportunities, produced gasand water
treatment, and environmental mitigation. However, overall technology progress in
unconventional gas has slowed noticeably with the phase-out of formal R& D on thistopic
by GRI and the United States Geological Survey (USGS).

The Low Technology case developed by ARI for the UGRSS captured the pace of
technology progress assuming only industry supported R& D and continuing reductionsin
corporate R&D budgets. With the scale-back in mgjor company R&D outlays and the
dominance of independent producers, who fund little R& D in unconventional gas, the pace
of technology progress under Low Technol ogy was expected to be modest. For the Annual
Energy Outlook 2003 (AEO2003), the Low Technology case represents an R& D outlook
wherethe effects of the various technologies are generally about 15 percent lessthan in the
Reference Case.

TheHigh Technology case developed by ARI for the UGRSS defined strong, focused and
integrated industry, DOE and GRI R&D programs in unconventional gas. It reflected the
levels of investment and progress achieved during the late 1980's and early 1990's when
DOE and GRI R& D programs and industry’ s own commitment to unconventional gaswere
high and highly productive. For the AEO2003, the High Technology case represents an
R& D outlook where the effects of the various technologies are generally about 15 percent
greater than in the Reference Case.
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Figure 4D-1
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. Reference Case without DOE R& D (either direct or indirect) This case evaluates the future of
technology progresswithout the contributions of DOE R& D, keeping all other contributionsto the
Reference Case fixed. This case can be used to measure the “added value” stemming from DOE’s
R&D programs in unconventional gas.

The 11 high impact technology packages addressed by the UGRSS are listed bel ow:

1.

2.

10.

11.

Increasing the Resource Base with Basin Assessments.

Accelerating the Development of Emerging Plays and Expanding the Resource Base with
Play Specific, Extended Reservoir Characterization.

Improving Reserve Growthin Existing Fieldswith Advanced Well Performance Diagnostics
and Remediation.

Improving Exploration Efficiency with Advanced Exploration and Natural Fracture
Detection R&D.

Increasing Reserves Per Well with Geology/Technology Modeling and Matching.

Improving Well Performance with More Effective, Lower Damage Well Completions and
Stimulations.

Lowering Well Drilling and Completion Costs with Targeted Drilling and Hydraulic
Fracturing R&D.

Lowering Water Disposal and Gas Treating Costs by using New Practicesand Technology.

Improving Recovery Efficiencies with Advanced Well Completion Technologies such as
Cavitation, Horizontal Drilling and Multi-Lateral Wells.

Improving and Accel erating Gas Production with Other Unconventional Gas Technologies,
such as Enhanced CBM and Gas Shales Recovery.

Mitigating Environmental and Other Constraints that Severly Restrict Development.

Theimpact each of these 11 R& D packages hason unconventional gasdevel opment and the specific
“technology lever” used to model theseimpactsin the Supply and Technology Model isshownon Table4D-

1
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Table4D-1

Summary of Technological Progress

R& D Program General I mpact Specific Technology L ever
1. Basin Increases available Accelerates time hypothetical plays
Assessments resource base become available for development
2. Extended Increases pace of Accelerates pace of devel opment
Resource new devel opment for emerging plays
Characterization
3. Well Performance Expands resource Extends reserve growth for already
Diagnostics and base proved reserves
Remediation
4. Exploration and Increases success of Improves expl oration/devel opment
Natural Fracture devel opment success rate for al plays
Detection R&D
Improves exploration Improves ability to find best
efficiency prospects and areas
5. Geology/Technology Matches “Best Improves EURs/Well
Modeling & Matching Available Technology”
to play
6. Improved Drilling Improves fracture length Improves EURs/Well

and Completion
Technology

7. Lower Cost Drilling
and Stimulation

8. Lower Cost Water
and Gas Treating

and conductivity

Reduces drilling and Improves R/P ratios
stimulation damage

More efficient drilling Lowerswell drilling and

and stimulation stimulation capital costs

More efficient gas Lowers water and gas treatment
separation and water O&M costs
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9. Advanced Well Defines applicable plays Accelerates date technology is
Completion available

Introduces improved Increases recovery efficiency
version of technology

10. Other Recovery Introduces dramatically Accelerates date technology is
Technology new recovery technology available

Increases EURS/'Well and lowers

costs
11. Environmental Removes devel opment Increases basin areas available for
Mitigation constraintsin for devel opment

environmentally
sensitive basins

Thedetailed parameter valuesand expected impactsfor each technology caseareprovidedon Table
4D-2 for Coalbed Methane (CBM), on Table 4D-3 for gas shales, and Table 4D-4 for Tight Gas Sands.

The remainder of the enclosed materials describe for each technology area: (1) the technical
problem(s) currently constraining unconventional gas development; (2) the technology solutions and R&D
program being proposed; and, (3) the expected impact and benefits from successful development and
implementation of R&D, interms of increased volumes of lower cost unconventional gas production.
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Table4D-2
Details of Coalbed Methane Technological Progress

R& D Program CBM Technology Cases
Resource
Impacted Technology Current Reference Low High
Lever Situation Case Technology Technology
1. Basin Hypothetical || Date Not Year 2025 Not Available |Year 2021
Assessment Plays Available Available
2. Extended Emerging Pace of 30 to 60 -.7 yrlyear -.6 yrslyear -.8 yrslyear
Resource Basins Development |years (+20 |[(Max -20 (Max -20 (Max -20
Characterization years over |[fyears) years) years)
Developing
Basins)
3. Well Proved Reserve All Basins JAll Basins @ |All Basins @ |All Basins
Performance Reserves Growth with Proved [[2%lyr., 1.7%lyr., 2.3%./yr,
Diagnostics & Reserves @ ||declining declining declining
Remediation 3%lyr., (30 years) (20 years) (40 years)
declining
4. Exploration & [JAll Plays a. E/D 25% to 95% ||+.25%/year +.21%lyear +.29%/year
Natural Fracture Success from 2000 from 2000 from 2000
Detection R&D Rate (max 95%) (max 95%) (max 95%)
b. Random Identify “Best” | Identify “Best” |ldentify “Best”
Exploration 30% by Year |30% by year |30% by year
Efficiency 2017 2021 2014
5. Geology/ All Plays EUR/Well As +.17%/year +.14% +.19%
Technology Calculated ||(30 years) (30 years) (30 years)
Modeling and
Matching
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Table4D-2
Details of Coalbed Methane Technological Progress

R& D Program CBM Technology Cases
Resource
Impacted Technology Current Reference Low High
Lever Situation Case Technology Technology
6. Improved All Plays EUR/Well As +.33%/year +.28%/year +.38%/year
Drilling and Calculated  ||(30 years) (30 years) (30 years)
Stimulation
7. Lower Cost All Plays D&S As +.33%/year +.28%/year +.38%/year
Drilling & Costs/Well Calculated  ||(30 years) (30 years) (30 years)
Stimulation
8. Water and |Wet CBM Water & Gas |$0.30/Mcf -.67%l/year -.57%lyear - 7T7%lyear
GasTreating Plays Treating (30 years) (30 years) (30 years)
R&D 0&M
Costs/Mcf
9. Advanced Cavity EUR/Well As +20% +17% +23%
CBM Fairway Calculated ||(year 2016) (year 2020) (year 2013)
Cavitation Plays
10. Enhanced ECBM a. Recovery/ |As Not Available |Not Available +34.5%
CBM Recovery |[[Eligible Plays|| Efficiency Calculated (year 2022)
b. O&M As Not Available |Not Available |+$0.75/Mcf,
Costs/Mcf Calculated Incremental
11. EV Sensitive || Acreage 35% of Play ||Removed in Removed in Removed in
Environmental Plays Available Restricted 35 years 41 years 30 years
Mitigation (1%/yr from (.85%/ yr (1.15%/yr
lyear 2000) from year from year
2000) 2000)
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Table4D-3
Details of Gas Shales Technological Progress

R&D Program |[|Gas Shales Technology Cases
Resource
Impacted || Technology Current Reference Low High
Lever Situation Case Technology | Technology
1. Basin Hypothet- Date Available |Not Available |lYear 2025 |Not Y ear 2021
Assessment ical Plays Available
2. Extended Emerging Pace of 30to 60 years |[- 7 yrs/year |-.6yrs/year [--8yrs/year
Resource Basins Development [ (+20 years (Max 20 (Max 20 (Max -20
Characterization over years)
Developing years) years)
Basins)
3. Well Proved Reserve All Basins with [[A|] Basins |All Basins |All Basins
Performance Reserves Growth Proved 0 0
Diagnostics and Reserves @ @ 3./0_/yl’., @ o 3.45@./y|’,
Remediation 3%Iyr., declining 2.55 @/yr., declining
declining (30 years) declining (40 years)
(20 years)
4. Exploration & ||All Plays a. EID 25%1095%  |I+.25%/year |+.21%lyear |+.29%lyear
hatural Fracture Success from2000 |from2000 |from 2000
etection R&D Rate
(max 95%) [(max 95%) [(max 95%)
b. Exploration |Random |dentify |dentify Identify
Eff|C|enCy m Beﬂ“ 300/0 “ Beﬂ“ 300/0 “ Beﬂ“ 30%
by Y ear by year 2021 | by year 2014
2017
5. Geology/ All Plays EUR/Well As Calculated +.17%lyear |[+.14% +.19%
Technology (30 years)
Modeling and (30 years) (30 years)
Matching
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Table 4D-3
Details of Gas Shales Technological Progress

R&D Program [|Gas Shales Technology Cases
Resource
Impacted || Technology Current Reference Low High
Lever Situation Case Technology | Technology
6. Improved All Plays EUR/Well As Calculated |[+.33%/year +.28%/year +.38%/year
Drilling and (30 years) (30 years) (30 years)
Stimulation
7. Lower Cost |All Plays || D&S As +.33%/year |+.28%lyear |+.38%l/year
Drilling & CostgWell [Calculated (30 years) (30 years) (30 years)
Stimulation
8. Water and [[All Plays || Water & $0.30/Mcf  |-.67%lyear |[-.57%lyear [-.77%lyear
Gas Treating Gas Treating (30 years) (30 years) (30 years)
R&D O&M
Costs/Mcf
9. Multi- Eligible || Recovery As Not Not Not
Latera Plays Efficiency |Calculated ||Available Available Available
Completions
10. Other Gas |[Eligible |[la As Not Not Not
Shales Plays EUR/Well |Calculated |Available Available Available
Technology
b. O&M As Not Not Not
Costs/Mcf |Calculated ||Available Available Available
11.Environ- EV Acreage 35% of Play [[Removedin [Removedin [Removed in
mental Sensitive || Available |Restricted |35 years a1 years 30 years
L (.85%/ yr (1.15%/yr
Mitigation Plays (1%/yr from |from year from year
year 2000)  [2000) 2000)
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4D-10

Table4D-4
Details of Tight Gas Sands Technological Progress

R&D Program |[Tight Sands Technology Cases
Resource
Impacted Technology Current Reference Low High
Lever Situation Case Technology | Technology
1. Basin Hypothetical || a. Date Not Available |[Year 2025 Not Available |Year 2021
Assessment Plays Available
2. Extended Emerging Pace of 30 to 60 -1.2 yrs/year |-1.1yrslyear |-1.4 yrslyear
Resource Basins Development |years (+20 (Max -20 (Max -20 (Max -20
Characterization years over lyears) years) years)
Developing
Plays)

3. Well Proved Reserve San Juan JAll Basins @ |All Basins @ |All Basins
Performance Reserves Growth Basin @ 2%lyr., 1.7%lyr., 2.3%./yr,
Diagnostics and 3%lyr., declining declining declining
Remediation declining (30 years) (20 years) (40 years)
4. Exploration & |JAll Plays a. EID 30% to 95% ||+.25%/year +.21%l/year +.29%/year
Natural Fracture Success from 2000 from 2000 from 2000
Detection R&D Rate (max 95%) (max 95%) (max 95%)

b. Random Identify “Best” [ldentify “Best” |ldentify “Best”

Exploration 30% by Year |30% by year |30% by year

Efficiency 2017 2021 2014
5. Geology/ All Plays EUR/Well As +.17%lyear +.14% +.19%
Technology Calculated (30 years) (30 years) (30 years)
Modeling and
Matching
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Table4D-4
Details of Tight Gas Sands Technological Progress

R&D Program |[[Tight Sands Technology Cases
Resource
Impacted || Technology Current Reference Low High
Lever Situation Case Technology | Technology
6. Improved [[All Plays | a As +.33%/year (+.28%/year +(é308°/<;/;l:ese;r
Drilling and EUR/Well |Calculated [[(30 years) |(3o years) Y
Stimulation
7. Lower Cost (Al Plays D&S As -.33%/year -.28%lyear -.38%/year
Drilling & Costs’Wel |Calculated [[3°Ye¥®)  [(30years) | (30vears)
Stimulation I
8. Water and ||All Plays (|Water & |$0.15/Mcf (-.67%/year |-.57%/year i-3707%e/;’f:)“
Gas Treating Gas (30 years) |(30years) Y
R&D Treating
O&M
Costs/Mcf
9. Horizontal  [|Continuous|| Recovery |As +10% +8.5% +11.5%
Wells Sands Efficiency |Calculated [[¥ar2016)  |(year2020) |(year2013)
10. Other Tight [[Other EUR/Well |As Not Available  ([Not Available ~ +11.5%
Gas Sands Calculated (year 2022)
Technology
11 EV Acreage 35% of Removed in [Removedin  |Removed in
Environmental [|Sensitive || Available |Play 35 years 4(1835)’/?;? i (310 1":;@ i
Mitigation Plays Restricted  [[(1%/yr from |from year from year
year 2000)  |2000) 2000)
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1. Technology Packages

1. Increasing the Resour ce Base with Basin Assessments

Backaground and Problem

A large portion of the unconventional gas resource and many high potential gas plays are currently
categorized by the USGS as hypothetical resources. Because basic information is lacking on these plays,
industry is constrained in exploring or devel oping them in atimely fashion.

Technology L ever

A new round of fundamental “Basin Assessments’, aswereinitially sponsored by the DOE and GRI
on many of the gas basins and plays that are currently being developed, would provide a comprehensive
foundation of geologic andreservoir dataand aregional perspectivefor thecurrently designated hypothetical

plays.

Impacts and Benefits

The CBM basins and plays listed on Table 4D-6 are categorized as hypothetical and thus are
currently not available for CBM development. Tables 4D-7 and 4D-8 provide similar information on the
hypothetical gas shale and Tight Gas Plays. (The data and information in the 1995 USGS National
Assessment provide the foundation for the CBM, gas shales, and tight sands resource estimates on these
tables). Selected high potential basin and plays not evaluated by the USGS, such as the Wind River Basin
tight sands and the Deep Green River Basin CBM, were added from specia studies by Advanced Resources
International, Inc.

Reference Case Technology enables these plays to become available for industry consideration in
the year 2025. Low Technology keeps the situation as is, leaving the hypothetical plays unavailable for
development. High Technology makes these gas plays available for industry consideration 4 years earlier,
inyear 2021.

Reference Case Technology w/o DOE remains the same as the Reference Case because currently
DOE has no direct (or indirect) R&D in basin assessments for hypothetical unconventional gas plays. At
present, emerging resource and future gas studies supported by the Gas Research Institute and occasional
national-level resource assessments are the main contributor to Reference Case Technology.
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The specific parameter values for the technology cases, for al three of the unconventional gas
resources (CBM, gas shales and tight sands), are set forth in Table 4D-5 below:

Table4D-5

Parameter Valuesfor Basin Assessment Technologies

Technology Case Year Hypothetical
Plays Become Available
Current Situation Not Available
Reference Case Y ear 2025
Low Technology Not Available
High Technology Year 2021
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Table4D-6

Hypothetical CBM Plays and Resour ces

Undeveloped
Basins GasPlays Resource

(Bcf)
Appalachia N. Basin -- Syncline 3,300
Mid-Continent Forest City/Arkoma 1,152

Syncline

San Juan Southern (Menefee) 420
Uinta Sego 726
Piceance Deep Basin 2,304*
Green River Deep Basin 3,600*
Black Warrior Central Basin 224

Source: Advanced Resources, Internationa

*New Deep CBM plays added by Advanced Resources International, Inc.
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Table4D-7

Hypothetical Gas Shale Plays and Resour ces

Biogenic Gas

Undevel oped
Basin GasPlay Resour ces
(Bcf)

Appalachia Devonian Shale - 3508

Low Thermal Maturity '
Michigan Antrim Shale -

Undeveloped Area 13,937
Ilinois New Albany Shale -

Developing Area 1,985
Cincinnati Arch Devonian Shale 1,426
Williston Shallow Niobrara, 1575

Source: Advanced Resources, International
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Table4D-8

Hypothetical Tight Sands Plays and Resour ces

Undeveloped
Basin GasPlays Resour ces
(Bcf)
Appalachia Clinton/Medina Moderate 5,474
Clinton/Medina Low 2,400
Upper Devonian Moderate 743
Upper Devonian Low 1,260
Columbia Basin Center 6,300
Uinta Tertiary West 1,666
Basin Flank MV 5,004
Deep Synclind MV 1,274
Piceance N. Basin WF/MV 4,200
Green River Fort Union 1,686
Lewis 28,256
Deep MV 21,168
Deep Frontier 34,875
Wind River Fort Union/ Lance Deep 16,000*
MV/Frontier Deep 1250*
N. Great Plains Moderate Potential 12,784
Low Potential 6,745

Source: Advanced Resources, International

*New Tight Gas Plays added by Advanced Resources I nternational, Inc.
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2. Accelerating the Development of Emer ging Unconventional Gas Plays With
Reservoir Char acterization

Backaground and Problem

Much of the unconventional gas resource isin new, emerging plays and basins, such as the Raton,
Powder River, Piceance and Wind River basins. Reliable, rigorous information on the key reservoir
parameters controlling the gas production in these new, poorly defined gas playsis lacking. Also lacking
isinformation on how best to match technology to the geology and reservoir properties of these gas plays.
Because of thislack of information, industry assigns a higher risk when eval uating these basins and plays
and proceeds slowly during their initial development.

Technology L ever

Performing extended, three-dimensiona reservoir characterization studies of emerging plays,
partnering with industry in “wells of opportunity,” sponsoring rigorously evaluated technology and
geology/reservoir tests, and providing proactive technology transfer would help define and disseminate
essential information of high value to the E& P industry on the “emerging” gas plays.

Impacts and Benefits

The gas plays listed on Tables 4D-10, 4D-11 and 4D-12 are categorized as “emerging” for CBM,
gas shales, and tight sands. These plays currently entail higher risks and a slower pace of development,
estimated as a 20 year “ stretch-out” in field devel opment time.

Reference Case Technology removes the initial 20 year “ stretch-out” in development time for the
emerging playsin 29 years, at arate of .7 year of reduced time delay per year for CBM and gas shales. The
reference case removesthis stretch out timein 17 years, at arate of 1.2 years of reduced time delay per year
for tight sands. Low Technology removes the “stretch-out” period in 33 years at 0.6 years per year for
coabed methane and gas shales and 18 years at 1.1 years per year for tight sands. _High Technology
overcomesthe 20 year development “ stretch-out” timefaster, in 25 years, at arate of .8 yearsof reduced time
delay per year for CBM and gas shalesand in 14 years, at arate of 1.4 years of reduced time delay per year
for tight sands.
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The specific parameter values for the technology cases for all three of the unconventional gas
resources (CBM, gas shales, and tight sands) are set forth in Table 4D-9 below:

Table4D-9

Parameter Valuesfor Reservoir Characterization Technologies

Technology Case Development Constraints Rate of Constraint
on Emerging Plays Removal
Current Situation +20 years to development time Not removed
Reference Case a. Removed in 29 years, starting a. .7 year reduction/year

in 1997 for CBM and Gas Shales

b. Removedin 17 years, startingin | b. 1.2 years reduction/year

1997 for Tight Sands

Low Technology a. Removed in 33 years, starting in | a. .6 years reduction/year for
1997 for CBM and Gas Shales CBM and Gas Shales
b. Removedin 18 years, startingin | b. 1.1 years reduction/year for
1997 for Tight Sands Tight Sands

High Technology a. Removed in 25 years, starting in | a. .8 years reduction/year for
1997 for CBM and Gas Shales CBM and Gas Shales

b. Removedin 14 years, startingin | b. 1.4 years reduction/year for
1997 for Tight Sands Tight Sands
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Table4D-10

Emerging CBM Plays and Resour ces

Basin Gas Play Undeveloped
Resour ces (Bcf)
Appalachia N. Basin Anticline 4,971
[llinois Central Basin 582
Mid-Continent Cherokee/ArkomaBasin 1,718
Uinta Blackhawk Formation 1,290
Sego 726
Piceance Shallow Basin Margins 3,334
Raton North Area 1,792
South Area 1,176
Powder River Central Basin 4,474
Green River Shallow Areas 3,835
Deep Areas 3,600

Source: Advanced Resources, Internationa
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Table4D-11

Emerging Gas Shale Plays and Resour ces

Basin

Undeveloped Resour ces

GasPlays (Bcf)
Appalachia Devonian Shale -
Big Sandy Extension Area 9,000
Devonian Shale -
Greater Siltstone Area 2,832
Barnett Shale -
Fort Worth Main Area 6,885*

Source: Advanced Resources, Internationa

*New Gas Shale play added by Advanced Resources International, Inc.
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Table4D-12

Emerqging Tight Sands Plays and Resour ces

Basins GasPlays Undeveloped Resour ces
(Bcf)
Texas Gulf Coast Vicksburg 4,343
Olmos 2,871*
Per mian Abo 1,152*
Ft. Union/Lance Shallow 16,517*
Wind River ]
MV /Frontier Shallow 1,663*
Green River Fox Hills/Lance 27,633
Shalow MV 19,553
Lewis 28,256
S. BasnWF/MV 16,800*
Piceance i
N. BasinWF/MV 4,200
llessMV 3,246
Arkoma Atoka 520*
N. Great Plains Biogenic Gas, High Potential 1,796

Source: Advanced Resources, Internationa

*New Tight Gas plays added by Advanced Resour ces International, Inc.
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3. Extending Reserve Growth in Existing Unconventional Gas Fields with
Advanced Well Perfor mance Diagnostics and Remediation

Backaground and Problem

A review of the historical datashowsthat proved reservesin existing unconventional gasfieldsgrow
by 2 to 4 percent per year due to adjustments and revisions stemming from uphole well recompletions,
restimulation and more effective production practices. However, the pace of this non-drilling based reserve
growth hasbeen declining steadily as operatorsfaceincreasing difficultiesin identifying and diagnosing the
problems of low recovery efficiencies and underperforming unconventional gas wells.

Technology L ever

A rigorous unconventional gaswell diagnostics and remediation R& D program would provide the
appropriate set of tools for evaluating and targeting problem gas wells. 1t would also provide a basis for
designing and selecting the appropriate cost-effective well remediation technologies, helping support
continued reserve growth.

Impact and Benefits

Currently, the playslisted on Tables4D-14, 4D-15, and 4D-16 have proved resources of CBM, gas
shales, and tight sands. Based on the available data, improved well remediation and production practices
provide approximately 2to 3 percent annual growth in proved reserves, with anoticeable declinein growth
since the early 1990's.

Reference Case Technology starts with a3 percent annual reserve growth for gas shales playswith
existing proved reserves and declinesthe level of reserve growth over 30 years. Reference Case Technology
for tight sands and coalbed methane start with a 2 percent annual reserve growth (for plays with existing
proved reserves) and declinethelevel of reserve growth over 20 years. Low Technology provideslower and
declining reserve growth, starting at 2.55 percent per year for gas shales and 1.7 percent per year for tight
sands. Growth in the low technology case declines over 20 years for gas shales and over 15 years for tight
sands and coalbed methane. High Technology starts with a higher 3.45 percent annua growth in proved
reservesfor gasshalesand a 2.3 percent growth for tight sands and coalbed methane. Thisgrowth declines
over 35 years for CBM and gas shales and over 25 years for tight sands.
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The specific parameter values for the technology cases are set forth Table 4D-13 below.

Table4D-13

Parameter Valuesfor Advanced Well Performance

Diagnostics and Remediation Technologies

Technology Case

Applicable Basins

Reserve Growth Factor

Current Situation

Basing/Plays on Tables 4D-14,
4D-15, and 4D-16

2% - 4% with Recent Declines

Reference Case

Basing/Plays on Tables 4D-14,
4D-15, and 4D-16

a. 3%, Declining for Gas Shales

b. 2%, Declining for Tight Gas
and Coalbed Methane

Low Technology

Basins/Plays on Tables 4D-14,
4D-15, and 4D-16

a. 2.55%, Declining for Gas
Shales

b. 1.7% Declining for Tight Gas

High Technology

Basins/Plays on Tables 4D-14,
4D-15, and 4D-16

a. 3.45%, Declining for Gas
Shales

b. 2.3% Declining for Tight Gas
and Coalbed Methane
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Table4D-14

CBM Plays With Proved Reserves

Proved Proved
Basin GasPlay Reserves Reserves
(Bcf) 1/96 (Bcf) 1/97
San Juan North Basin (CO) 696 700
Cavity Fairway (NM/CO) 6,170 6,157
West Basin (NM) 586 550
East Basin (NM) 152 150
Warrior Shallow Basin Area 972 823
Unita Ferron Formation 400 400
Raton North Basin Area 0 31
Purgatory River Area 100 249
Powder River Shallow Basin Margin 100 150
Piceance Divide Creek 56 52
Appalachia Central App. Basin 1,137 1,172
Mid Continent Cherokee & Arkoma 130 130
TOTALS 10,499 10,564

Source: Advanced Resources, Internationa
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Table4D-15

Gas Shale Plays With Proved Reserves

Basins GasPlays Proved Proved
Reserves Reserves
(Bcf) 1/96 (Bcf) 1/97
Appalachia Devonian Shale -
Big Sandy Central
Area 1,360 1,470

Devonian Shale -
Big Sandy Extension

Area 340 330
Michigan Antrim Shale -
Developing Area 1,500 1,680
Fort Worth* Barnett Shale -
Main Area 208 270
TOTALS 3,408 3,750

Source: Advanced Resources, Internationa

*New Gas Shale plays added by Advanced Resources International, Inc.
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Table4D-16

Tight Sands Plays With Proved Reserves

Proved Reserves

Proved Reserves

Basin Gas Plays (Bcf) 1/96 (Bcf) 1/97
Appalachia Clinton/MedinaHigh 900 1,020
Upper Devonian High 3,600 3,700
San Juan Picture Cliffs 900 960
Central Basin/MV 5,200 5,300
Centra Basin/Dakota 2,700 2,600
Uinta Tertiary East 500 527
Basin Flask MV 10 9
Piceance S. Basin WF/MV 600 700
N. Basin WF/MV 150 140
llessMV 150 140
Green River Fox Hills/Lance 100 200
Lewis 100 95
Shallow MV 1,800 1,805
Frontier (Moxa Arch) 3,400 3,406
Wind River Ft. Union/Lance Shallow 150 210
MV/Frontier Shallow 300 300
Denver Deep J Sandstone 1,000 1,050
Louisiana/Mississippi Cotton Valley 4,200 4,500
Salt
Texas Gulf Coast Vicksburg 200 170
Wilcox/Lobo 2,400 2,580
Olmos 650 700
Permian Canyon 2,000 2,160
Abo 600 640
Anadarko Cleveland 400 496
Cherokee/Redfork 1,500 1,420
Granite Wash/ Atoka 380 364
N. Great Plains Biogenic Gas, High Potential 300 300
Arkoma Atoka 500 600
TOTALS 34,690 36,221

Source: Advanced Resources, International
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4. Improving Exploration Efficiency with Advanced Exploration and Natur al
Fracture Detection Technology

Backaground and Problem

In settings where the unconventional gas resource has sufficiently high gas concentration and is
intensely naturally fractured, this resource can be produced at commercial rates. Finding these settings of
high natural fracture intensity and diversity of orientation is a mgjor technical challenge and greatly
influences the economics of unconventional gas development. Currently, the USGS assumes that the
development of unconventional gas or continuous-type basins and plays will be based on a uniform, basin
wide devel opment plan rather than selective exploration for higher permeability areas. The R& D goal isto
develop and introduce improved exploration technology to enable producers to find the best, “ sweet-spot”
portions of these gas basins.

Technology L ever

A significant portion of DOE/NETL’s current R& D on low permeability gasreservoirsis directed
at technologiesand field projectson natural fracture detection and improved exploration technology. These
methods will help operators to identify, before drilling, the “sweet spots’ in otherwise tight reservoirs,
resulting in alarger initial portion of high productivity wells.

I mpacts and Benefits

Currently, unconventional gasplaysaregenerally assessed based on the perf ormance and economics
of the “average well” in the play. This assumes that large numbers of low productivity wells need to be
drilled to develop the higher productivity areas, increasing the threshold costs for the gas play.

Reference Case Technology addresses the question of exploration efficiency, the “c” factor in the
exploration efficiency equation, and enables the industry to find the “best 30 percent” of the basin in 20
years, by the year 2017. Reference Case Technology also improves the success rate of the play by .25
percent per year, starting in the year 2000. For all recovery types, Low Technology improves the success
rate of the play by .21 percent per year and enables industry to find the “ best 30 percent” of thebasinin 24
years. High Technology enables industry to reliably find the “best 30 percent” of abasin by the year 2014
for all recovery types. For this case the drilling success rate increases by .29 percent per year, all increases
starting in the year 2000.
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The specific parameter values for the technology cases, for al three of the unconventional gas
resources (CBM, gas shales, and tight sands), are set forth in Table 4D-17 below:

Table4D-17

Parameter Valuesfor Advanced Exploration
and Natural Fracture Detection Technologies

Level of Changein Drilling
Technology Case Exploration Efficiency Success Rate
Current Status Random 50% to 90% Success Rates
Reference Case Identify “Best” 30% of Play by Improves by .25%/year from
Y ear 2017 Y ear 2000
Low Technology Identify “Best” 30% of Play by Improves by .21%year from
Y ear 2021 Y ear 2000
High Technology Identify “Best” 30% of Play by Improves by .29%/year from
Y ear 2014 Y ear 2000
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5. Increasing Recovery Efficiency With Geology/Technology Modeling and
Matching

Backaground and Problem

Field devel opment plansand operationsare challenging to design for unconventional gasplays, given
the complex, difficult to measure and widely varying reservoir properties. As aresult, the selection and
application of “best available’ technology and production practices to optimize gas recovery has proven to
be difficult.

Technology L ever

The key task isimproved understanding of unconventional gas reservoir conditions and appraisals
of “best available” technology. For this, new research data on multi-phase relative permeability, stress
sensitive formations, and natural fracture patterns are essential. Also needed are advanced reservoir
simulators that can properly model these complex settings and behaviors, and thus provide more reliable
projections of gas recovery. These data and tools would allow more optimum selection of appropriate
technology for efficient field development.

I mpacts and Benefits

Currently, fields are designed with a variety of assumptions and “rules of thumb” about reservoir
propertiesand technol ogy performance, without consideration of thecomplex interaction of thereservoir and
the chosen technology. This leads to much lower than optimum gas recoveries per well.

Reference Case Technology increasesrecovery from new wellsby 5.1 percent in 30 years, a arate
of .17% percent per yearsfor all recovery types. Low Technology increasesrecovery from new wellsby 4.2
percent in 30 years at arate of .14 percent per years. High Technology increases recovery per well by 5.7
percent, at arate of .19 percent per year.
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The specific parameter values for technology cases are summarized in Table 4D-18 below:

Table4D-18

Parameter Valuesfor Geology/Technology
Modeling and M atching Technologies

Technology Case Improved Rate of Change
Recovery After 20 Years
Current Status As Calculated -
Reference Case 5.1% 17%lyear
Low Technology 4.2% .14%/year
High Technology 5.7% .19%/year
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6. Improving Well Performance With Lower Damage, More Effective Well
Completions and Stimulations

Backaground and Problem

Thepermeability in CBM, gasshaleand tight sand formationsiseasily damaged by use of chemicals,
gels, drilling muds and heavy cement, leading to underperforming wells. Improving well drilling,
completion and stimulation fluids and procedures would help improve recoveries from such wells,
particularly in multi-zone, vertically heterogeneous formations.

Technology L ever

R&D on formation and fluid compatibility, low damage fluids such as CO, or N,, improved rock
mechanics and stimulation models, underbalanced drilling, and improved proppant carrying fluids,
particularly for multi-zone reservoirs, could reduce formation damage, increase fracture length and
placement, and increase fracture conductivity, thusimproving reserves per well.

I mpacts and Benefits

Currently, hydraulic stimulations are short, poorly propped, and often ineffective. Also,
overbalanced drilling through the reservoir causes formation damage, leading to lower than optimum
recoveries per well and much less effective reserves to production (R/P) ratios, particularly in the
economically crucial first 5 years.

Reference Case Technology increases recovery per well by 10 percent in 30 years (at arate of .33
percent per year) for al recovery types. Low Technology increases recovery by 7%/, percent in 30 years (at
arate of .28% percent per year). High Technology increases recovery by 12Y/, percent in 30 years (at arate
of .38% percent per year).
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The specific parameter values for the technology cases are summarized in Table 4D-19 below.

Table4D-19

Parameter Valuesfor Lower Damage, M or e Effective
Well Completions and Stimulations Technologies

Technology Case Improved Well Recovery Rate of Change
After 30 Years
Current Status As Calculated -
Reference Case 10% (30 years) .33% year
Low Technology 7',% (30 years) .28%lyear
High Technology 12%% (30 years) .38%lyear
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7. Lowering Well Drilling and Completion Costs with Unconventional Gas
Specific Drilling and Hydraulic Fracturing R& D

Backaground and Problem

Well drilling and completion represent the primary capital cost items in unconventional gas
devel opment and placeahigh economic hurdle ontheseresources, particularly when these costs are assessed
using discounted cash flow analysis. Lowering well drilling and stimulation costs would significantly
improve the overall economics, particularly for the deeper, low permeability gas plays.

Technology L ever

R& D on advanced drilling and compl etion methods, particularly the use of downhole motors and
modified stimulation practices, will lead to faster formation penetration rates, smpler frac fluids, and thus
lower costs.

I mpacts and Benefits

Currently, drilling costsfor unconventional gasrangefrom$30to $100 per foot. However, tightness
in the rig market is putting pressure on drilling day-rates and pushing up costs. Stimulation costs add
$30,000 to $300,000 per well. These costs have declined over past years, but are now stabilizing. Thedecline
in D& C costs has sl owed appreciably as many of the easier cost cutting efforts have been accomplished and
the industry is returning to full capacity.

Reference Case Technology reduces drilling and stimulation costs by 10 percent, at a rate of .33
percent per year for 30 years. Low Technology reducesdrilling costsby 7.5 percent, at arate of .28 percent
per year for 30 years. High Technology reduces drilling costs by 12.5 percent, at arate of .38 percent per
year for 30 years.
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The specific parameter values for the technology cases are summarized in Table 4D-20 below.

Table 4D-20

Parameter Valuesfor Unconventional Gas Specific
Drilling and Hydraulic Fracturing R& D

Technology Case Reduction in Well D& C Rate of Change
Costs After 20 Years
Current Status As Calculated -
Reference Case -10% .33 %lyear
Low Technology -7.5% .28%lyear
High Technology -12.5% .38%lyear
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8. Lowering Water Disposal and Gas Treating Costs Through New Practices
and Technologies

Backaground and Problem

Disposing the produced water and treating the produced methane for CO, and N, contaminants add
significant costs to unconventional gas operations. Lowering these costs would improve the overall
economics of the gas plays, particularly those with high water production and CO, content.

Technology L ever

R& D onwater treatment, such asthe use of electrodialysisand reverse osmosis, and improved water
disposal practices, may lead to lower produced water disposal costs. R&D on gas treating, such asthe use
of advanced membranes, may help lower the costs of CO, and N, removal.

I mpacts and Benefits

Asof 1998 (the year the UGRSS was devel oped), the O& M costs for water disposal in ahigh water
producing gas play were about $0.05/Mcf. The O&M costs for CO, and N, removal were on the order of
$0.10/Mcf. Gas dehydration, lease fuel and gas compression cost $0.15/Mcf. The combined costs were
$0.30/Mcf for wet CBM and gas shale plays, $0.25/Mcf for dry CBM and Gas Shale plays, and $0.15/Mcf
for tight sand plays.

Reference Case Technology lowerstheO& M costsfor water disposal and gastreating by 20 percent,
equal to $0.06/Mcf for CBM and wet gas shales and $0.03 for tight sands, at arate of .67 percent per year
for 30 years. Low Technology lowers these cost by 17 percent or $0.05/Mcf for CBM and Gas Shale and
about $0.02/Mcf for tight sands, at arate of .57 percent per year for 30 years. High Technology lowersthese
cost by 23 percent, or $0.07/Mcf, at arate of .77 percent per year for 30 years, for CBM and wet gas shales
and $0.04/Mcf for tight sands, at the same rate.
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The specific parameter values for the technology cases are summarized Table 4D-21 below.

Table4D-21

Parameter Valuesfor New Practices & Technologies

for Water Disposal and Gas Treatment

Technology Case

Water Disposal/Gas Treating O& M Costs

Rate of Change

CBM and Wet Tight
Gas Shales Sands
Current Status $0.30/Mcf $0.15/Mcf -
Reference Case -20% ($0.06/Mcf) -20% ($0.03/Mcf) .67%lyear
(30 years) (30 years)
Low Technology -17% ($0.04/Mcf) -17% ($0.02/Mcf) 57%lyear
(30 years) (30 years)
High Technology -23% ($0.08/Mcf) -23% ($0.04/Mcf) T7%lyear
(30 years) (30 years)
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9. Improving Recovery Efficiency With Advanced Well Drillingand Completion
Technology

A. Coalbed M ethane

Backaground and Problem

Cavitation of CBM wellsin geologically favorable* cavity fairways’ provides gas production rates,
reserves, and recovery efficiencies far in excess of traditionally drilled, cased and hydraulically stimulated
wells. However, littleis known as to what combination of reservoir propertiesis essential or favorable for
cavitation, and little has been invested in cavitation science, design or operating procedures. Asaresult, only
one “cavity fairway” has been established in the United States to date -- in the central San Juan Basin.

Technology L ever

A limited R& D program, sponsored by DOE’ s SBIR program, isworking to identify other potential
“CBM cavity fairways.” The SBIR program has also supported the development of the first publicly
available CBM cavitation model, CAVITYPC. Expansion of R&D in CBM well cavitation could help
identify additional high productivity “cavity fairways’ and strengthen the scientific knowledge base on the
rock mechanics and flow equations that are at the heart of improving cavitation technology.

Impact and Benefits

Currently, one existing CBM play is being devel oped with cavitation, the central San Juan Basin.
Based on preliminary data, four additional CBM plays are candidatesfor cavitation, as shown on Table 4D-
23.

Reference Case Technology would improve recovery efficiency (and reserves per well) in the four
potential “cavitation plays’ by 20 percent over current well completion and stimulation methods and would
make this technology available in the year 2016.

Low Technology would improve recovery efficiency (and reserves per well) in the four potential
“cavitation plays’ by 17 percent over current well completion and stimulation methods but would not make
this technology available until the year 2020. High Technology would make an advanced version of
cavitation technology available by the year 2013, providing atotal improvement of 23 percent in recovery
efficiency and reserves per well in the four potential “cavitation plays’ listed on Table 4D-24.
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Thespecific parameter valuesfor thetechnology casesfor CBM are set forthin Table4D-22 below.

Table 4D-22

Parameter Valuesfor Advanced Well Drilling and Completion Technology: Coalbed M ethane

Technology Case Applicable CBM Plays Year Available Improvement in
Recovery/Efficiency
Current Status San Juan Basin Fairway Now (Already Included)
Reference Case Four New Cavity Fairways 2016 20%
Low Technology Four New Cavity Fairways 2020 17%
High Technology Four New Cavity Fairways 2013 23%
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Table4D-23

CBM Plays That Are Candidatesfor Advanced Well Cavitation

Basin Applicable CBM Status Undeveloped
Plays Resour ces (Bcf)
San Juan Cavity Fairway Existing 7,932
Uinta Ferron Fairway Potential 5,580
Raton Purgatory River Potential 4,271
Piceance Deep Basin Coals Potential 2,304
Green River Deep Basin Coals Potential 3,600

Source: Advanced Resources, International

*

Much of the San Juan cavity fairway has been developed accounting for 6.2 Tcf of proved reserves.
Devel opment of the remainder of the fairway and closer spaced infill devel opment al ong the western portion
of the fairway account for the undevel oped resour ces.
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B. Gas Shales

Background and Problem

Because gasshalesgenerally haveathick pay section, multiple productive horizons, and low vertical
permeability, horizontal wells have not been successful and, most likely, will not be atechnology of choice.
However, the use of multiple laterals may enable asingle vertical wellbore to contact and efficiently drain
avertically thick, heterogeneous gas shale formation. While multi-lateral wellsarein usein oil reservoirs,

no application of this technology to gas shalesis reported.

Technology L ever

A new program of using multi-lateral drillingin gas shale playswould need to beintroduced to have

thistechnology available during the forecast period.

I mpact and Benefit

Multi-lateral drilling technology would not be availablein any of thefour casesfor gasshalesduring

the forecast period.

Parameter Valuesfor Advanced Well Drilling and Completion Technology: Shale Gas

Table4D-24

Technology Case Year Available Improvement in
Recover y/Efficiency

Current Status Not Available Not Applicable

Reference Case Not Available Not Applicable

Low Technology Not Available Not Applicable

High Technology Not Available Not Applicable
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Table 4D-25

Gas Shale Plays That Are Candidatesfor Multi-Lateral Drillings

: Undeveloped
Basin Gas Play Current Status Resour ce (Bcf)

Michigan Antrim,

Developing Area Not Available 4,944

Antrim,

Undeveloped Area Not Available 13,937
Illinois New Albany,

Developing Area Not Available 1,985
Williston Shallow Niobrara Not Available 1,575

Source: Advanced Resources, International
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C. Tight Sands

Backaground and Problem

Horizontal wellsin geologically appropriate“blanket” typetight sand formations provideimproved
reservoir contact and, theoretically, considerably improved recovery efficiencies and reserves per well.
However, the performance of horizontal wellsin tight sand has been disappointing to date, raising questions
on appropriate reservoir settings, efficient placement and drilling damage. The DOE supported horizontal
well at the MWX site, drilled into the Corcoran Formation (1les/M esaverde) in the Southern Piceance Basin
quickly turned to water after high initial gas rates and was abandoned. Meanwhile, horizontal wells in
conventional oil and gasformations, such asthe Austin Chalk, and the offshore Gulf of Mexico, have shown
good performance.

Technology L ever

The DOE horizontal well project inthe Green River Basin may hel p define the appropriate geologic
settingsfor using horizontal wellsintight sand formationsand advance the essential |ow damagedrilling and
stimulation technologies for successful application of horizontal wells in these damage sensitive, low
permeability formations.

Impact and Benefits

Reference Case Technology would help define the appropriate settings for using horizontal wells
by the year 2016, providing a 10 percent improvement in recovery efficiency from selected tight sand
reservoirsand playsat costs comparableto current practices. Table4D-27 list thetight sands gas playsthat
could be applicable for horizontal wells.

Low Technology would introduce a 8'/, percent improvement in recovery efficiency in 2020 and
High Technology would provide a 11'/, percent improvement in recovery efficiency starting in 2013.
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The specific parameter valuesfor the technol ogy casesfor tight sands are set forth in Table 4D-26

below.

Table 4D-26

Parameter Valuesfor Advanced Well Drilling and Completion Technology: Tight Sands

Technology Case Applicable Tight Sand Plays Year Available Improvement in
Recovery/Efficiency
Current Status None Not Available Not Applicable
Reference Case See Table 4D-27 2016 10%
Low Technology See Table 4D-27 2020 8',%
High Technology See Table 4D-27 2013 11Y.,%
Energy Information Administration/Oil and Gas Supply Module Documentation 4D-43




4D-44

Table 4D-27

Tight Gas Plays Applicablefor Horizontal Well Technology,

Reference Case
Basin Gas Play Status Undeveloped
Resour ce (Bcf)
Appalachia Clinton/MedinaHigh | Potential 3,324
Denver Deep J Sandstone Potentia 2,534
Greater Green River Shallow Mesaverde Potentia 19,553
Frontier (Deep) Potential 34,875
Piceance llessMesaverde Potentid 3,246
San Juan Central Basin/Dakota | Potential 9,563
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10. Improving and Accelerating Gas Production With Other Unconventional
Gas Technologies

A. Coalbed Methane

Backaground and Problem

Laboratory tests demonstrate that injection of adsorbing gases such as CO, and N, into coal seams
can improve and accel erate the desorption of methane from the coal. However, major questions remain as
to how the injected gases will flow in the reservoir, how effectively these injected gases will contact and
displace the methane adsorbed on the coal's, and how to cost-efficiently treat the produced methane/inj ected
gas mixtures. Asaresult, only afew field pilotsin the San Juan Basin have been conducted using this high
potential CBM recovery process.

Technology L ever

A fundamental and comprehensive R& D program involving geologic, laboratory, and field studies
of enhanced CBM recovery (similar to those underway for enhanced oil recovery) would provide industry
the basic information on the feasibility of and appropriate settings for conducting enhanced CBM (ECBM).

I mpacts and Benefits

Based on potential accesstolow cost CO, and favorabl e geol ogic properties, the basinsand gasplays
listed on Table 4D-29 are considered candidates for enhanced CBM. However, since only limited pilot
testing of enhanced CBM is underway, commercial scale enhanced CBM is not currently available.

Reference Case Technology introduces new ECBM recovery technology that improves CBM
recovery efficiency by 30 percent, and makesthistechnology commercially availablein theyear 2026. Low
Technology introduces new ECBM recovery technology that improves CBM recovery efficiency by 25%,
percent but does not introducethistechnol ogy until year 2031. High Technology introducesamore efficient
ECBM technology in 2022 that improves efficiency by 34'/, percent. Enhanced CBM also entails higher
investment and operating costs for the injected gases of $1.00 per Mcf of incremental CBM produced in the
Reference Case, $0.75 per Mcf of incremental CBM produced in the high technology case, and $1.25 per
Mcf of incremental CBM produced in the Low Technology Case.
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Thespecific parameter val uesfor the enhanced technol ogy casesare set forthin Table4D-28 below.

Table 4D-28

Parameter Valuesfor Other Unconventional Gas Technologies
Improving & Accelerating Gas Production

Technology Case Year Available RecoveryEfficiency Costs
Current Status Under R&D As Calculated As Calculated
Reference Case 2026 Improves Recovery $1.00/Mcf of
Per Well by 30% Incremental CBM

Low Technology 2031 Improves Recovery $1.25/Mcf of
Per Well by 25%,% Incremental CBM

High Technology 2022 Improves Recovery $0.75/Mcf of
Per Well by 34%,% Incremental CBM

B. Gas Shales

At thistime no Other Gas Shales recovery technology has been defined. This technology lever is
available for future use.

C. Tight Sands

Only thehightechnol ogy case hasany effect from Other Tight Sandsrecovery technology. Recovery
efficiency isincreased by 11%,% in the year 2022.
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Table 4D-29

CBM Plays That Are Candidatesfor Enhanced CBM

Undeveloped Resour ces

Basins Plays (Bcf)
San Juan North Basin 4,446
Western 2,333
Eastern 1,154
Raton North Basin 1,792
South Basin 1,176
Uinta Ferron 5,580
Blackhawk 1,290
Sego 908
Piceance Divide Creek 1,457
White River Dome 746
Basin Margin 3,334
Appalachian Central 3,739
Northern - Shallow 1,641
Northern - Deep 3,300
Black Warrior Central 224
Shallow 1,710
Green River Basin Margin 3,899
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11. Mitigating Environmental and Other Constraints on Development

Backaground and Problem

Development of unconventional gas particularly in the Rocky Mountain basins, is constrained by
concerns over air quality, land disturbance, and water disposal and is restricted by wilderness set-asides.
Theseenvironmental constraintssignificantly slow the pace of drilling and exclude high potential areasfrom
access and devel opment.

Technology L ever

Theenvironmental constraintsmay bemitigated or overcomeby in-depth environmental assessments
of the major constraints, the introduction of environmentally enhanced E& P technology such as low NO,
compressors, improved water treatment and environmentally neutral disposal methods, and the drilling of
multiple, directional wells from asingle well pad.

Impacts and Benefits

Currently, the basins and gas plays listed on Tables 4D-31, 4D-32, and 4D-33 experience
devel opment constraints (in addition to constraintsfrom Federal | ease restrictions) that exclude asignificant
portion, up to 35 percent, of the productive acreage from development.

Reference Case Technol ogy removesthese environmental constraintsin 35years, startingintheyear
2000. Low Technology removes these environmental constraintsin 41 years. High Technology removes
these constraints in 30 years, starting in the year 2000.
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The specific parameter value for the technology cases for all three of the unconventional gas
resources(CBM, gas shales and tight sands) are summarized in Table 4D-30 below.

Table 4D-30

Technology Parametersfor Technologies
Mitigating Environmental & Other Constraints on Development

Technology Situation Environmental (EV ) and Other Constraints
Current Status 35% of AreaExcluded in EV Sensitive Basins
Reference Case Constraints Removed in 35 years @ 1%/year
Low Technology Constraints removed in 41 years @ .85%/year
High Technology Constraints Removed in 30 years @ 1.15%/year
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Table4D-31

CBM Plays/Basins With Environmental

Constraints on Development

Basin

Play

Undeveloped Resour ce (Bcf)

Uinta

Ferron*

5,580

Source: Advanced Resources, International

* Constraint removed in 1998 with approval of EIS

Table 4D-32

Gas Shale Play/Basins With Environmental

Constraints on Development

Basin Play Undeveloped Resour ce (Bcf)

Appalachia Devonian Shale -

Big Sandy Central 8,568

Devonian Shale -

Big Sandy Extension 9,000

Devonian Shale -

Greater Siltstone Area 2,832

Devonian Shale -

Low Thermal Maturity Area

3,528

Michigan Antrium Shale -

Undeveloped Area 13,937
[llinois New Albany Shale -

Developing Area 1,985
Willston Shallow Niobrara 1,575

Source: Advanced Resources, Internationa
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Table 4D-33

Tight Sands Plays/Basins With Environmental

Constraints on Development

Basin Play Undeveloped Resour ce (Bcf)
Uinta Tertiary East 4,891
Tertiary West 1,666
Basin Flank MV 5,004
Deep Synclina MV 1,274
Wind River Fort Union/Lance Shallow 16,517
MV/Frontier Shallow 1,663
Fort Union/ Lance Deep 16,000
MV/Frontier Deep 12,500
Appalachian Upper Devonian High 3,408
Upper Devonian Moderate 743
Upper Devonian Low 1,260
Greater Green River Fort Union 1,686
Fox Hills/ Lance 27,633
Lewis 28,256
Shallow MV 19,553
Deep MV 21,168
Frontier (Moxa Arch) 7,484
Frontier Deep 34,875
Piceance North Basin - WF/MV 16,800
South Basin - WF/MV 4,200
llessMV 3,246
Northern Great Plains High Potential 1,796
Moderate Potential 12,768
Low Potential 6,745
Colombia Basin Centered Gas 6,300

Source: Advanced Resources, Internationa
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Appendix 4-E. Offshore Supply Submodule



The Offshore Supply Submodule (OSS) is a PC-based modeling system for projecting the reserve additions
and production from undiscovered resources in the offshore Gulf of Mexico Outer Continental Shelf (OCS)
region.

This chapter discusses in detail the programming structure, design implementation, costing algorithms, and
input databases for resource description, technology options, and other key performance parametersthat were
used to develop the OSS modeling system. In the first section, the model components areintroduced. Thisis
followed by the process flow diagrams highlighting the major stepsinvolved in each of the components. The
chapter includes a characterization of the undiscovered resource basein the Gulf of Mexico OCS classified by
region and resource type (crude oil and natura gas). In the same section, the input database of resource
characteristics developed for OSS are described. The subsequent section deals with the rational e behind the
various technology options for shallow and deepwater exploration, development and production practices
incorporated in OSS. Thisisfollowed by adiscussion of the typical exploration, development, and production
scheduling assumed in the model. It coversthewell productivity and production profile parametersassumedin
OSS. The next section describes the unit cost equations utilized in the OSS to estimate the various costs
associated with exploration, development, and production operations in the Gulf of Mexico OCS. Thisis
followed by adiscussion of thefinancial analysisapproach and the discounted cash-flow methodology usedin
OSSto determine the profitability of crude oil and natural gas prospects, and to generate price-supply data. The
final sectionin thischapter deal swith the endogenous component of OSS that involves cal culation of reserves
and production for the total Gulf of Mexico offshore region.

INTRODUCTION

The OSS was developed offline from EIA’s Qil and Gas Supply Maodule (OGSM). A methodology was
developed within OGSM to enable it to readily import and manipulate the OSS output, which consists
essentially of detailed price/supply tables disaggregated by the Minerals Management Services(MMS) Gulf of
Mexico planning regions (Eastern, Central, and Western) and fuel type (oil or natural gas). Maps of thethree
Gulf of Mexico planning regions are presented in Figures 4E-1 through 4E-3.

Atthemost fundamental level, therefore, it isuseful to identify thetwo structural componentsthat make up the
OSS, as defined by their relationship (exogenous vs. endogenous) to the OGSM:

Exogenous Component. A methodology for devel oping offshore undiscovered resource price/supply curves,
employing arigorous field-based discounted cash-flow (DCF) approach, was constructed exogenously from
OGSM. This offline portion of the model utilizes key field properties data, algorithms to determine key
technology components, and algorithmsto determine the exploration, development and production costs, and
computes a minimum acceptable supply price (MASP) at which the discounted net present value of an
individual prospect equals zero. The MASP and the recoverabl e reservesfor the different fie dsare aggregated
by planning region and by resource type to generate resource-specific price-supply curves. In addition to the
overall supply price and reserves, cost componentsfor exploration, devel opment drilling, production platform,
and operating expenses, aswell as exploratory and devel opment well requirements, area so carried over tothe
endogenous component.
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Figure 4E - 1. Map of Western Gulf of Mexico Planning Area
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Figure 4E - 2. Map of Central Gulf of Mexico Planning Area
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Figure 4E - 3. Map of Eastern Gulf of Mexico Planning Area
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Endogenous Component. After the exogenous price/supply curves have been developed, they aretransmitted
to and manipulated by an endogenous program within OGSM. The endogenous program contains the
methodology for determining the devel opment and production schedule of the offshore Gulf of Mexico OCS
oil and gas resources from the price/supply curves. The endogenous portion of the model also includes the
capability to estimate the impact of penetration of advanced technology into exploration, drilling, platform, and
operating costs as well as growth of reserves.

PROCESS FLOW DIAGRAMS

The genera process flow diagram for the exogenous component of OSS model is provided in Figure 4E-4.
This component of the model is used to generate price-supply curvesfor usein the endogenous component of
the model. The general process flow diagram for the endogenous component of OSS mode! is provided in
Figure 4D-5. This component utilizes price information received endogenously from NEMS to generate
reserve additions and production response based on the supply potential made available by the price-supply
model.

CHARACTERIZATION OF GULF OF MEXx1IcO UNDISCOVERED RESOURCES

Thegreat bulk of undiscovered oil and gasresources are estimated to be in deeper waters of the Gulf
of Mexico OCS. Based on estimates developed in MMS's latest resource assessment, 2000
Assessment of Conventionally Recoverable Hydrocarbon Resources of the Gulf of Mexico and
Atlantic Outer Continental Shelf, as of January 1, 1999, approximately 56 billion of 71 billion
barrels of oil-equivalent crude oil and natural gas resources are in deepwater areas of the Gulf of
Mexico OCS, as shown below in Table 4E-1.
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Figure 4E - 4. Programming Structure of the Exogenous Component of the 0SS
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Figure 4E - 5. Programming Structure of the Endogenous Component of the OSS
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Table 4E-1. Recoverable Undiscovered Resources in the Gulf of Mexico
(Billions of Barrels of Oil Equivalent)

Water Depth Category Western Central Eastern Total
0-200 meters 4.783 7.434 2.780 15.005
200-800 meters 3.888 3.734 0.253 7.889
800-1600 meters 8.314 11.310 0.172 19.796
1600-2400 meters 7.273 12.742 0.535 20.551
> 2400 meters 2.022 4.017 2.143 8.166
All Depths 26.281 39.180 5.766 71.223

Source: Minerals Management Survey, 2000 Assessment of Conventional Recoverable Hydrocarbon
Resources of the Gulf of Mexico and Atlantic Outer Continental Shelf as of January 1, 1999, OCS report
2001-087.

Database of Undiscovered Oil and Gas Prospects

The resource distribution information received from MM S consisted of two sets of databases. Thefirst listed
typical recoveriesfor crude oil and natural gas, typical gas-oil-ratio for oil fieldsand typical condensateyield
for gasfields, and the proportion of oil and gas bearing fields. The other database listed a rank-ordered field
size distribution (in acre-ft) in each play. The parameters listed in the first database are:

Proportion gas bearing fields, fraction,

Qil recovery factor, Bbl/Acre-ft,

Gas-oil ratio for oil bearing fields, Scf/Bbl,

Gas recovery factor, Mcf/Acre-ft, and

Condensate yield for gas bearing fields, Bbl/MMCcf.

grONPE

However no information was available from these databases on the distribution between oil and gas fields.
Therefore, using spreadsheet analyses, different combinations of oil and gasfieldsin each play were assumed
until close matches were obtained for the following with the corresponding MM S values:

m Proportion gas bearing fields (number of gasfields/ total number of fieldsin the given play); and
m Tota oil and gasresource for each water depth range in each region
Once the distribution of oil and gas bearing fields for each play was established, the resource database
comprising of the field rank, field type (ail or gas), field size (0il and associated gas, or gas and associated

condensate) was combined with other field properties and parameters necessary for generating the required
inputs for the OSS to generate play-specific input database sets.
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Additional Required Input Data

Additional information that is needed to perform the economic evaluation of offshore crude oil and natural gas
fieldsinclude the following:

The Average API Gravity is used to compute a price penalty based on the quality of crude ail.
These data have been obtained from published averagesin the Gulf of Mexico, aswell asMMS
estimates.

The Average Gas-Oil Ratio is used to determine the total amount of associated/dissolved (A/D)
gasintheoil field.

The Average Condensate Yield isused to determinethe total amount of associated condensatein
the gasfidld.

The Average Water Depth isused for platform and well cost calculations. Average water
depth for each water depth class was determined from actual field datain different water
depth categories of the Gulf of Mexico.

TheTotal Exploration and Development Well Drilled Depthsarecritica factorsin drilling costing
algorithms. The depthsreflect the most likely future exploration and development well depthsin
each play and were based on actual well completion data.

Exploration and Development Drilling Success Rates are critical in determining the number of
well required to explore for and develop afield.

TECHNOLOGY OPTIONS

This section sets forth the technology choices for exploration, development and production of the Gulf of
Mexico offshore fields. The choices are consistent with current practices as well as projected technology
choicesfor fields that are dated to be developed in the near future.

The technology employed in the deepwater offshore areas to find and develop hydrocarbons can be
significantly different than that used in shallower waters, and represents significant challenges for the
companies and individualsinvolved in the deepwater devel opment projects. Some of the reasons behind this
are that the deepwater prospects:

4-E

-6

Arein apredominantly frontier exploration areg;

Arein locations that are more remote;

Have wellsthat produce at much higher rates; and

Are explored for and developed in significantly more extreme environmental conditions.
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In many situationsin the degpwater OCS, the choice of technology used in aparticular situation depends on the
size of the prospect being developed. For purposes of specifying technology choices in OSS, a standard
classification system for categorizing fields by size class was required.

The table below shows the distribution of field sizes by classes defined by US Geologica Survey (USGS),
which are used for specifying many of the technology assumptionsin OSS.

USGS Field Size Range
Class (MMBOE)
7 0.190 - 0.380

8 0.380 - 0.760

9 0.760 - 1.520

10 1.520 - 3.040

11 3.040 - 6.070

12 6.070 - 12.140
13 12.140 - 24.300
14 24.300 - 48.600
15 48.600 - 97.200
16 97.200 - 194.300
17 194.300 - 388.600
18 388.600 - 777.200
19 777.200 - 1554.500
20 < 1554.500

Technology Choices for Exploration Drilling

During the exploration phase of an offshore project, thetype of drilling rig used depends on both economic and
technical criteria. Offshore exploratory drilling usualy is done using self-contained rigs that can be moved
easily. For deepwater exploratory drilling, two types of drilling rigs are most commonly employed.

Semi-submersible rigs are floating structures that employ large engines to position the rig over the hole
dynamically. This extends the maximum operating depth greatly, and some of these rigs can be used in water
depths up to and beyond 3,000 feet. The shape of asemisubmersiblerig tendsto dampen wave motion greatly
regardless of wave direction. This allows its use in areas where wave action is severe.

Dynamically positioned drill ships are a second type of floating vessel used in offshore drilling. They are
usually used in water depths exceeding 3000 feet where the semi-submersible type of drilling rigs can not be
deployed. Some of the drillships are designed with the rig equipment and anchoring system mounted on a
central turret. The ship isrotated about the central turret using thrusters so that the ship alwaysfacesincoming
waves. This helps to dampen wave motion.

Water depth is the primary criterion for selecting a drilling rig. Therefore, OSS assumes the selection of
drilling rig type to be a function of water depth, as follows:
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Drilling Rig Type Water Depth (meters)

Jack-up < 200
Semi-submersible 200 —-900
Drillship > 900

Technology Options for Development/Production Structure

Six different optionsfor devel opment/production of offshore prospectsare currently assumedin OSS, based on
those currently considered and/or employed by operatorsin Gulf of Mexico OCS. These are the conventional
fixed platforms, the compliant towers, tension leg platforms, Spar platforms, floating production systemsand
subsea satellite well systems. Choice of platform tends to be a function of the size of field and water depth,
though in reality other operational, environmental, and/or economic decisions influence the choice.

1.

4-E

Conventional Fixed Platform (FP). A fixed platform consists of a jacket with a deck placed on top,
providing space for crew quarters, drilling rigs, and production facilities. The jacket is a tall vertica
section made of tubular steel members supported by piles driven into the seabed. The fixed platformis
economical for installation in water depths up to 1,200 feet. Although advancesin engineering design and
materials have been made, these structures are not economically feasible in deeper waters.

Compliant Towers (CT). The compliant tower is a narrow, flexible tower type of platform which is
supported by a piled foundation. Its stability is maintained by a series of guy wires radiating from the
tower and terminating on pile or gravity anchors on the sea floor. The compliant tower can withstand
significant forces while sustaining lateral deflections, and is suitable for use in water depths of 1,200 to
3,000 feet. A singletower can accommodate up to 60 wells, however, the compliant tower is constrained
by limited deck loading capacity and no oil storage capacity.

Tension Leg Platform (TLP). Thetension leg platformisatype of semi-submersible structurewhichis
attached to the sea bed by tubular steel mooring lines. The natural buoyancy of the platform creates an
upward force which keepsthe mooring lines under tension and helps maintain vertical stability. Thistype
of platform becomes aviable alternative at water depths of 1,500 feet and is considered to be the dominant
system at water depths greater than 2,000 feet. Further, the costs of the TLP are relatively insensitive to
water depth. The primary advantages of the TLP areits applicability in ultra-degpwaters, an adequate deck
loading capacity, and some oil storage capacity. |naddition, thefield production timelag for thissystemis
only about 3 years.

Floating Production System (FPS). The floating production system, a buoyant structure, consists of a
semi-submersible or converted tanker with drilling and production equipment anchored in place with wire
rope and chain to alow for vertica motion. Because of the movement of this structure in severe
environments, the weather-related production downtime is estimated to be about 10 percent. These
structures can only accommaodate a maximum of approximately 25 wells. The wells are completed subsea
on the ocean floor and are connected to the production deck through a riser system designed to
accommodate platform motion. This system is suitable for marginally economic fieldsin water depthsup
to 4,000 feet.

Spar Platform (SPAR). Spar Platform consists of alarge diameter single vertical cylinder supporting a
deck. It has atypical fixed platform topside (surface deck with drilling and production equipment), three
types of risers (production, drilling, and export), and ahull which ismoored using ataut caternary system
of 6to 20 lines anchored into the seafloor. Spar platforms are presently used in water depths up to 3,000
feet, although existing technology is believed to be able to extend this to about 10,000 feet.
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6. Subsea Wells System. Subseas system ranges from single subseawell tied back to a nearby production
platform (such as FPS or TLP) to a set of multiple wells producing through a common sub-sea manifold
and pipeline system to a distant production facility. These systems can be used in water depths up to at
least 7,000 feet.

Thetypical water depth and field size class ranges for selection of a given platformin the model is given
below:

Production Structure Water Depth (meters) Field Size Class Range
Fixed Platform <400 >12

Compliant Tower 400 - 600 >15

Tension Leg Platform 600 - 1500 >15

Floating Production System 400 - 1500 12-15

Spar Platform >1500 >12

Subsea Wells System All Depth Ranges <12

Technology Choices For Development Drilling

Pre-drilling of development wells during the platform construction phase is done using the drilling rig
employed for exploration drilling. Development wells drilled after ingtallation of the platform which also
serves as the development structure is done using the platform itself. Hence, the choice of drilling rig for
development drilling istied to the choice of the production platform.

Technology Choices for Product Transportation

It isassumed in the model that existing trunk pipelines will be used, and that the prospect
economics must support only the gathering system design and installation. However, in case of
small fields tied back to some existing neighboring production platform, a pipelineis assumed to
be required to transport the crude oil and natural gas to the neighboring platform.

EXPLORATION, DEVELOPMENT, AND PRODUCTION SCHEDULING

This section sets forth the descriptions, assumptions, methodology, and sources used for determining the
exploration, development, and production schedules assumed for various types of potential prospects that
remain to be discovered in the offshore Gulf of Mexico.

The typical project development in the offshore consists of the following phases. The pre-development
activities, including early field evaluation using conventional geological and geophysical methods and the
acquisition of theright to explorethe field, are assumed to be compl eted before initiation of the development
of the prospect:

m Exploration phase
— Exploration drilling program
— Deélineation drilling program
m Development phase
— Fabrication and installation of the development/production platform
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— Development drilling program

Pre-drilling during construction of platform
Drilling from platform

— Congtruction of gathering system
m Production operations

m Fied abandonment.

The timing of each activity, relative to the overall project life and to other activities, affects the potentia
economic viability of the undiscovered prospect. The modeling objective is to develop an exploration,
development, and production plan which both realistically portrays existing and/or anticipated offshore
practices and also alowsfor the most economical development of thefield. A description of each of the phases
is provided below.

Exploration Phase

An undiscovered field isassumed to be discovered by a successful exploration well (i.e., anew field wildcat).
Delineation wells are then drilled to define the vertical and areal extent of the reservoir.

Exploration drilling. Drilling of all exploration wells(i.e., thewildcat and all corresponding exploratory dry
holes) isassumed to beginin thefirst year of the field development project, and that exploration drilling takes
oneyear to complete. The exploration successrate (ratio of the number of field discovery wellsto total wildcat
wells) isused to establish the number of exploration wellsrequired to discover thefield. For al Gulf of Mexico
OCS prospects, OSS assumes that the exploration successrate is 1:4, i.e., for each successful well, atotal of
four wells need to be drilled.

Delineation drilling. The delineation well drilling program is assumed to begin the year after initiation of
exploration drilling, i.e., year 2 of the project. The delineation wells define the field location vertically and
horizontally so that the devel opment structures and wells may be set in optimal positions. In the engineering
costing model and for production operations, the delineation wells are treated as dry holes. The number of
delineation wells required to define each field is cal culated using the combined extension and devel opment
successrate (ratio of successful extension and development wellsto total extension and development wells).
Theduration of the delineation well drilling program is determined as afunction of the number of delineation
drilling wells, the averagetotal drilled depth, and the average drilling rate. The equationsfor drilling rates used
in the model are shown below for various depth categories:

Total Drilled Depth (feet) Average Drilling Rate (feet/day)
< 10,000 800 - 0.058 * Drilling Depth
>= 10,000 200

Theserelationshipswere devel oped based on an examination of drilling rates currently occurring in the Gulf of
Mexico.
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Development Phase

During this phase of an offshore project, the devel opment structures are designed, fabricated, and ingtalled; the
development wells (successful and dry) are drilled and completed; and the product transportation/gathering
systemisinstalled.

Development structures. The model assumesthat the design and construction of any development structure
begins in the year following completion of the exploration and delineation drilling program. However, the
length of time required to complete the construction and installation of these structures depends upon thetype
of system used. The table below lists the required time for construction and installation of the various
development structures used in the model. Thistime lag isimportant in all offshore developments, but it is
especialy critical for fieldsin deegpwater and for marginally economic fields.

Largefields (Field Size Class > 15)

Water Depth Construction and I nstallation Time (Years)

(meters) Fixed Platforms Compliant Towers Tension Leg Platforms Spar Platforms
0- 400 2 - - -

400 - 900 - 3 3 -
> 900 - - 4 3

Mid-sizefields (Field Size Class 12 - 15)

Fixed Platforms Floating Production Systems

0-400 2 -
> 400 - 2

Small fields (Field Size Class < 12)

Tied back to existing production facilities through subsea manifold and pipélines.
1 year

Theimportance of reducing thetime lag is addressed by assuming the use of early production techniques, such
as:

m Using simultaneous drilling and production operations, or

m Predrilling some of the devel opment wellsduring the timein which the devel opment structureis
being constructed and installed.

Development drilling program. The timing of the development drilling program is also determined by the
type of devel opment system assumed. When conventional fixed platforms are used, the following development
schedule is assumed.

m  Nopredrilling programisutilized. Use of afixed platform would delay initial production by 2 to
4 years, which is consistent with current offshore practices.

m Thedevelopment drilling program beginsthe year after the platforms areinstalled. All wellsare
drilled from the platform.

For all other types of development structures, including compliant towers, tension leg platforms, Spar
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platforms, and floating production systems, the following devel opment schedule is assumed:

m Thesubseadrilling templates are fabricated and installed the first year of structure construction;

m Predrilling of some devel opment wells beginsfrom amobilerig during thefirst year of structure
construction, and continues through the construction time;

m Theremaining wells are drilled from the structure beginning the year after installation; and
m The predrilled wells begin producing during the first year after installation of the structure.

Regardless of the type of development system used, the number of devel opment wells required to completely
develop the field is determined by the field size and estimated ultimate recovery per well. The Development
Success Rate (ratio of successful to total developmental wells) isused to establish the number of unsuccessful
wells that can be expected while drilling within the boundary of a known field. These development drilling
success rates are based on historical drilling data.

Thetimerequired to drill al wells, both successful and dry, depends on the number of wellsto bedrilled, the
average drilled depth and a corresponding average drilling rate:

Total Drilled Depth (feet) Average Drilling Rate (feet/day)
< 10,000 1000 - 0.0725* Drilling Depth
>= 10,000 250

These relationships are based on examination of drilling rates currently occurring in the Gulf of Mexico. Itis
assumed that 15 days are required to complete each well, after drilling iscomplete. Further, an equal number
of wells are assumed to be drilled each year.

Production transportation/gathering system. It isassumed in themodel that theinstallation of the gathering
systems occurs during the first year of construction of the development structure and is completed within 1
year.

Production Operations

Production operations begin in the year after the construction of the structure is complete. The life of the
production depends on the field size, water depth, and development strategy. The well productivities and
production profiles over the productive life are discussed below.

Typical production profiles. Typical oil and gas production profilesfor offshore development wellsare based
upon typical recovery profiles generated by using standard reservoir performance models. The Primary
Recovery Predictive Model (PRPM) for crude oil and Gas Systems Analysis Model (GSAM) for natural gas,
developed for Department of Energy’s Office of Fossil Energy, were used for this purpose. These models can
predict the deliverability of the reservoir and year-wise production performance as a function of reservoir
properties (area, thickness, porosity, permeability, lithology, depth, saturation, etc.) and technology, using
standard stream tube (for crude oil) and type curve (for natural gas) performance prediction techniques. The
associated gasrecovery in case of an oil well and the associated NGL (natural gasliquids) in case of agaswell
are caculated using aregiona average gas-oil ratios. The production profiles generated using the reservoir
performance model swere modified to reflect the platform capacity constraints, aswell aswellbore productivity
constraints not considered in the performance models. In order to generate the revised per well production
profiles, the producing life of each well isassumed to be 5 yearsfor asmall field, 10 yearsfor amid-sizefield,
and 15 yearsfor alarge field. The revised per well production profiles assumed in OSS are given below:
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Year in Percent of Total Ultimate Recovery

Production FIELD SIZE CLASS RANGE
4-9 10- 14 15-20

1 40.0 30.0 27.0
2 26.0 220 21.0
3 17.0 16.0 16.0
4 11.0 12.0 11.0
5 7.0 9.0 8.0
6 7.0 6.0
7 50 4.0
8 3.0
9 3.0
10 20

Productivity and number of wells. The number of producing oil / gaswells per field isakey input required
by OSS. For a particular field, the number of required wells is determined by using an average well
productivity (arrived at by summation of the annual production figures generated by the reservoir performance
models, PRPM and GSAM) as a function of field size class, divided into the field size to give the required
number of wells for the particular size field. The dataused for estimating recovery per well as afunction of
field sizein OSS are shown in Table 4E-2.

Table 4E-2. Average Size of a USGS Field Size Class, and Per Well Recovery

USGS Average SizePer Well Recovery

Class (MMBOE) (MBOE)
7 0.273 250.0
8 0.547 500.0
9 1.094 1000.0
10 2.189 1500.0
11 4.378 2000.0
12 8.741 2600.0
13 17.480 3300.0
14 34.990 4300.0
15 69.980 5500.0
16 139.960 6800.0
17 279.790 8500.0
18 559.580 10500.0
19 1119.160 13500.0
Notes:
1 Geometric means of USGS Fidd Size Classes ( = 1.44 * minimum of the range).
2. 1 BOE = 5.8 Mcf
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Abandonment Phase

The year when the project production reaches economic limit (operating costs exceed the revenues), definesthe
last year of production. The development structures and production facilities are abandoned in the year
following the cessation of production.

ENGINEERING COSTING ALGORITHMS

This section setsforth descriptions, assumptions, methodology, and reference sources used for determining the
engineering cost algorithms for key cost factors for developing and producing crude oil from the Gulf of
Mexico. The assumptions underlying the selection of technologies for field exploration, development, and
production represent the best industry practices subject to the ultimate project economics, and are based on
review of anumber of sources including a database of existing/proposed projects, past analytical works and
reports of ICF, MMS costing assumptions, and various other sources. The cost equations represent the
functional relationships between the cost components of the financial analysis model and the parameters
affecting them.

Capital Costs

Geological and Geophysical Activities. The cost to conduct the geological and geophysica (G&G)
assessment of the field is based on surveys of oil and gas industry expenditures. The cost of these activities
tends to be roughly 15 percent of the cost to drill and complete al exploration wells, including the field
delineation wells. In financial analyses, the portion of these costs associated with drilling the unsuccessful
wells (dry holes) is expensed in the year incurred (the first year of analysis), while the portion of the costs
associated with drilling successful wells is depleted using unit-of-production depreciation. However, since
most offshore exploration and delineation wells are plugged after drilling, all costsof al such wellsare assume
to be expensed in OSS.

Exploration and Ddlineation Well Drilling. The costs to drill an offshore exploration well can be divided
into the following three categories:

Fixed cost items - including wellhead and downhol e equipment, and rig setup;

2. Timedependent items- including rigs, barges, labor, service equipment rentals, and other support
services; and

3. Waell depth dependent items- including casing, tubing, cementing, and other equi pment associated
with drilling the well.

Exploration drilling costs estimated in the model for the two classes of drilling rigs are presented below:

Jack-Up Rigs ($/well)

Exploration Drilling Cost = 1,000,000 + 600* WD + (0.03*WD - 0.05*ED - 500)* ED
+ (15.0E-10*WD+3.2E-06)* ED?

Semi-Submersible Rigs ($/well)

Exploration Drilling Cost = 2,000,000 + 1,825*WD + (0.01*WD + 0.045*ED - 415)*ED

Dynamically-Positioned Drill Ships ($/well)
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Exploration Drilling Cost = 8,000,000 + 175*WD + (0.0525*ED - 600)*ED

where,
WD
ED

Water Depth (feet)
Exploration Drilling Depth (feet)

The engineering costing equations used for estimating exploration well drilling costs are al so used to estimate
the cost to drill field delineation wells (i.e., the wells drilled to define the extent of the field). The delineation
wells are treated as dry exploration wells.

Delineation Drilling Cost = 0.85* Exploration Drilling Cost

All costs associated with drilling the exploration wells are treated as intangible capital investments and are
expensed in the year in which they occur.

Production and Development Structure. The type of development structure depends primarily upon the
conditions of water depth, environmental hostility, and reservoir size. In some cases, the development
structures used for drilling production and injection wells also serve as the production facility.

Thetotal cost of the devel opment structuresisdistributed evenly over the time period between theinitiation of
construction and the installation of the structures. In each year during this development period, 90 percent of
these costs are treated as capitalized tangible investments and are depreciated beginning the following year.
Theremaining 10 percent of these costs are expensed in the year incurred. The costs associated with each type
of development and production structure considered in OSS are described in the paragraphs below. In all the
eguations for the various platforms shown in the paragraphs below:

NSLT = Number of Slots per Structure
WD = Water depth (feet)
NTMP = Number of Templates

1. Conventional Fixed Platform (FP). The following engineering costing equations are used to estimate
conventional fixed platform costs, which include design, fabrication, and installation of thejacket, pilings,
and the deck sections, as shown below:

Cost ($) = 2,000,000 + 9,000*NSLT + 1,500*WD*NSLT + 40*WD*WD

2. Compliant Tower (CT). The costing equation devel oped for compliant towersisexpressed as afunction
of water depth and is valid for water depths greater than 1,000 feet. Costs include those for the design,
fabrication, and installation of thejacket, pilings, deck sections, and mooring system (including guy lines),
as shown below:

Cost ($) = (NSLT + 30)*(1,500,000 + 2,000* (WD-1,000))

3. Tension Leg Platform (TLP). Tension leg platforms are designed primarily for use in deeper waters;
however, the costs are rel atively insensitive to water depths greater than 1,000 feet. The following costing
eguation includesthe design, fabrication, and installation of the deck sections, mooring system, and related
foundations, as shown below:

Cost ($) = (NSLT + 30)* (3,000,000 + 750* (WD-1,000))
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4. Spar Platform (SPAR). Spar platforms are a recent development. It is estimated that these types of
platforms would be dominant in the deepwater, and that they would be applicable in water depths upto
10,000 feet. The costs are shown below:

Cost ($) = (NSLT + 20)* (5,000,000 + 500* (WD-1,000))

5. Floating Production System (FPS). The costs to construct a FPS include not only the rig purchase,
fabrication, and installation costs, but also the cost to fabricate and install a flexible production riser
system, and are expressed by the following equation. Sinceflexible production risersare generally easier to
install and maintain than rigid risers, OSS assumes that production to a converted semi-submersible or
tanker is accomplished with flexible risers. The costs are shown below:

Cost ($) = (NSLT + 20)* (1,500,000 + 250* (WD-1,000))

6. SubseaWellsSystem. Sincethe cost to completeawell areincluded in the devel opment well drilling and
completion costs, OSS assumes no cost for asubseawells system. Typically subseawellsaretied back to
neighboring structures, and the only cost is the cost of the pipeline to connect the wells from the subsea
system to the platform.

Subsea Template | nstallation. The engineering costing model also assumesthat asubseatemplateisrequired
for al development wells producing to any structure other than afixed platform.

Cost of Subsea Template ($/well) = 2,500,000 * NTMP
These costs are also applicable to the subsea well systems tied back to neighboring platforms.

Development Well Drilling. During the field development phase of an offshore project, the type of structure
used to drill the development wells al so depends on both economic and technical criteria. The most important
factors affecting the selection of a drilling structure are the timing of the field development and the type of
production facility employed.

In al cases except afield where afixed platform is assumed to be installed, OSS assumes that pre-drilling of
development wellswill be carried out using the exploration drilling rig. It is assumed that wellswill bedrilled
from either asemi-submersiblerig or adynamically-positioned drill-ship. OSS assumesthat the cost to pre-drill
adry development well would be equd to the cost of drilling a delineation well using one of therigs listed
above. For a successful development well, the costs for completing and equipping the well are added to the
cost of drilling adry development well.

OSS further assumes that once the production structure is ready, the remaining development wells will be
drilled from the platform. The components of the engineering costing equations for development drilling are
similar to those presented earlier for exploration drilling, except for the following differences:

m The average time required to drill and complete a development well is much less than for an
exploration well.

m Thedrilling rig rates are much less for wells drilled from a platform or tower.

Thedry development well drilling costs do not include costs to complete and equip thewell (production casing
or production facility costs, i.e., flowlines, valves, etc.). OSSis set up to computethedry development drilling
well costs and well completion and equipment costs. The cost of successful development drillingiscalculated
by summing the dry development well drilling costs and the well completion and equipment costs.
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Dry Development Drilling Cost

For water depths less than or equal to 900 meters,

Cost ($/well) = 1,500,000 + (1,500 +0.04* DD)*WD + (0.035*DD - 300)* DD
For water depths greater than 900 meters,

Cost ($/well) = 5,500,000 + (150 + 0.004* DD)*WD + (0.035*DD - 250)* DD
where,

wD
DD

Water Depth, feet
Development Drilling Depth, feet

Well Completion and Equipment Cost ($/well)

Water Depth Development Drilling Depth (feet)

(feet) < 10,000 10,001-20,000 > 20,000
0-3000 800,000 2,100,000 3,300,000
> 3000 1,900,000 2,700,000 3,300,000

In the engineering costing model, 70 percent of the costs associated with drilling development wells are treated
as intangible capital investments, while the remaining 30 percent of the costs are considered to be tangible
investments, which are capitalized and depreciated over a10-year life. Inaddition, 30 percent of theintangible
costs are capitalized beginning the year after they are incurred. Remaining 70 percent of the intangible costs
are expensed in the year in which they occur.

Production Facility System. The cost to install production equipment on the development structure is a
function of the anticipated peak oil / gas production capacity for the structure. The following equations for
estimating facility costsinclude primary separation facilities, treating equipment, pumps, COmpressors, storage
systems, and associated piping and control systems:

For Oil Production

Oil Production Capacity: 0 - 10,000 bbl/day

Production Equipment Cost ($/well) = (540,000 +52.5*QMXOIL) / NSTRUC

Qil Production capacity: > 10,000 bbl/day

Production Equipment Cost ($/well) = (900,000 + 7.8*QMXOIL) / NSTRUC
For GasProduction

Gas Production Capacity, 0 - 20 MMcf/day

PRCEQP = (0.675 * QMXGAS) * 1,000,000/ NSTRUC
TOPEQP = (0.950 * QMXGAS) * 1,000,000/ NSTRUC

Gas Production Capacity, 20 - 40 MMcf/day
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PRCEQP = (13.5 + (0.275 * (QMXGAS-20)) * 1,000,000 / NSTRUC
TOPEQP = (19.0 + (0.225 * (QMXGAS-20)) * 1,000,000 / NSTRUC

Gas Production Capacity, 40 - 120 MMcf/day

PRCEQP = (19.0 + (0.181 * (QMXGAS-40)) * 1,000,000 / NSTRUC
TOPEQP = (23.5 + (0.100 * (QMXGAS-40)) * 1,000,000 / NSTRUC

Gas Production Capacity, > 120 MMcf/day

PRCEQP = (33.5 + (0.156 * (QMXGAS-20)) * 1,000,000/ NSTRUC
TOPEQP = (31.5) * 1,000,000 / NSTRUC

where,
NSTRUC = Number of Structures
PRCEQP = Processing Equipment Cost
TOPEQP = Topside Equipment Cost
QMXOIL = Peak Qil Production Capacity, bbl/day
QMXGAS = Peak Gas Production Capacity, Mmcf/day

For platforms producing primarly gas, thetop total costs of the topside facility is represented by the sum of the
processing equipment costs (PRC EQP) and the topisde equipment cost (TOPEQP).

The production facility costs are assumed to occur in the same year in which the development structure is
constructed. All of the production and injection equipment costs are treated as tangible investments and are
depreciated beginning the following year after costs are incurred.

Production Gathering System. All fields are assumed to utilize existing trunk linesin thevicinity of thefield.
Each development structure requires a gathering system. The average length of each gathering systemin the
different fields are assumed to be afunction of the size of the field. The following approximationsfor pipeline
costs were devel oped.

For all small fields (Field Size Class < 10), GATDIS= 1 mile

For all large fields (Field Size Class > 15), GATDIS = Data from Input Database

For all mid-sizefields (Field Size Class Range 10-15), GATDIS is determined by interpolating between the
values for the small and large fields.

OSS estimates the cost of constructing gathering system as follows:
Gathering Line Costs ($) = 250,000 * GATDIS* NSTRUC
where,
GATDIS = Average length of gathering system
NSTRUC = Number of structuresin the field

These costs are considered to be tangible capital investments and are capitalized the year following the
installation costs are incurred.

Structure and Facility Abandonment. The costs to abandon the development structure and production
facilities depend upon the type of production technol ogy used. The abandonment costsfor fixed platformsand
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compliant towers assume the structure is abandoned. The costs for tension leg platforms, converted semi-
submersibles, and converted tankers assumethat the structures are removed for transport to another location for
reinstallation. These costs are treated asintangible capital investments and are expensed in the year following
cessation of production. Based upon historical data, these costs are estimated as a fraction of the initial
structure costs, as follow:

Fraction of Initial Platform Cost

Fixed Platform 0.45
Compliant Tower 0.45
Tension Leg Platform 0.45
Floating Production Systems 0.15
Spar Platform 0.15

Thereisaprovision in the model to not include the abandonment costsin the economic eval uation of the Gulf
of Mexico OCS prospects. It is a user-defined analysis option.

Annual Operating Costs

Platform Operating Costs. In general, platform operating costs for al types of structures are a function of
water depth and the number of slots on the structure. These costs include the following items:

primary oil and gas production costs,

labor,

communications and safety equipment,
supplies and catering services,

routine process and structural maintenance,
well service and workovers,

insurance on facilities, and

transportation of personnel and supplies.

The equation used for estimating annual structure operating costsis asfollows:
Cost ($/structurefyear) = 1,265,000 +135,000*NSLT + 0.0588*NSLT*WD*WD

If water depth islessthan or equal to 1500 feet, WD = WDEP
If water depth is greater than 1500 feet, WD = 1500

where,
WDEP = Water depth, feet
NSLT = Number of Slots per Structure
QGAS = Gas Production Capacity
NSTRUC = Number of Structures

Operating Costsof Pipeline Oper ating System. Pipeline operating costs are estimated to be afunction of the
amount of oil and gas produced. Theinput database file for each of the water depth aggregated plays contains
thetypical transportation tariffs (in $/bbl of crude oil or $/Mcf of gas produced) for theseregionsandisusedin
the calculation of pipeline operating costs. These costs represent ashare of the operation of the existing trunk
linethat is proportional to the volume of oil and gas transported through the trunk line by the prospect under
consideration.
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FINANCIAL ANALYSIS AND PRICE-SUPPLY MODELING

Thefinancial analysisand price-supply model isthe off-line exogenous component of OSS. It consistsof aset
of algorithms that have been designed to systematically evaluate the relative economic potentia of the
undiscovered crude oil and natural gas prospectsin the Gulf of Mexico OCS. K ey reasonsfor the necessity of a
systematic financial analysis approach are:

m Torepresent all standard industry accounting practicesin determining the after-tax cash flow for
each year of apotentia project, including depreciation and expensing;

m Tosystematically represent all issues associated with prospect-specific resource characteristics,
technology choices, project scheduling, and costing;

m Torepresent all componentsthat are dependent on price, such astransportation tariff deductions
and API gravity adjustments;

m Torepresent al transfer payments, such astaxes and royalties, including government incentives
m To represent the time value of money; and

m To solve for the replacement cost, or that value which yields a zero net present value of the
combined yearly after-cash flow streams.

Thefinancia analysisagorithmsin OSSisaminimum supply price cal culation routine that usesthe method of
bisection to solve for the minimum required crude oil or natural gas price for a crude oil or natural gas
prospect, respectively, to be economic at aspecified rate of return. A discounted cash flow (DCF) calculationis
used to estimate the present net worth of the net inflow or outflow of money that occurs during a specified
period, as represented below:

Gross Revenue or Savings

less  Operating Expenses

less Tax Costs

less Capital Costs

= Cash Flow

Figure 4E-6 represents the process-flow diagram of the financial analysis routinesin OSS. In the following
sections, the key components and their methodol ogies are described in more detail.

Gravity Adjusted Revenues

The 1984 Nationa Petroleum Council (NPC) assessment of the potential of enhanced oil recovery (EOR)
devoted considerabl e attention to the value of crude ails of various composition. In general, low API gravity
oils (10-26° API) have less value because of a preponderance of heavy hydrocarbons (and perhaps sulfur)
which reducesthe volume of higher value refined products. In addition, special facilities (and higher costs) are
required to transport and refine heavier crudes. Although the pricing of crude oil is acomplex and intricate
process,
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Figure 4E - 6. Process Flow Diagram of the Discounted Cash Flow Financial Analysis
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the NPC EOR study was able to make the following simplifications, which have been adapted for usein OSS
as shown below:

m Thereference standard for crude oil is 40° API.
m If thetypical crude gravity for afield isat or above 32° API, the price penalty is $0.10 per degree

below 40° API.

m If thetypical crude gravity for afield is between 20° and 31° API, the price penalty is $0.20 per
degree below 40° API.

m If the typical crude gravity for afield is below 20° API, the price penalty is $0.40 per degree
below 40° API.

These penalties are cal culated from anominal price of $26.50 and are escalated for prices above or below this
price.

Co-product Valuation

In order to determine the value of associated/dissolved gas produced from oil-bearing fields, and the value of
condensate yield from gas-bearing fieldsin the Gulf of Mexico OCS, a co-product val uation methodology was
incorporated into the OSS. This assumes that the value of natural gas would be 68 percent of the energy-
equivalent value of crude oil at the nominal oil price established from recent trendsin valuations of crude oil
and natural gasinthe market. Thisvalueisused for all calculations of revenues from associated/dissolved gas
in oil-bearing fields and condensate yield in gas-bearing fields.

Capitalized and Expensed Costs

Capita investmentsin the OSS include expenditures for geologica and geophysical evaluations, exploration
drilling, delineation drilling, development drilling including pre-drilling, production structure, and gathering
pipeline system.

For tax purposes, the fastest method of deducting costsisto “expense” them in the year incurred, which means
to deduct them in full amount in the year incurred. However, tax law does hot permit “expensing” dl costs, but
instead permitsthese coststo be “capitalized” and deducted for tax purposes over aperiod of time greater than
ayear.

Pre-Development Costs which include geological and geophysical costs are depleted using “unit of
production” depreciation method described in the following section.

Exploration and Delineation Drilling Costs are treated as “intangible” investments and are expensed in the
year incurred.

Development Drilling Costs are split into tangible and intangible investment costs. In the OSS, 30 percent of
the costs are considered tangibleinvestment costs. Intangibledrilling costs are defined asthe cost of drilling cil
and gas wells to the point of completion. The model assumes that only 70 percent of the intangible drilling
costs may be expensed in the year incurred with the remaining 30 percent of the intangible drilling costs
“capitalized”.

Production Structure I nstallation Costs, like drilling costs, are split into tangible and intangibleinvestments.

The model assumesthat only 10 percent of the intangible structure installation costs may be expensed in the
year incurred and the remaining 10 percent intangible costs are “capitalized”.
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Operating Costs covering costsfor direct labor, indirect labor, materials, parts and suppliesused for operations
are modeled as structure operating costs in the OSS, and are expensed in the year they are incurred.

Capitalized itemsare depl eted by depreciation in the OSS. Thispermitsthe recovery of these expenditures over
a specified period of time, as described in the following section.

Depreciation Schedules Assumed

Annual taxableincome is reduced by an annual depreciation deduction or alowance that reduces the annual
amount of income tax payable to justify “a reasonable alowance for the exhaustion, wear and tear, and
obsolescence of property held by atax payer for the production of income.” A property is depreciable if it
meets these requirements:

m It must be used in business or held for the production of income;
m |t must have adeterminable life and that life must be longer than 1 year;

m It must be something that wears out, decays, gets used up, becomes obsolete, or losesvauesfrom
natural causes; and

m Itisplacedinserviceorisinacondition or state of readinessand availableto be placedin service.

Depreciation of tangible property placed in service after 1986 is based on using modified accelerated cost
recovery system (ACRS) depreciation for: (1) the applicable depreciation method, (2) the applicabl e recovery
period (depreciation life), and (3) the applicable first year depreciation convention. Modified ACRS
depreciation calculations relate to two of the following three depreciation methods modeled in OSS, ‘straight
line depreciation’ and ‘double declining balance'. Thethird method, ‘unit of production’ depreciation, isused to
alesser extent for tax deduction purposes but to a greater extent for shareholder reporting purposes.

1. Straight Line Depreciation. Straight line depreciation isthe simplest method of computing depreciation.
With the straight line method, depreciation per year is determined by multiplying the cost basis of a
property timesastraight line depreciation rate which isone divided by the allowabl e depreciation life, “n”
years. In equation form;

Straight Line Depreciation Per Year = (Cost) * (Un)

2. Double Declining Balance. Double declining balance depreciation applies a depreciation rate to a
declining balance each year. Using astandard approach, factorsfor each year in the depreciation life have
been developed, as shown in equation below:

Double Declining Balance Depreciation Per Year = (Cost) * (Adjusted Factor)
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The adjusted factors for two depreciation livesin the OSS, 5 years and 7 years, are given below:

Y ear 1 2 3 4 5 6 7
Life=7years 014 025 020 016 013 0.08 0.04
Life=5years 015 022 021 021 021

3. Unitsof Production. Units of production depreciation deductsthe asset cost over the estimated producing
life of the asset by taking annual depreciation deductions equal to the product of the “asset cost” timesthe
ratio of the “units produced” in adepreciation year, divided by “expected asset lifetime unit of production”.

Units of Production Depreciation Per Year = (Cost) * (Production in the Y ear)/
Total Recoverable Reservesin the Year

Federal Tax, Royalties, and I ncentives

A rigorous methodol ogy for computing federal taxes and producer royalties has been included inthe OSS. No
provision has been kept for State taxes as these are not applicable in Gulf of Mexico OCS, which are
exclusively Federal properties. Provision has, however, been kept for calculation of severance taxes and tax
incentives/credits, and have been set equal to zero for this analysis.

A federal tax rate of 34 percent on taxable income is assumed in the model. Royalty rates are set at 12.5
percent of the adjusted gross revenues. Royalty relief, as applicable under the Outer Continental Shelf Deep
Water Royalty Relief Act of 1995, have been incorporated as follows:

Water Depth Range Relief Volume Applicable (MMBOE)
200 - 400 meters 17.5
400 - 900 meters 52.5

> 900 meters 87.5

These figures set the limit on cumulative production of crude il or natural gasthat is not subject to royalty
from agiven field in each of the water depth classes. All production volumes in excess of these amounts are
subject to royalty deductions.

Discounted Net Present Value

The term discount refers to the “present worth” in economic evauation work. Compound interest is the
generally accepted approach for calculating return on investment in time value of money calculations. The
future value that is projected to be accrued from the investment of dollars today at a specified compound
interest rate is equal to the sum of the accrued interest and the initial principal invested. The concept of
“present worth” is just the opposite of compounding. The terms “discounting” implies reducing the value of
something and is equivalent to determining the present worth of afuture value. A discount rate of 10 percentis
the default value assumed for all investment decisions in the OSS, though this is a parameter that can be
specified by the user.

Net Present Value of After-Tax Cash Flow in year “IYR”
= (After-Tax Cash Flow) / (1 + Discount Rate)(IYR -12)

The previous sections covered the structure, methodol ogy, and key components of the exogenous portion of the
0SS whichisused to generate the price-supply curvesfor the offshore Gulf of Mexico OCS, i.e. the potentia
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supply from undiscovered resources at different nominal prices for crude oil and natural gas. These price-
supply data can be generated under a variety of economic scenarios and analysis options due to the modular
construction of the OSS. Having a separate exogenous component that can be used to study the impacts of
various policy, regulatory, and economic scenarios outside of the Oil and Gas Supply Module (OGSM) and
National Energy Modeling System (NEMS) hel ps to speed the computational process. Besides supply price
and reserves data, the exogenous component of OSS also transferskey cost data (exploration, drilling, structure
installation, and operations) and well counts required to develop the reservesin afied.

DEVELOPMENT OF RESERVES AND PRODUCTION TIMING

The endogenous component of the OSSisan integral part of OGSM. The primary purpose of thisendogenous
component is to make a redlistic forecast of offshore Gulf of Mexico OCS reserves development and
production performance over a study period of 15-20 years based on the information supplied to it, i.e., the
price-supply and other supply-side information generated in the exogenous module, and priceinformation for
crude oil and natural gas generated from the other demand-side components of NEM S, the Petroleum Market
Module (PMM) and Natural Gas Transmission and Distribution Module (NGTDM), respectively. The mode
has been designed to make investment and field devel opment decisionsfrom the perspective of afield operator,
and to incorporate real-life exploration and devel opment constraints faced by the operator.

The basic process-flow diagram of the endogenous component has aready been shown in Figure 4E-5. The
following sections are devoted to a more detailed discussion of the modeling approach.

Inferred Reserves

Thefirst task of the endogenous component of the OSSisto calculate theinferred reservesfor agiven year in
the study. Based on the regional wellhead prices supplied by PMM and NGTDM, the crude oil and natural gas
supply information generated in the exogenous component is skimmed to determine the total crude oil and
natural gas resources that are economic at those prices. It is basically the amount of crude oil and natural gas
resourcesthat are economic to explore, devel op, and produce from the remaining undiscovered prospectsin the
Gulf of Mexico.

INFERRED RESERVESy; fus = INFERRED RESERVESiyr.1, fuet + FIELD RESERVEStg, nfield

where,
iyr = Y ear under consideration
fuel = Fuel type, crude oil or natural gas
nfild = Fields remaining to be discovered

Inferred reservesthat do not get devel oped in the year they become economic get carried over to the next year
and are added to the inferred reserves that come onstream at the crude oil and natural gas wellhead supply
pricesin the next year.
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Theroutine also determines an average supply pricefor crude oil and natural gasfor thetotal inferred reserves
based on a weighted average of the individua prospect supply price. The weighting basis is the amount of
technically recoverable reserves in those prospects. The total number of exploration, development and dry
development wells, and the total number of production structures needed to devel op the different prospectsthat
sum up to the inferred reserves are also accounted for and carried along with the inferred reserves.

Proved Reserves
Dueto physical and monetary constraints, only aportion of theinferred reserves are assumed to be devel oped
in any given year. These are based on capital investment congtraints, infrastructure, and rig availability
constraints. OSS has been designed to develop the inferred reserves and generate proved reservesin agiven
year based on the number of development wells that can be drilled in that particular year. Historic drilling
activity levelsin the offshore Gulf of Mexico were used to characterize the current drilling level constraints.
The governing equations for calculating rig and drilling capacities are:

RIGS,, = rig_BO + rig_B1*RIGS., + rig_B2*gaspricey, + rig_B3*oilprice,,

ExpWéll;y, = exp_B0 + exp_B1*RIGS,,

DevWell,, = dev_BO + dev_B1*ExpWell,.s + dev_B2*RIGS,, + dev_B3*DevWell,.;

where,
RIGS =  offshorerig capacity
Expwel = exploratory wells
DevWell = developmenta wells
rig_BO, rig_B1, rig_B2, rig_B3 = estimated parametersfor rigs
exp_BO,exp_ B1 = estimated parameters for exploratory wells

dev_BO, dev_B1,dev_B2,dev B3 = estimated parameters for exploratory wells
iyr= year.

The ratio of development drilling wells available to be drilled based on the drilling constraints to the tota
number of development wells needed to develop thetotal inferred reservesin agiven year ismultiplied by the
total reserves for both crude oil and natural gasto project the proved reserves.

However, the model still has to decide between how much of the crude oil and how much of the natural gas
reserves will be developed. Historically, the development of a particular fuel type has been driven by the
“relative price-economics” of the development prospect for each of the two fud types, crude oil and natural
gas. Relative price economics is defined as the ratio of the price spread (difference between the average
minimum acceptable supply price of the resource remaining to be discovered and the wellhead fuel price) and
the fuel price (oil or gas wellhead prices). The higher the spread, the more economic it is to develop that
category of resource that remainsto be discovered. The proportion of development wellsto bedrilled for crude
oil and natural gas prospects is determined by these ratios.

Production

Proved reserves are converted to production based on reserves-to-production (R/P) ratios as defined in the
following equations.
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RESERVES-TO-PRODUCTION;,, = rp_BO0 + rp_B1*In(iyr + Model StartY ear - rp_B2)

PRODUCTION jyr = PROVED-RESERVESy jyr / RESERVES-TO-PRODUCTION-RATIO,,

where,
k = fuel type (crude ail or natural gas)
iyr = year under consideration.

Reserves Growth

Reserves growth includes those resources that are expected to be added to proved reservesin afield as a
consequence of extension of proved fields, through revisions of reserve estimates, and/or by addition of new
payzonesin thesefields. Also included in this category are resources expected to be added to reservesthrough
application of improved recovery technologies. OSS has been designed to allow the remaining proved reserves
at the end of the year to be adjusted by a certain multiplier to estimate additional reservesgrowth attributableto
these activities.

RESERVES GROWTH  iyr = (PROVED RESERVESy iyr - PRODUCTION i iyr)
* GROWTH RATE MULTIPLIER

where,
k

iyr

Fuel type (crude ail or natural gas)
Y ear under consideration

Advanced Technology | mpacts

Advances in technology for the various activities associated with crude oil and natural gas exploration,
development, and production can have a prafound impact on the costs associated with these activities and
hence on the profitability of the undiscovered crude oil and natural gas prospects. The OSS has been designed
to give due consideration to the effect of future advancesin technol ogy that may occur in thefuture. Sincethe
exogenous component of the OSS that generates price-supply information eval uates the various offshore Gulf
of Mexico prospects on the basi s of existing technology choices, some way of trand ating theimpact of future
advances in technology needs to be incorporated into the analytical approach.

The endogenous component of the OSS has been designed to modify the exploration, drilling, structure
installation, and operational costs associated with undiscovered prospects that have not been added to the
inferred reserves category. At the end of each year, exploration, drilling, structureinstallation, and operations
costs for al the crude oil and natural gas prospects that remain uneconomic investments can individually
reduced using unique factors for each of the cost components.

|VlASPnfield, iyr, fuel ,component = DRILLING MASP nfield, iyr, fuel, component* ADV TECH FACTOR

where,
nfield = A crude ail or natural gasfield
iyr = Y ear under consideration
fud = Crude oil or natural gas
component = Key cost components: Exploration, Drilling, Structure,

Operations

The minimum acceptable supply price (MASP) for each of the undiscovered remaining uneconomic prospect is
also adjusted accordingly.
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